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Abstract 

 
Rapid implementation of large-scale carbon capture and storage is necessary to limit global warming 

this century. Amongst various CO2 storage sites, depleted oilfields provide an immediate option since 

injection infrastructure is in place and there is an economic benefit from enhanced oil recovery. To 

design secure carbon storage in oilfields, we need to understand how the three fluid phases – CO2, oil, 

and water – flow simultaneously in the microscopic pore spaces of the reservoir. In this PhD thesis, we 

present a novel methodology to study three-phase flow in porous media, at various wettability and gas-

oil miscibility conditions, using X-ray microtomography. The use of X-ray imaging allows for a 

complete investigation of the pore-scale properties that control flow and trapping in three-phase flow, 

i.e., wettability order, spreading and wetting layers, and double/multiple displacement events. In 

addition, our advanced experimental and image analysis techniques permit access to key petrophysical 

properties including fluid saturations, capillary pressures, three-phase relative permeabilities and pore 

occupancy maps. The three-phase experiments we perform include unsteady-state and steady-state flow 

conditions and employ both laboratory-based and synchrotron X-ray sources. While laboratory-based 

scanners image the fluid configurations at the end of displacement or at steady-state equilibrium, 

synchrotron scanners allow us to capture the pore-scale dynamics during displacement.  

First, we investigate unsteady-state three-phase flow under near-miscible gas-oil conditions – where the 

gas-oil interfacial tension is ≤ 1 mN/m – and show that fluids display a unique behavior compared to 

that seen at immiscible conditions where the interfacial tension is larger by one order of magnitude. In 

a water-wet system, at near-miscible conditions, gas and oil appear to become neutrally wetting to the 

surface. This prevents oil from spreading in layers sandwiched between gas and water; the strict 

wettability order – water-oil-gas, from most to least wetting – seen at immiscible conditions breaks 

down. This facilitates the flow of oil and gas along the same path in the pore space occupying the centre 

of the larger pores, while water remains connected in wetting layers in the corners. While this behaviour 

is desirable for oil recovery, it can impact the storage security as oil can no longer trap CO2. In a weakly 

oil-wet system, the wettability order shifts from oil-water-gas to oil-gas-water as we move from 

immiscible to near-miscible conditions. As CO2 becomes the intermediate-wet phase, at near-miscible 

conditions, it forms spreading layers in the corners of the pore space. The existence of CO2 in spreading 

layers has huge implications on the storage design since its flow conductance is naturally restricted 

which implies that subsequent water injection is not necessary to prevent CO2 migration and escape.   

Next, we show that reservoir rocks can undergo severe wettability alterations rendering them strongly 

oil-wet. Under unsteady-state flow at immiscible conditions, we observe the predicted, but hitherto 

unreported, three-phase wettability order in strongly oil-wet rocks, where water occupies the largest 

pores, oil the smallest, while CO2 occupies pores of intermediate size. Although this wettability order 

is the same as that seen in a weakly oil-wet rock at near-miscible conditions, the pore-scale fluid 

configurations are different. While CO2, the intermediate-wet phase, spreads in layers at near-miscible 

conditions, at immiscible conditions, it exists in the pore space as disconnected ganglia. The existence 

of CO2 in disconnected clusters, at immiscible conditions, allows for the capillary trapping of gas by oil 

in the centre of the pores which is not possible when CO2 forms layers. However, capillary trapping of 

gas by water is still impossible at both miscibility conditions since gas is more wetting to the surface 

than water. This implies that water re-injection to disconnect the CO2 in the reservoir is unnecessary in 

both cases. 



  

8 

 

Using a synchrotron X-ray source, we then investigate the invasion pattern during unsteady-state two- 

and three-phase flow – water injection followed by gas – in a strongly oil-wet reservoir rock at 

immiscible conditions. During water injection, we observe that the displacement of oil by water is a 

drainage-like process, where water advances as a connected front displacing oil in the centre of the 

pores, confining the oil to wetting layers. The displacement is an invasion percolation process, where 

throats, the restrictions between pores, fill in order of size, with the largest available throats filled first. 

Moreover, we observe drainage associated pore-filling dynamics including Haines jumps and snap-off 

events. Subsequently, during gas injection, a distinct invasion pattern is observed for three-phase flow, 

where gas progresses through the pore space in the form of disconnected clusters mediated by double 

and multiple displacement events. Gas advances in a process we name three-phase Haines jumps, during 

which gas re-arranges its configuration in the pore space, retracting from some regions to enable the 

rapid filling of multiple pores. The gas retraction leads to a permanent disconnection of gas ganglia, 

which do not reconnect as gas injection proceeds. 

Lastly, we develop a novel experimental approach to investigate steady-state three-phase flow using 

pore-scale X-ray imaging. Our newly designed flow cell allows for the differential pressure across the 

system to be measured, enabling for the simultaneous determination of three-phase relative permeability 

and capillary pressure. We first investigate steady-state three-phase flow in a water-wet system at 

immiscible conditions, where the wettability order is water-oil-gas, from most to least wetting. We 

discover a unique flow dynamics where gas is disconnected across the system despite its continuous 

injection; gas flows by periodically opening critical flow pathways in intermediate-sized pores. We 

observe intermittent gas-oil and oil-water behaviour even under capillary-dominated conditions in 

three-phase flow. At steady-state conditions, it was impossible to displace the trapped gas in our water-

wet system since it is double capillary trapped by spreading, oil, and wetting, water, layers. Gas has the 

lowest relative permeability in the pore space, while oil the highest. Next, we study steady-state three-

phase flow in a mixed-wet system at immiscible conditions with an oil-water-gas wettability order. We 

observe that the gas flow is disconnected, similar to the water-wet system. However, intermittency was 

more pronounced in the mixed-wet system. The oil relative permeability was the highest in the pore 

space followed by water, then gas like the water-wet system. The impact of saturation history on gas 

and water relative permeabilities was larger than its impact on the oil relative permeability. Surprisingly, 

there was no gas trapping in the system due to its mixed-wet nature which prevents oil and water from 

completely surrounding the gas phase. 

This thesis presents an effective and universal methodology to study three-phase flow in porous media 

at the pore-scale using X-ray microtomography. While the results were strictly discussed in the context 

of subsurface storage and recovery, it can have implications for many other engineering applications 

including microfluidic devices, packed bed chemical reactors and catalysis. The findings of this thesis 

can be used to advise on the design of the optimal conditions to store as much CO2 as possible while 

maximizing oil production in CO2-enhanced oil recovery projects.   
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representing the pore occupancy of water, oil and gas in a water-wet rock after near-miscible gas 

injection. (c) An analysis of the capillary pressures to assess the formation of spreading oil layers at near-

miscible conditions in a water-wet system. In the grey-scale image (a) the order from brightest to darkest 

is water, rock, oil, gas. In (b), gas is shown in green, oil in red, while water (brine) in blue. In (c), Pc 

denotes the capillary pressure and subscripts w, o and g refer to water, oil and gas respectively. Data from 

section 3.1. ................................................................................................................................................. 160 
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gas injection. In the grey-scale image (a) the order from brightest to darkest is water, rock, oil, gas. In (b), 
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1 Chapter 1 
In this chapter, we will provide the reason behind selecting three-phase flow in porous media to be the 

topic of this PhD research. First, the introduction will address the worldwide increase in energy demand 

driven by the rapid growth in human population. Then, a description of the impact of harnessing fossil 

fuels, to supply this demand, on the climate and CO2 concentrations will follow. Carbon capture, 

utilization, and storage (CCUS) is then proposed as a part of the solution to prevent dangerous climate 

change. Next, will discuss how coupling CCUS with enhanced oil recovery (EOR) is the way forward 

for rapid large-scale implementation of CO2 storage. The chapter then highlights the importance of 

understanding three-phase flow in porous media for the optimization of CCUS and EOR in hydrocarbon 

reservoirs. Finally, the novel contributions of this PhD work to the three-phase flow literature, addressed 

using pore-scale X-ray imaging, and the structure of this thesis will be outlined. 

1.1 Population Growth and Energy Demand 
Today, there are 7.9 billion people on the planet and the number is projected to reach 10.9 billion by 

the end of the century according to the United Nations [1], see Fig. 1.1. This rapid growth in the world’s 

population and economy has led to a substantial increase in global energy demand over the years. The 

current world’s consumption of primary energy is 556 EJ with oil, coal, and gas holding the largest 

shares of the energy mix, 31.2%, 27.2% and 24.7% respectively [2], see Fig. 1.2. Renewables, nuclear 

energy, and hydroelectricity contribute to less than 17% of the world’s primary energy. The fact that 

almost 83% of the world’s energy supply comes from burning fossil fuels – i.e., oil, coal, and gas – 

cannot be ignored.  

1.2 Climate Change and CO2 Emissions 
Fossil fuels release large quantities of carbon dioxide into the atmosphere when burned for energy. 

Greenhouse gases such as CO2 trap heat in the atmosphere when emitted, raising the atmosphere’s 

temperature, and causing global warming. Over time, global warming is changing weather patterns and 

disrupting the usual balance of nature which poses many risks to human beings and the environment. 

Examples of these risks include hotter temperatures, more severe storms, rising sea levels, increased 

drought, melting polar ice, ocean acidification and water scarcity.  

Currently, almost 35 Gt of CO2 are emitted annually into the atmosphere just from burning fossil fuels 

[3], see Fig. 1.3. These emissions are the main contributor to the continuous warming of the earth’s 

surface, with global temperatures being the hottest in the past 2000-plus years [4]. Fig. 1.4 from NASA's 

Goddard Institute for Space Studies (GISS) illustrates that the year 2020 was the hottest year on record, 

since record keeping began in 1880, with an annual average temperature anomaly of 1.02 oC. With that 

said, immediate actions must be taken to limit anthropogenic CO2 emissions. According to the 

Intergovernmental Panel on Climate Change (IPCC), temperature rises must be limited to 2 oC this 

century in order to prevent dangerous climate change consequences [5].  
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Figure 1. 1. The world’s human population projection by the United Nations between the years 1950 and 

2100. From Roser [1].  

 

 

Figure 1. 2. (Left) World consumption of primary energy (EJ). (Right) Fuel shares of global primary energy 

(%). From BP Statistical Review of World Energy [2].  
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Figure 1. 3. Annual CO2 emissions released into the atmosphere from burning fossil fuels for energy. From 

Ritchie and Roser [3].   

 

 

Figure 1. 4. The change in global surface temperature relative to 1951-1980 average temperatures. From 

NASA/GISS [4].  
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1.3 Carbon Capture, Utilization and Storage 

(CCUS) 
With the continuous role of fossil fuels in providing most of the world’s primary energy, nearly all the 

assessment scenarios compiled by the IPCC that limit climate change to less than 2 oC require the large-

scale deployment of carbon capture, utilization and storage (CCUS) [5]. CCUS refers to the collection 

of carbon dioxide (CO2) from power generation plants, and other large industrial sources, and its 

transportation to the storage site, where CO2 is sequestered in deep geological formations. Capturing 

and storing CO2 emissions can directly eliminate their impact on climate change.  

Why is CCUS considered a vital component of the efforts to prevent dangerous climate change? 

Carbon capture and storage is thought of as a critical transitional technology, providing a short-term 

solution to mitigating climate change consistent with the continued use of fossil fuels while a more 

sustainable, low carbon energy system is developed in the long-term.  

This PhD thesis will focus on the storage aspect of CCUS, more specifically the residual (or capillary) 

trapping mechanism of CO2 that occurs inside the reservoir pore spaces. However, first, let us review 

all the potential methods by which CO2 gets stored once it is injected in underground formations:  

▪ Structural trapping: In this method, the upward movement and escape of CO2 into the 

atmosphere is prevented by an impermeable rock layer, also known as cap rock. This is similar 

to the traps in hydrocarbon reservoirs which hold oil and gas underground for millions of years.  

▪ Dissolution: Once CO2 is injected it can dissolve in the formation brine forming a denser phase 

that sinks deep in the reservoir, storing the CO2. 

▪ Mineralization (reaction): One of the chemical products of CO2 contact with brine is carbonic 

acid which can react with the host rock over thousands to millions of years forming solid 

calcium carbonates keeping the CO2 underground.  

▪ Residual (or capillary) trapping: In this last method, which is more rapid, the injected CO2 

gets segregated into disconnected clusters (or bubbles) in the pore space of the rock which 

hinders its flow potential in the reservoir. Thus, providing safe storage of CO2 over geological 

times. An example of this method is shown in Fig. 1.5. 

In order to optimize and improve the last CO2 storage mechanism (residual trapping), a detailed 

investigation of the pore-scale physics is required, which will be the focus of this thesis. This will be 

facilitated through the use of X-ray microtomography which allows for the fluids inside the rock pore 

space to be imaged as shown in Fig. 1.5.   

According to the International Energy Agency (IEA), 227 Gt of CO2 must be stored safely in 

underground locations by 2060 to limit temperature rise to below 2 oC [6]. While there are abundant 

storage sites either in deep saline aquifers or in oil and gas hydrocarbon reservoirs – where the estimated 

storage capacity potential is 5000 and 1000 Gt of CO2 respectively – the major challenge for carbon 

capture and storage technology is the cost. The deployment of CCUS is very expensive with costs 

widely varying dependent on the industrial capturing process, transportation type and distance, and 

storage prices [7].     
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Figure 1. 5. Diagram showing the implementation of residual (or capillary) CO2 storage trapping 

mechanism in an oil reservoir. In this method CO2 is broken-down into disconnected clusters in the pore space 

of the rock, and capillary forces prevent its movement, providing safe storage.    

1.4 CCUS in Enhanced Oil Recovery (EOR) 
One of the viable solutions to reduce the costs of implementing CCUS involves the storage of CO2 in 

oil and gas reservoirs. Injecting CO2 in hydrocarbon reservoirs as part of enhanced oil recovery (EOR) 

processes results in additional hydrocarbon recovery, generating revenue to off-set the costs of capture 

and storage [8]. Carbon dioxide flooding is an effective and well-established oil recovery mechanism 

that uses the experience of the oil industry to extend the lifetime of many reservoirs. The combination 

of CO2 storage with EOR offers immediate financial incentive as opposed to the storage of CO2 in saline 

aquifers which is considered a huge investment without obvious economic return. 

Furthermore, given the short time frame for the implementation of CCUS at a global scale, it is most 

practical in oil and gas reservoirs, where the infrastructure including facilities, pipelines, and injection 

wells, as well as detailed knowledge of the fields already exist.  

In fact, almost 95% of the 31 Mt of CO2 captured annually is injected in oil reservoirs as part of EOR 

projects [9]. Fig. 1.6 shows a map of the carbon capture and storage projects around the world 

illustrating that most of the captured CO2 is injected for CO2-EOR applications. Nonetheless, the goal 

of most CO2-EOR projects is to solely improve oil recovery rather than store CO2. Hence, the injected 

CO2 is typically designed to be fully miscible with the resident oil, where CO2 dissolves in oil forming 

a single phase, allowing for a complete oil displacement efficiency. However, this usually results in the 

recycling of the injected CO2 in the reservoir – as CO2 gets produced with oil – and therefore, does not 

mitigate the impact of CO2 on climate change.  

For the CO2 to remain safely stored in CO2-EOR applications, it must be injected at immiscible or near-

miscible conditions, where CO2 exists as a separate phase in the reservoir – does not mix with oil – 

minimizing its production back out of the reservoir. Although altering the CO2 injection conditions in 

CO2-EOR to maximize the amount of CO2 trapping comes at a cost, it is not economically unfeasible. 

Especially that it is now clear that coupling CCUS with EOR is the way forward towards a future with 

net zero carbon dioxide emissions. 

The storage of CO2 in oil reservoirs as part of EOR processes will be the topic of this PhD thesis. The 

work will focus on investigating three-phase flow at the micro-scale – also called the pore-scale – to 
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discover the physics of displacement at immiscible and near-miscible gas-oil conditions, where water, 

oil, and CO2 flow as distinct phases in the reservoir.  

 

Figure 1. 6. A map showing the carbon capture and storage (CCS) projects around the world. The map 

includes both operating and planned projects which capture, transport and store at least 500,000 tonnes of CO2 

per year. The colours differentiate between the application and storage site of the projects. From SCCS [10].  

1.5 The Role of Three-Phase Flow in Porous 

Media 
During CCUS-EOR processes, there is a simultaneous flow of three fluid phases, oil, water, and CO2, 

in the pore spaces of the reservoir rock. In order to optimize the local displacement efficiency, in terms 

of the amount of CO2 stored and oil recovered, we need to accurately characterize the three-phase flow 

pore-scale physics. A thorough study of the behaviour of fluids in the pores at the micro-scale, where 

the characteristic size is of 100s of micro-metre or lower, is essential to understand the CO2 trapping 

mechanism, especially residual (or capillary) trapping, and oil displacement processes, which will be 

the focus of this PhD work.    

Nonetheless, for an optimal design of CO2 storage in hydrocarbon reservoirs, an investigation of the 

macro-scale characteristics such as the spatial distribution of permeability and variable connectivity of 

the pore space – which occur at the scale of metres or centimetres – as well as locating fractures is also 

necessary, especially for the structural and dissolution trapping mechanisms. Furthermore, a 

comprehensive chemical characterization of the rock formation is crucial for an effective mineralization 

CO2 trapping. However, these properties will not be a topic of discussion in this PhD thesis.  
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1.6 Research Motivation  
Unlike two-phase flow in porous media, relatively few studies can be found in the literature on three-

phase flow at the pore-scale. This is mainly ascribed to two reasons: (i) the increasing difficulty of 

performing three-phase flow experiments; and (ii) the complex physical pore-scale processes that 

underly three-phase flow, which make it hard to verify and interpret the outcomes. As a result, even in 

this day and age of advanced technology, we still do not have a complete predictive understanding of 

three-phase flow in porous media. 

Nonetheless, with the recent development of three-dimensional X-ray microtomography, which allows 

for the in situ visualization of the fluids in the pore space, we finally have a tool to begin to understand 

the three-phase pore-scale processes [11, 12]. This non-invasive technology has been deployed 

extensively to investigate unsteady-state and steady-state two-phase flow [13-15]. However, in three-

phase flow, its scope has been limited to investigate unsteady-state flow at immiscible gas-oil conditions 

[16, 17]. Hence, there is a clear gap in the literature. We plan to bridge this gap by developing 

approaches to extend the reach of this tool, in three-phase flow, to study unsteady-state flow at near-

miscible conditions, and steady-state flow at immiscible conditions. As one of the pioneering works on 

three-phase flow X-ray imaging, we set the scene for future studies.  

1.7 Thesis Aim, Objectives, Contributions 

and Structure  
The aim of this PhD is to use X-ray microtomography to expand on the knowledge of the pore-scale 

physics that control three-phase flow in porous media at various wettability and miscibility conditions. 

We mainly focus on understudied three-phase flow topics such as near-miscible conditions, oil-wet 

wettability states, flow dynamics, and steady-state conditions, which will be investigated, for the 

first time, using X-ray imaging in this PhD thesis. The insights from this work are used to advise on the 

design of the optimal CO2 injection strategy to maximize the amount of CO2 trapped and oil recovered 

in CCUS-EOR projects.    

We perform a total of seven three-phase flow experiments combined with pore-scale X-ray imaging. 

These experiments include unsteady-state and steady-state flow conditions with static and dynamic X-

ray imaging. Dynamic imaging refers to fast synchrotron imaging, which allows to capture the flow 

dynamics, while static images are acquired using a laboratory X-ray machine at the end of the 

displacement. The novelty in each of the experiments is twofold: (i) the design of the experimental flow 

and imaging apparatus; and (ii) the new insights gained into three-phase flow pore-scale physics. The 

seven experiments are outlined in Table 1.1 with their respective contribution to the pore-scale three-

phase flow literature.  

This thesis is divided into seven chapters. The results are presented in chapters 3 – 6. Chapters 3 and 

4 will present the unsteady-state work investigated with static and dynamic imaging at near-miscible 

and immiscible conditions. A review of all the unsteady-state three-phase flow insights gained with X-

ray imaging will follow in chapter 5. Finally, chapter 6 will present the steady-state work at immiscible 

conditions.   
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The thesis will be structured as follows:  

▪ Chapter 2 will describe the fundamental equations and concepts that underly multiphase flow 

in porous media before providing a synthesized literature review on pore-scale three-phase flow 

studies. The importance of our work will be clearly highlighted in the literature review.  

▪ Chapter 3 will present the materials and methods, results, discussion, and conclusions of the 

near-miscible and immiscible unsteady-state experiments investigated with static imaging 

(EXP1, EXP2 and EXP3).  

▪ Chapter 4 will present the materials and methods, results, discussion, and conclusions of the 

two- and three-phase flow immiscible unsteady-state experiments investigated with dynamic 

imaging (EXP4 and EXP5).  

▪ Chapter 5 will provide a synthesized review of all the latest insights gained into unsteady-state 

three-phase flow using three-dimensional X-ray imaging; this will include work from this PhD 

and other studies in the literature. The analysis is then placed in a practical context by discussing 

implications for flow and trapping to suggest the optimum injection strategy to enhance the 

microscopic displacement efficiency for carbon storage and enhanced oil recovery projects. 

▪ Chapter 6 will present the materials and methods, results, discussion, and conclusions of the 

immiscible steady-state experiments investigated with static imaging (EXP6 and EXP7).   

▪ Chapter 7 will highlight the final remarks of this research and suggest topics for future work 
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Table 1. 1. A list of the novel experiments performed in this PhD thesis with their respective contribution 

to the pore-scale three-phase flow literature. * Is a two-phase flow experiment with novel findings.  

 Experiment Flow Type Miscibility Wettability Imaging 

 EXP1 Unsteady-state Near-miscible Water-wet Static 

Novelty 
Designing the first experimental apparatus that allows for the investigation of near-

miscible gas-oil conditions using pore-scale X-ray imaging 

Major 

Findings 

The strict wettability order in the system breaks down at near-miscible conditions 

– oil and water become neutrally wetting to the surface in a water-wet rock  

Oil does not form layers sandwiched between gas and water despite having a 

positive spreading coefficient; instead, it exists in disconnected clusters 

 EXP2 Unsteady-state Near-miscible Weakly oil-wet Static 

Novelty 
First pore-scale X-ray imaging investigation of a weakly oil-wet system at near-

miscible conditions    

Major 

Findings 

CO2 becomes more wetting to the surface than water at near-miscible conditions; 

the altered wettability order is oil-CO2-water, from most to least wetting 

CO2, the intermediate-wet phase, spreads in layers in the corners of the pore-space 

of a weakly oil-wet system at near-miscible conditions 

The flow conductance of CO2 in the reservoir is significantly reduced at these 

conditions; water injection to limit the CO2 movement is unnecessary  

 EXP3 Unsteady-state Immiscible Strongly oil-wet Static 

Novelty 
Providing, for the first time, an experimental evidence of strongly oil-wet rocks 

using pore-scale X-ray imaging,  

Major 

Findings 

The wettability order is oil-CO2-water, from most to least wetting, in strongly oil-

wet rocks at immiscible conditions 

CO2, the intermediate-wet phase, exists in disconnected ganglia at immiscible 

conditions 

Capillary trapping of CO2 by water is not possible in strongly oil-wet rocks at 

immiscible conditions 

 EXP4* Unsteady-state Immiscible Strongly oil-wet Dynamic 

Novelty 
Investigating, for the first time, two-phase flow dynamics during water injection in 

a strongly oil-wet reservoir rock using pore-scale X-ray imaging 

Major 

Findings 

Water displaces oil in a drainage-like process, where water advances as a connected 

front displacing oil in the centre of the pores, confining it to wetting layers 

The displacement is an invasion percolation process, where throats, the restrictions 

between pores, fill in order of size, with the largest available throats filled first 

Drainage associated dynamics – Haines jumps and snap-off events – are observed 

during the displacement  

 EXP5 Unsteady-state Immiscible Strongly oil-wet Dynamic 

Novelty 
Investigating, for the first time, three-phase flow dynamics during gas injection in 

a strongly oil-wet reservoir rock using pore-scale imaging 

Major 

Findings 

Gas progresses through the pore space in the form of disconnected ganglia mediated 

by double and multiple displacement events in a strongly oil-wet rock 

Gas advances in a process we name three-phase Haines jumps, during which gas 

retracts from some regions to enable the rapid filling of multiple pores 

The gas retraction leads to a permanent disconnection of gas ganglia, which do not 

reconnect as gas injection proceeds 

 EXP6 Steady-state Immiscible Water-wet Static 

Novelty 

Developing a novel experimental approach to combine steady-state three-phase 

flow techniques with pore-scale X-ray imaging for the first time 

Designing a new flow cell that allows for the simultaneous injection of three fluid 

phases while recording the pressure drop across the system which enables for the 

simultaneous determination of three-phase relative permeability and capillary 

pressure on the same sample 
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Major 

Findings 

Gas is disconnected at steady-state conditions in a water-wet system; gas flows by 

periodically opening critical flow pathways in intermediate-sized pores 

Intermittent gas-oil and gas-water flow occurs in three-phase flow even under 

capillary-dominated displacement conditions 

As gas invades the pore centres it is impossible to displace it at steady-state 

conditions since it is double capillary trapped by both oil and water layers 

The gas relative permeability was the lowest since it was disconnected in the pore 

space and oil the highest as it was connected in medium-sized pores 

 EXP7 Steady-state Immiscible Mixed-wet Dynamic 

Novelty 
Investigating, for the first time, three-phase steady-state flow conditions in a mixed-

wet reservoir rock using pore-scale X-ray imaging 

Major  

Findings 

The wettability order in the mixed-wet system is oil-water-gas, from most to least 

wetting 

Intermittent gas-oil and oil-wet flow behaviour was observed under capillary 

dominated conditions; both intermittencies occurred in intermediate pores 

Gas advances in the form of disconnected ganglia mediated by double and multiple 

displacement processes 

Oil relative permeability was the highest in the pore space followed by water, then 

gas 

The impact of saturation history on gas and water relative permeabilities was larger 

than its impact on the oil relative permeability 

There was no gas trapping in the mixed-wet system 
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2 Chapter 2 
This chapter will start by reviewing the physics controlling multiphase flow in porous media. A 

description of the pore-scale phenomena that are unique to three-phase flow will follow. Next, the 

chapter will briefly highlight the current state-of-the-art of the X-ray imaging technology and how it 

can be used to improve our understanding of multiphase flow processes. An in-depth, synthesized 

literature review of the published studies on the flow of three phases in porous media is then presented. 

In the later section, (2.2), we will highlight the gaps in the literature and link it to the experiments we 

perform to shed a light on the importance and novelty of our work. The chapter ends with a list of the 

research questions that will be answered in this PhD thesis. 

2.1 Theory 

2.1.1 Fluid Flow in Porous Media 

2.1.1.1 Darcy’s law and permeability  

The ability of a porous medium to transmit fluids is controlled by a property known as permeability. 

The permeability of a medium is related to its porosity, pore structure and connectivity. This intrinsic 

property is primarily quantified using Darcy’s Law. This law was first proposed by the French engineer 

Henry Darcy in 1865 for the flow of water in sand filters (single-phase flow) [18]:  

                                                                𝑞 = −
𝐾 

µ 
(

𝜕𝑃

𝜕𝑥
− 𝜌𝑔)                                                               (2.1)  

where q is the Darcy velocity, which is the volume of fluid flowing per unit area of the porous medium, 

𝜕P/𝜕x is the macroscopic pressure gradient along the length of the core in direction x, µ is the fluid 

viscosity, g is the acceleration due to gravity, 𝜌 is the density, and K is the permeability – also known 

as absolute permeability – which has units of length squared. 

An illustration of Darcy’s law parameters on a core plug – a piece of rock – is shown in Fig. 2.1. 

According to Darcy’s law, the fluids in the pore space flow from higher to lower pressures. 

 

Figure 2. 1. An illustration of a cylindrical core plug showing the Darcy law parameters used to determine 

the absolute permeability of a rock. Where Q is the volumetric flow rate, A is the cross-sectional area, L is the 

length of the core, and Pin and Pout are the pressures at the inlet and outlet respectively. In a flow experiment Q, A 

and L are controlled, while Pin and Pout are measured externally to quantify the permeability.   

Permeability is typically measured by recording the pressure drop across the sample while injecting a 

fluid through it. Permeability measurements can be performed on samples ranging from small core 

plugs to full diameter cores. Traditional permeability determination methods include steady-state, 
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unsteady-state and whole core methods. At the field-scale, permeability can be determined using well-

test analysis techniques from field pressure and rate data.  

2.1.1.2 Interfacial tension and capillary pressure  

While the derivation of Darcy’s law assumes the presence of a single phase in the porous medium, we 

typically encounter the existence of multiple fluids in the pore space, e.g., the simultaneous flow of oil-

water, gas-water or gas-oil-water can occur in hydrocarbon reservoirs. The arrangement of these fluids 

with each other and the solid phase is locally controlled by an energy balance. 

First, let us consider the case when two immiscible fluids are in contact with each other in a free space 

(no solid is present), e.g., a gas bubble in a water bath, as shown in Fig. 2.2. We observe that as the 

fluids come in contact, a distinct interface separating the two fluids is formed. The fluids will then re-

arrange themselves to minimise the surface area of that interface, which is why gas forms a spherical 

shape in a water bath – a sphere has the lowest area per unit volume. From this we can define a property 

known as interfacial tension, 𝜎, which is the energy per unit area of the interface between the fluids. In 

other words, it is the energy penalty of breaking the intermolecular forces between the two fluids and 

themselves.  

 

Figure 2. 2. (a) A schematic illustrating the arrangement of gas and liquid in free space. It indicates that 

when two immiscible fluids are in contact, a distinct interface separating the two fluids is formed. The fluids re-

arrange themselves to minimise the area of that interface, which is why a gas bubble forms when it is in contact 

with water: this configuration has the lowest surface area per unit volume. (b) A diagram illustrating a small 

expansion of the interface separating the gas and water phases in (a), where r1 and r2 are the principal radii 

of curvature of that interface. Pgas and Pwater refer to the pressures of gas and water respectively.  

The existence of a curved interface between the fluids results in a different pressure within each fluid 

phase. Consider the gas bubble shown in Fig. 2.2 again. The phase that is bulging outwards, the gas 

phase, has higher pressure compared to the water phase. The pressure difference between the two phases 

is called the capillary pressure [18]:  

                                                                    𝑃𝑐 = 𝑃1 − 𝑃2                                                                     (2.2)  

where Pc is the capillary pressure, P1 and P2 are the pressures of the two phases in contact. By convention 

phase 2 is almost always the denser phase, in this case water.   

Capillary pressure is usually quantified using the Young-Laplace equation [18, 19]. The equation relates 

the capillary pressure to the curvature of the interface between the two fluids through their interfacial 

tension: 

                                                   𝑃𝑐 = 𝜎𝜅 = 2𝜎𝜅𝑚 =  𝜎 (
1

𝑟1
+

1

𝑟2
)                                                  (2.3)  

where 𝜎 is the interfacial tension, κ is the total curvature of the interface, κm is the mean curvature, and 

r1 and r2 are the principal radii of curvature of the interface illustrated in Fig. 2.2b.  

Given that the fluid arrangement in the pore space is controlled locally by an energy balance, positions 

of mechanical equilibrium will therefore represent a local energy minimum. Hence, for a displacement 



 Chapter 2 

46 

 

to take a place, one fluid pushing out the other in the pore space, the process will have to be energetically 

favourable. 

In order to have an energetically favourable displacement process, the pressure of the displacing fluid 

will have to exceed the capillary pressure between the fluids, i.e., a higher pressure than that existent 

already between the fluids is needed to disrupt the equilibrium position. The capillary pressure between 

two static fluids is also known as the capillary entry pressure. Therefore, it is evident that an accurate 

determination of the capillary pressure and consequently the interfacial tension between the fluids is 

essential to characterize displacement processes during multiphase flow in porous media.  

In a hydrocarbon reservoir containing three fluid phases, we can define three capillary pressures 

between the fluid pairs: gas-oil, gas-water and oil-water capillary pressures. 

Conventionally, capillary pressure is measured using various core flooding techniques. The three most 

widely used techniques are the porous plate method [20, 21], the mercury injection method [22], and 

the quasi steady-state flow method [23]. In this PhD thesis, we will characterize the local capillary 

pressure directly from measurements of curvature on pore-scale images: this method will be described 

in detail in section 3.1.3.2.5.2. In addition, the interfacial tension can be experimentally measured using 

the pendant drop and the capillary rise methods [24, 25].  

2.1.1.3 Wettability and contact angle   

In the previous section, we studied the existence of two fluids in contact with each other in free space; 

in this section will consider the introduction of a solid surface to the fluid-fluid system. Fig. 2.3 shows 

the typical arrangement in the presence of two fluids and a solid surface. One phase tends to 

spontaneously coat the surface, we denote this phase as the wetting phase. While the other phase has a 

lower tendency to coat or reside next to the solid surface, this phase is called the non-wetting phase.  

This tendency of the solid surface to be preferentially coated by one fluid over the other is a surface 

property known as wettability. Wettability is typically determined using the contact angle 𝜃. The contact 

angle is the angle between the solid surface and the tangent to the fluid-fluid interface at the point of 

three-phase contact; this is illustrated in Fig. 2.3a. By definition, the angle is measured from the solid 

surface to the tangent, passing through the denser phase – in this case, water, since it is denser than gas.  

 

Figure 2. 3. (a) An illustration of fluid arrangements in contact with a solid surface. The angle between the 

solid surface and the tangent to the fluid-fluid interface at the point of three phase contact is the contact angle, θ, 

and is measured through the denser phase. (b) An interpretation of the interfacial tensions between the fluid-

fluid and the fluids and solid as balanced forces. A horizontal force balance yields the Young equation, Eq. 

(2.4). σ, σnws and σws are the interfacial tensions between the two fluid phases, the non-wetting phase and the solid, 

and the wetting phase and the solid.  

In 1805, Thomas Young formulated an equation that expresses the contact angle in terms of the 

interfacial tension between the fluid-fluid interface and the interfacial tensions of the solid and the two 

fluid phases. He interpreted the interfacial tensions as forces acting along the interfaces and assumed 

that at equilibrium these forces balance out as shown in Fig. 2.3b [18]: 

                                                         𝜎𝑛𝑤𝑠 =  𝜎𝑤𝑠 +  𝜎 𝑐𝑜𝑠𝜃                                                          (2.4) 
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where 𝜎𝑛𝑤𝑠 is the interfacial tension between the non-wetting phase and the solid, 𝜎𝑤𝑠 is the interfacial 

tension between the wetting phase and the solid. 

Eq. (2.4) can be re-arranged to find the contact angle:  

                                                          𝑐𝑜𝑠𝜃 =  
𝜎𝑛𝑤𝑠 − 𝜎𝑤𝑠

𝜎
                                                      (2.5)  

In the context of hydrocarbon reservoirs, the rock surfaces can have the affinity to either be coated by 

water or oil. In such systems the contact angle between oil and water can vary from 0ᵒ to 180ᵒ, ranging 

from a completely water-wet to a completely oil-wet system, respectively. Given that water is denser 

than oil, the contact angle is always characterized through the water phase. The presence of a gas phase 

does not alter the wettability of the mineral surfaces due to their composition lacking wettability 

alteration agents. Fig. 2.4 displays the various rock wettability states and their corresponding contact 

angles.  

 

Figure 2. 4. An illustration of an oil droplet resting on a solid surface surrounded by water. The contact 

angle, θ, is measured through the water phase. Contact angles less than 90ᵒ represent a water-wet system, while 

angles higher than 90ᵒ represent an oil-wet system. 

It is typically assumed that all hydrocarbon reservoirs are initially saturated with water, and therefore 

are strongly water-wet. However, it is the migration of oil into the reservoir that can alter its wetting 

behaviour through deposition and precipitation of asphaltenes from crude oil on the rock surfaces at 

conditions of high temperature and pressure. Subsequently, the reservoir may either remain water-wet, 

or become oil-wet, mixed-wet or neutrally-wet. A mixed wettability state refers to the case where parts 

of the pore space are water-wet, while the rest is oil-wet; the contact angle is distributed both above and 

below 90o. In contrast, neutrally-wet systems have no preference for either water or oil.  

Conventionally, the wettability of a rock is characterized using both direct and indirect methods. Among 

the indirect methods, which infer wettability from macroscopic measurements of capillary pressure, the 

Amott wettability index [26] and the United States Bureau of Mines (USBM) wettability index [27] are 

the most popular. While the most effective direct technique is the contact angle goniometry technique 

[28] which measures the contact angle on an external surface but is difficult to apply inside a porous 

material.  

However, with recent advances in pore-scale X-ray imaging allowing for the visualization of fluid 

configurations in situ, the contact angle can now be measured directly from three-dimensional images. 

This is known as the geometric contact angle and is measured between two vectors; one is tangential to 

the fluid-fluid interface and the other is to the rock surface [29-31]. Furthermore, advances in X-ray 

imaging also permitted for the calculation of the so-called thermodynamic contact angle, which defines 

the contact angle associated with the fluid displacement from an energy balance [32, 33]. These methods 

have significantly improved our pore-scale understanding of the physics in systems with complex 

wettabilities and therefore will be used to determine the contact angles in our experiments. The 

calculation of these angles is described in more detail in sections 4.1.3.5 and 4.2.3.5.  
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2.1.1.4 Multiphase Darcy law and relative permeability 

As mentioned earlier, Darcy’s law, Eq. (2.1), was derived for single-phase flow; however, it can be 

extended to account for the presence of multiple phases in the porous medium. The extension was first 

proposed by Muskat and Meres [34]: it assumes that the flow of each phase is governed by Darcy’s law 

but with each parameter in the equation – e.g., pressure drop, viscosity and permeability – being specific 

to the phase itself: 

                                                            𝑞𝑖 = −
𝑘𝑟𝑖𝐾

𝜇𝑖
(
𝜕𝑃𝑖

𝜕𝑥
− 𝜌𝑖𝑔)                                                      (2.6)  

where qi is the Darcy velocity of phase i and kri is its relative permeability. kri is a dimensionless 

parameter that represents how readily each phase will flow in the presence of other phases, and has 

values ranging between 0 and 1.  

Relative permeability is typically considered a function of the phase saturation; if part of the pore space 

is occupied by water, then the ability of oil to flow through that pore is hindered and vice versa. 

Therefore, the relative permeability of a phase will be a monotonic function of its saturation and is 

typically plotted against it as shown in Fig. 2.5.  

Nonetheless, relative permeability also depends on other properties such as wettability and saturation 

history.  

In a porous medium, the wetting phase – the phase with a tendency to coat the surface – spreads over 

the solid in thin films as well as occupying small pores and corners of the pore space, while, the non-

wetting phase, resides in the centres of large pores. This arrangement, which is controlled by the 

wettability of the surface, can directly impact the flow potential of the phases and therefore their relative 

permeability. For example, in a water-wet system, oil will flow more readily through the centre of the 

big pores compared to water which is confined to movement in the corners of the pore space. As a 

result, the oil relative permeability will be higher than that of water for the same saturation.  

To observe the effect of saturation history on relative permeability, consider the case where only two 

fluids exist in the pore space, oil and water. The shape of the relative permeability curves for both fluids 

will differ depending on the process that is taking place, either during drainage, where the non-wetting 

phase displaces the wetting phase, or imbibition, where the wetting phase displaces the non-wetting 

phase. The drainage and imbibition relative permeabilities of water and oil in a water-wet system are 

shown in Fig. 2.5. The discrepancy in the shape of the relative permeability curves is termed hysteresis. 

It arises due to the differing pore-scale displacement mechanisms and fluid distribution during 

imbibition and drainage. 
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Figure 2. 5. Oil and water relative permeabilities in a water-wet system as a function of water saturation 

during (a) drainage and (b) imbibition. Blue lines represent the water relative permeability while green lines 

represent oil relative permeability. kr is the relative permeability and Sw is the water saturation. Subscripts w, o, c 

and r refer to water, oil, connate and residual respectively, while superscript max refers to the maximum. * marks 

the cross-over saturation between oil and water relative permeabilities.  

The impact of surface wettability on relative permeability is depicted in Fig. 2.6. The waterflood relative 

permeabilities for water-wet, oil-wet and mixed-wet systems are displayed. This occurs in hydrocarbon 

reservoirs when water is injected to boost oil and gas recovery. These relative permeabilities are labelled 

water injection rather than imbibition since water injection into oil-wet rocks or into oil-wet pores in a 

mixed-wet rock is in fact a drainage process, not an imbibition one.  

The three most widely used experimental techniques to measure relative permeability are the steady-

state, the unsteady-state, the centrifuge and gravity drainage methods [35]. In this PhD, we will develop, 

for the first time, an approach to combine steady-state relative permeability measurements with pore-

scale X-ray imaging for three-phase flow. The purpose of this is to understand the impact of the pore-

scale processes on three-phase relative permeability. At the moment, this has only been done for two-

phase flow [14, 15]. Hence, this is a clear gap in the three-phase flow literature that we will fill in EXPS 

6 and 7 (chapter 6), see Table 1.1.   
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Figure 2. 6. Water injection relative permeability plotted as a function of water saturation in (a) water-wet, 

(b) mixed-wet and (c) oil-wet systems. Blue lines represent the water relative permeability while green lines 

represent oil relative permeability. kr is the relative permeability and S is the saturation. Subscripts w, o, c and r 

refer to water, oil, connate and residual respectively, while superscript max refers to the maximum. * marks the 

cross-over saturation between oil and water relative permeabilities.  

2.1.1.5 Layer flow, swelling and snap-off  

It is evident from Fig. 2.6 that after injecting water to displace oil in the reservoir, the residual oil 

saturation (Sor) does not reach zero. Similarly, during primary drainage in hydrocarbon reservoirs, when 

oil and gas first migrate into the reservoir displacing water, the connate water saturation (Swc) – or 

irreducible water saturation – also does not get to zero, see Fig. 2.5a. The fact that the fluids cannot be 

completely displaced from the pore space is intimately related to the heterogeneity of the reservoir – 

which can have an impact on both km- and µm-scales and is quantified by the sweep efficiency – and 

residual (or capillary) trapping which is a pore-scale phenomenon influenced by connectivity.  

To understand this phenomenon, we need to closely examine a pore doublet model that incorporates 

some degree of heterogeneity and interconnectivity. A model example is shown in Fig. 2.7 in which a 

single pore branches off into two pores with different diameters and then re-merges into a single pore 

again. Initially, the pore space is saturated with water, see Fig. 2.7a. Let us first consider a primary 

drainage process, when oil first migrates into the pore space, pore 1 will be filled with oil, and assuming 

it is a water water-wet system, oil, as the non-wetting phase, will invade the centre of the pore, confining 

water, wetting, to layers in the corners and roughness of the pore space. The water wetting layers are 

assumed to be connected throughout the rock.  

As oil further progresses into the pore space, it will fill pore 2 preferentially over pore 3 as it has a lower 

capillary entry pressure. The lower capillary entry pressure of pore 2 is attributed to its larger diameter 

from Eq. (2.3). The fluids distribution in pore 2, will be similar to that of pore 1, where oil resides in 
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the centre of the pore and water remains in the wetting layers. Oil will then continue to flow and fill 

pore 4 at the end of the model, and unless a driving pressure that exceeds the capillary entry pressure 

of pore 3 is imposed, the pore will remain saturated with water. The water in pore 3 is immobile and is 

called the irreducible water saturation in addition to the water confined to layers.    

 

Figure 2. 7. An illustration of the fluid arrangements, displacement mechanism and residual saturations in 

a pore doublet model in (a) prior to primary drainage, (b) after primary drainage, and (c) after water 

injection (imbibition). The model is used to explain the phenomena of residual saturations. S is the saturation 

while subscripts w, o, c and r refer to water, oil, connate and residual respectively.  

Now, let us consider the water injection process (imbibition) in the same system assuming that it 

remains water-wet after primary drainage, see Fig. 2.7c. As water moves into the pore space, from the 

other direction, the wetting layers will start to swell; this process is slow but allows for a uniform 

increase in the water saturation across the system. As these layers swell, their thickness increases until 

they meet, and the pore spontaneously fills with water, causing the remaining oil in the pore centre to 

snap-off and become isolated. In an imbibition process, the smaller pores are preferentially filled over 

the larger pores. Hence, pore number 3 will initially fill with water, and then water progresses to fill 

pore 1, and if pore 1 is filled with water before all the oil has drained from the larger pores (2 and 4), 

snap-off will occur in these pores and the oil becomes trapped. This oil is part of the residual oil 

saturation. 

The snap-off process which leaves ganglia trapped as isolated droplets in the pore space is known as 

capillary trapping. Capillary trapping can occur in both water-wet and oil-wet media by the wetting 

phase which flows along the mineral surfaces. For oil recovery applications in oil-wet media, the theory 

is that the connectivity of the oil wetting layers throughout the rock results in a very low residual oil 

saturation, as oil can no longer get disconnected and trapped. However, in practice the rate of oil flow 

along these layers is very slow resulting in low oil recovery and smaller relative permeability. In 

contrast, capillary trapping is desired for gas storage applications either in aquifers, where water can 

trap the CO2, or in oil reservoirs where CO2 can be trapped by both oil and water if they are more 

wetting to the rock.  
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In this PhD, we will investigate, for the first time, the pore-scale dynamics during water injection in an 

oil-wet reservoir rock in EXP 4 (section 4.1), see Table 1.1. Despite this being a two-phase flow study, 

it is novel and can be of great value for the two-phase flow literature.   

2.1.1.6 Flow pathways 

Here, we will embark on a concept that is of significant importance for our steady-state three-phase 

flow work – in EXPS 6 and 7 – which will be presented in chapter 6. While the theoretical background 

provided in this chapter, (2), was not specific to certain flow conditions, the theory in this section, 

(2.1.1.6), is only pertinent to steady-state flow conditions. Steady-state conditions refer to the flow of 

one or more fluid phases simultaneously through the pore space at conditions of local equilibrium.   

During two-phase flow in porous media at steady-state conditions, the fluid flow pathways are classified 

into three flow regimes: (i) connected flow pathways; (ii) ganglion dynamics; and (iii) intermittent flow 

pathways.  

Most of the theory we have described falls in the connected flow pathway regime, which is also known 

as the Darcy or linear flow regime. In this regime, the relationship between the pressure gradient and 

flow rate is linear as per the Darcy law, Eq. (2.1). Here, each fluid phase has its own pathway, 

independent of the other fluid phases present [18]. The interface between fluids is static such that any 

disconnected phase in the pore space is considered trapped. The displacement in this regime is 

controlled by capillary forces.   

In contrast, in a ganglion dynamics regime, where viscous forces are significant, the non-wetting phase 

is advected through the pore space in disconnected ganglia while the wetting phase is generally 

connected across the system [36]. Lastly, in the intermittent flow regime, the non-wetting phase exhibits 

a dynamic connectivity as it periodically gets connected and disconnected in the pore space [37]. The 

relationship between flow rate and pressure gradient is non-linear in the intermittent regime.  

The determination of the flow regime is very important to explain and understand the pore-scale physics 

controlling the flow. This is usually achieved by calculating the capillary number, Ca, which is a 

dimensionless ratio of the viscous to capillary forces: 

                                                                           𝐶𝑎 =  
𝜇𝑞

𝜎
                                                                  (2.7) 

where q is the Darcy velocity of the displacing (injected) phase, while µ is its viscosity.  

However, these flow regimes are specific to two-phase flow. In this PhD work we will observe a distinct 

flow behaviour in three-phase flow where the phases are intermittent in the Darcy flow regime (chapter 

6). 

2.1.2 Three-Phase Fluid Flow 

This section will describe the key pore-scale physical processes that control fluid movement during 

three-phase flow, namely wettability order, spreading and wetting layers, and double/multiple 

displacement events [18]. These in turn control how each phase flows, its conductance, and how much 

is displaced or trapped.  

In this thesis, we will consider immiscible gas-oil systems, defined here when the gas-oil interfacial 

tensions are around 10 mN/m or larger, and the oil and gas phases have distinct physical properties. We 

will also study near-miscible systems with gas-oil interfacial tensions of around 1 mN/m, which is an 

order of magnitude lower than the interfacial tension between the other fluid pairs. We will not discuss 

the fully-miscible gas case, since at these conditions only two phases exist (water and a hydrocarbon 

phase), or cases with ultra-low gas-oil interfacial tensions where viscous effects become significant at 
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the pore-scale in comparison to capillary forces, as again the behaviour is often similar – in terms of 

recovery and trapping – to a miscible displacement [8].  

2.1.2.1 Wettability order and pore occupancy  

In three-phase flow, it is wettability order that controls the arrangement of the fluid phases in the pore 

space [18]; it determines which phase preferentially wets the solid surface and which one instead 

occupies the centre of the pores. The wettability order, from most to least wetting, can be defined either 

directly by the contact angle θ at the interface of each fluid pair, or indirectly through pore occupancy. 

Pore occupancy refers to the size of the pores occupied by each fluid phase. The most wetting phase 

tends to occupy the smallest pores and throats as well as wetting layers. The most non-wetting phase 

preferentially resides in the centres of the larger pores, while the intermediate-wet phase occupies 

medium-sized pores and/or forms spreading layers sandwiched between the two other phases.   

Conventionally, it is hypothesized that the wettability order is a function of surface wettability only 

[18]. However, through our investigations of different miscibility conditions – immiscible and near-

miscible – we discover that the wettability order is also a function of gas-oil miscibility, see chapter 3.   

For now, we will only outline the presumed wettability orders for different surface wettabilities at 

immiscible gas-oil conditions. These are presented in Fig. 2.8. For the water-wet system at immiscible 

conditions, in Fig. 2.8a, the wettability order is water-oil-gas from most to least wetting, where water, 

the most wetting phase, occupies the small-sized pores, gas, the most non-wetting phase, resides in the 

large-sized pores, while oil, the intermediate-wet phase, occupies the intermediate-sized pores. This 

wettability order is altered under immiscible weakly oil-wet conditions, as oil becomes the most wetting 

phase then water then gas (oil-water-gas), see Fig. 2.8b. For strongly oil-wet rocks, it is predicted that 

the wettability order changes, while oil remains the most wetting phase, gas becomes the intermediate-

wet phase and water the most non-wetting phase.  

 

Figure 2. 8. Possible wettability orders in uniformly-wet systems at immiscible gas-oil conditions in (a) 

water-wet, (b) weakly oil-wet and (c) strongly oil-wet porous media. The complexities associated with pinned 

layers and filling are ignored here. 

While the anticipated wettability orders for water-wet and weakly oil-wet systems at immiscible 

conditions have been observed directly inside rocks using pore-scale X-ray imaging [16, 17, 38], there 

has been no experimental evidence of the predicted wettability order for strongly oil-wet rocks, although 

it has been seen in micromodel experiments [39]. Therefore, there is a clear gap in the three-phase 

literature to determine if it is actually possible for the predicted wettability order in strongly oil-wet 

systems to occur in systems with rough surfaces, e.g., rocks. In this PhD, we plan to test this hypothesis 

by exposing a reservoir rock to severe wettability alterations and performing a three-phase flow 

experiment on it in EXP 3 (section 3.3), see Table 1.1.    
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2.1.2.2 Conductivity and trapping 

The arrangement of the phases in the pore space, determined by wettability order, has consequences for 

their flow conductivity and trapping. If a phase occupies large and/or intermediate-sized pores, it will 

have a larger flow potential compared to if it occupies smaller pores. However, this assumes that the 

phases are connected through the pore space. Capillary trapping of a phase can occur when it exists as 

a disconnected bubble in the centre of the pores surrounded by another, more wetting, phase. Therefore, 

for a fluid phase to become trapped by another phase, in general, it must be less wetting than that phase. 

Hence, the most non-wetting phase has potentially the highest flow conductance when it is connected 

through the wide regions of the pore space but, conversely, can have the largest residual saturation if 

the flow pathways become blocked by more wetting phases.  

2.1.2.3 Spreading and wetting layers 

Fluid phases can form wetting and/or spreading layers in the pore space during three-phase flow [40]. 

The formation of layers maintains the hydraulic connectivity of the phase in the pore space which allows 

it to flow at very low saturations, while facilitating the trapping of the other phases – while wetting 

layers can trap the other two phases, spreading layers can only trap the most non-wetting phase [41]. 

The formation of wetting layers is dependent on the surface wettability, while the spreading coefficient 

Cs of each fluid phase determines whether or not it will form spreading layers sandwiched between the 

two other phases in the pore space [18]. The spreading coefficient of a phase i can be found using the 

interfacial tensions, σ, between the three fluid phases (i, j and k) [24, 42]: 

                                                                  𝐶𝑠𝑖 =  𝜎𝑗𝑘 −  𝜎𝑖𝑗 −  𝜎𝑖𝑘                                                        (2.8) 

Phase i can spread in layers sandwiched between phases j and k if its spreading coefficient is positive 

or close to zero. If the spreading coefficient is strongly negative, the formation of spreading layers is 

not favoured. In Eq. (2.8) we would normally refer to the interfacial tension values in thermodynamic 

equilibrium, where the spreading coefficient is either zero or negative [18].  

Another necessary condition for the formation of spreading layers requires a certain balance between 

the fluid-fluid curvatures. We will explain this constraint in more detail in sections 3.1.3.2.5.1 and 

3.3.3.5.1.  

In most hydrocarbon reservoirs, at immiscible conditions, the equilibrium spreading coefficient of oil 

is positive or very close to zero; therefore, oil often spreads in layers sandwiched between gas and water 

regardless of the wettability of the rock.  

While oil layers have been previously observed in micromodels [41, 43-45], it was not until recently 

that Scanziani et al. [16] managed to directly visualize them in situ using pore-scale X-ray imaging in  

a water-wet system. In this PhD work, we encounter examples of systems, where not only oil spreads 

in layers but also gas, at near-miscible conditions, as we will show in EXP 2, see section 3.2.  

2.1.2.4 Double and multiple displacements 

One unique characteristic of three-phase flow is double displacement which can occur under capillary 

dominated conditions [41, 44]. Double displacement refers to the displacement of one fluid phase by 

another, which in turn displaces another phase inside the porous medium [46]. Mathematically 

speaking, there are six possible double displacement events during three-phase flow: (i-j-k), (i-k-j), (j-

i-k), (j-k-i), (k-i-j), (k-j-i) [18]. The dominant double displacement event depends on the injected phase, 

saturation history, wettability, and spreading and wetting layers. However, we will show in this PhD 

work that the gas-oil miscibility also plays a role in dictating double displacements.  
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Furthermore, it is also possible to have multiple displacements, with one phase displacing another and 

then another, with any number of intermediate steps [46]. Double and multiple displacements allow for 

both the mobilization of trapped fluid phases and their immobilization through displacement in wetting 

and spreading layers. Multiple displacement ensures that even in a capillary-controlled displacement, a 

phase can be displaced and advance through the pore space, even if it is disconnected and surrounded 

by other phases (apparently trapped). 

Double and multiple displacements have been extensively studied previously in two-dimensional 

micromodels [43, 47, 48]. However, the question remains whether or not the same pore-scale behaviour 

will persist in three-dimensional natural porous systems. These displacements may occur less or more 

frequently in a complex, better connected pore space. In this PhD thesis, we will use, for the first time, 

fast synchrotron X-ray imaging – dynamic imaging – to capture double and multiple displacements in 

situ during three-phase flow in a strongly oil-wet reservoir rock in EXP 5 (section 4.2).    

2.1.2.5 Mathematical and physical constraints 

A three-phase displacement is normally simplified by breaking down events into a series of two-phase 

processes. There are three combinations of two phases: oil-water (ow), gas-water (gw) and gas-oil (go), 

where the phases water, oil and gas are labelled w, o and g respectively. There are also three fluid-fluid 

interfacial tensions, three contact angles, three saturations, three interfacial curvatures, and three 

capillary pressures. The capillary pressure equations, Eqs. (2.2) and (2.3), can be extended to for any 

number of fluid phases:  

                                                           𝑃𝑐𝑖𝑗 ≡  𝑃𝑖 − 𝑃𝑗 = 𝜎𝑖𝑗𝜅𝑖𝑗                                                                 (2.9) 

for any combination of phases i, j and k. The curvature κij is here defined to be positive if phase i bulges 

out into phase j (and, as a consequence, phase i is at a higher pressure than j). 

However, there are constraints between the various three-phase parameters, as outlined below, so that 

only two contact angles, saturations and capillary pressures (or curvatures) are independent. The first 

constraint is easily derived from the definition of capillary pressure in Eq. (2.9) but is only valid for 

connected phases in capillary equilibrium: 

                                                             𝜎𝑖𝑘𝜅𝑖𝑘 = 𝜎𝑖𝑗𝜅𝑖𝑗 + 𝜎𝑗𝑘𝜅𝑗𝑘                                                            (2.10) 

There is a similar constraint on contact angles, the Bartell-Osterhof relation [49, 50] under the same 

assumptions: 

                                                   𝜎𝑖𝑘 cos 𝜃𝑖𝑘 = 𝜎𝑖𝑗 cos 𝜃𝑖𝑗 + 𝜎𝑗𝑘 cos 𝜃𝑗𝑘                                               (2.11) 

where θij is the contact angle between phases i and j at the solid surface measured through (traditionally 

the denser) phase j. 

There are two other constraints, inherent in the definition of curvature and contact angle: 

                                                                            𝜅𝑖𝑗 = −𝜅𝑗𝑖                                                                       (2.12) 

and 

                                                                     cos 𝜃𝑖𝑗 = − cos 𝜃𝑗𝑖                                                                (2.13) 

These constraints and equations will be heavily used in our work to explain the various three-phase 

flow pore-scale phenomena that we come across. 

This marks the end of the theory section provided on two- and three-phase flow in porous media.  
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2.1.3 Pore-Scale X-ray Imaging 

The use of X-ray microtomography to study multiphase flow in porous media, particularly in the pore 

spaces of rocks, has become a routine analysis in the oil and gas industry [18]; it is now known as digital 

core analysis. The ability of this non-destructive tool to image, in three dimensions, the processes and 

variables inside the pore space, has made it of central importance to multiphase flow studies in different 

systems, e.g., rocks, batteries, fuel cells, microfluidic devices, etc. Digital core analysis is typically 

conducted with micron resolution down to the pore-scale, which is well-suited for exploring rock 

properties and transport phenomenon at a representative elementary volume (REV) scale or millimetres 

to centimetres. This technology was first introduced to study rock systems by Flannery et al. [51] who 

used both laboratory and synchrotron X-ray sources to acquire micron-resolution images of a porous 

rock. 

2.1.3.1 X-ray sources and applications  

The current state-of-the-art in microtomographic imaging utilizes both synchrotron and laboratory-

based facilities. Synchrotron sources emit X-rays from electrons by accelerating them around a circular 

ring at almost the speed of light. This allows for very high-resolution imaging and shorter acquisition 

times. Therefore, by using a synchrotron radiation source, time-resolved studies can be conducted down 

to a very high temporal resolution (~1s). With such rapid imaging systems, the pore-scale displacement 

dynamics can be captured during fluid invasion. However, access to these facilities is usually much 

more restricted than using the compact laboratory-based facilities. A synchrotron X-ray source will be 

used in EXPS 4 and 5, see chapter 4.  

The ease of accessibility and use of laboratory-based X-ray microtomography makes it an attractive 

solution for the production of reliable three-dimensional images of the pore space. Despite the fact that 

longer times are needed to acquire the X-ray images, laboratory facilities can be used to investigate a 

wide range of pore-scale flow properties including micro and macro porosity, fluid saturations, 

interfacial areas, curvatures, pore occupancy, contact angles, layer formation, displacement processes, 

connectivity and trapping [11, 12, 52].  

In this PhD work, we will use both synchrotron and lab X-ray microtomography in our experiments 

which will help provide a comprehensive understanding of three-phase flow. In the text, we will refer 

to synchrotron imaging as dynamic imaging, while the lab-based imaging will be called static 

imaging.  

2.1.3.2 X-ray attenuation 

When X-rays are incident on a rock saturated with fluids, there is a contrast between the rock and the 

fluids in the images. The contrast is a result of the materials having different attenuations due to their 

differing atomic numbers. The higher the atomic number of the material the higher is its absorption 

coefficient. As the X-ray beam passes through a material it loses its intensity and a fraction of the X-

rays is attenuated, the attenuation of the X-rays follows Lambert-Beer’s law [53]: 

                                                                        𝐼 = 𝐼0  × 𝑒−𝜇𝑥                                                                  (2.14) 

where I is the transmitted beam intensity, I0 is the incident beam intensity, µ is the linear attenuation 

coefficient and x is the thickness of the material.   

Depending on the transmitted beam intensity we can distinguish between the different materials in the 

X-ray image. Materials with higher attenuation coefficients will allow X-rays to penetrate a relatively 

short distance, hence it will have lower intensity compared to materials with lower attenuation 
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coefficients. Therefore, to be able to accurately identify/distinguish materials in the pore space image, 

we need sufficient variation in attenuation coefficients.  

The attenuation contrast is typically increased by adding dopants to the fluids in the pore space. A 

dopant is an absorptive material used to produce a desired attenuation coefficient for a specific fluid. In 

our case, we have four phases in the X-ray images – rock and three fluids – and therefore, doping is 

necessary to distinguish the phases. Since it is difficult to dope the gas phase, we will dope both oil and 

water in our experiments. The doping percentage will depend on the rock type used in each experiment. 

Optimum doping percentages will be decided using phase contrast scans prior to performing the 

experiments.  

2.2 Literature Review 
This section will provide a synthesized literature review of all the relevant three-phase flow studies to 

our work. The sub-sections will be linked to the seven experiments listed in Table 1.1, in the same order 

as they are listed.  

Just a reminder that EXPS 1 to 5 are performed at unsteady-state conditions, while EXPS 6 and 7 are at 

steady-state conditions. The fluids are injected consecutively at unsteady-state conditions, while at 

steady-state conditions they are injected simultaneously.  

Sections 2.2.1 is concerned with the work previously performed at near-miscible gas-oil conditions. 

Section 2.2.2 looks at strongly oil-wet systems at immiscible conditions. The previous studies on two 

and three-phase pore-scale dynamics are described in section 2.2.3. Finally, the three-phase steady-state 

literature is reviewed in sections 2.2.4. Some definitions from the theory section, (2.1), maybe repeated 

for clarity and flow of text in this section.  

2.2.1 Near-Miscibility 

Here, we will review the three-phase flow literature on the pore-scale processes at near-miscible 

conditions. We will clearly identify the gap in the literature and how we plan to bridge it by performing 

X-ray imaging experiments at near-miscible conditions in a water-wet and a weakly oil-wet rock (EXPS 

1 and 2, see Table 1.1).   

Miscible flooding is an attractive option for many producing oil reservoirs that are experiencing a rapid 

decline in pressure and/or production from water injection. However, the achievement of miscibility 

may require high injection pressures, or enriched gases, both of which are expensive or operationally 

difficult; in contrast, near-miscible flooding may be cheaper and easier to implement [54]. Moreover, 

near-miscible conditions are more favourable for CO2 storage. Near-miscible injection refers to the 

injection of gases at pressures slightly lower than the minimum miscibility pressure (MMP). Such 

conditions result in a low but not negligible interfacial tension between the gas and oil phases (~ 1 

mN/m). Many laboratory studies and some field implementations suggest that near-miscible and 

miscible injection perform in a comparable manner [55]. 

Shyeh-Yung [54] conducted 33 near-miscible CO2 core flooding experiments in both Berea sandstone 

and a Texas carbonate at reservoir conditions. The author reported that the change in tertiary oil 

recovery is minimal when switching from miscible to near-miscible conditions. They attributed the 

substantial oil recovery at near-miscible conditions to the low gas-oil interfacial tension which enhances 

the sweep efficiency and reduces pore level bypassing. These results contradict the severe decline in oil 

recovery the author observed from slim tube tests as the pressure dropped below the minimum 

miscibility pressure. These findings suggest that slim tube tests do not provide realistic data on recovery 

at near-miscible pressures, and whenever possible must be replaced with reservoir condition core 

floods.   
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Similarly, Schechter et al. [56] carried out extensive CO2 core flooding experiments to optimize the 

performance of the EOR gas injection scheme in the Wellman unit. In their study, they considered 

dropping the reservoir pressure to reduce the injected volume of CO2. In addition, they performed field 

scale simulations to characterize the sweep efficiency at lower pressures. They found out that 

maintaining the pressure slightly below the MMP did not reduce oil recovery; meanwhile the field scale 

simulations suggested optimum sweep efficiency at these conditions. Further experimental evidence 

provided by Grigg and Schechter [57] showed that oil recovery can still be quite high at pressures 

slightly below the MMP.   

Near-miscible core flood tests were complemented by field-scale simulations to help justify the 

substantial oil recovery observed at these conditions [58-60]. Burger et al. [58] and Thomas et al. [60] 

simulated 2D miscible and near-miscible injection processes in heterogeneous reservoirs. Both authors 

reported a higher oil recovery for the near-miscible schemes which was attributed to their improved 

sweep efficiencies. Pande [59] demonstrated from a compositional simulation that the gravity and 

viscous cross-flow processes occurring at near-miscible conditions are the reasons behind the increased 

sweep efficiency. Overall, these studies indicate that a better sweep efficiency may be possible from 

near-miscible flooding, combined with operational cost savings. However, they do not address the 

impact of near-miscible conditions on local displacement efficiency. 

In light of these promising results reported in near-miscible studies, many authors have investigated the 

microscopic mechanisms of oil recovery under these conditions [61-65].  While most authors focussed 

on understanding the phase behaviour of the fluids and quantifying the mass transfer mechanisms, only 

few tried to visualize the pore-scale dynamics. Understanding the pore-scale dynamics is essential to 

predict how the three-phases – oil, water and gas – flow simultaneously at equilibrium conditions, i.e., 

further away from the well.  

Williams and Dawe [63] photographed near critical liquid-liquid mixtures in a transparent porous 

medium. They concluded that at very low interfacial tensions between gas and oil, the two phases can 

flow alongside each other in the same pore. Sohrabi et al. [61] imaged high pressure equilibrated gas-

oil-water flow experiment in a 2D water-wet micromodel. They also observed the flow of oil and gas 

along the same path in a single pore. Their micromodel images indicate that as the gas front propagates 

through the porous medium, the oil recovery continues by cross-flow from the bypassed pores into the 

main flow stream which results in a high oil recovery.  

The observations of Williams and Dawe [63] and Sohrabi et al. [61] indicate that in a water-wet 

medium, oil flows in the centre of the larger pores alongside the gas phase at near-miscible conditions. 

This contradicts the typical wettability order observed for water-wet media, where water occupies the 

smallest pores, gas the biggest, while oil spreads in layers occupying pores of intermediate size [18] as 

we have discussed in section  2.1.2.1. Hence, it appears that lowering the oil-gas interfacial tension at 

near-miscible conditions leads to a break-down in the strict wettability order in the system, as oil is no 

longer confined to movement in layers (oil does not spread in layers between gas and water) and is 

allowed to flow rapidly in the centre of the larger pores. 

The impact that lowering the interfacial tension – at near-miscible conditions – has on relative 

permeability was highlighted in a study conducted by Longeron [66]. Longeron [66] measured two 

phase relative permeability in a vapour-liquid system and observed that lowering the interfacial tension 

between the fluids increased the relative permeability of the two phases. As the mixture approached 

miscibility, i.e., near-miscible conditions, the relative permeabilities approached a straight line. 

Intuitively, the displacement of oil by gas in the larger pores at near-miscible conditions will result in a 

higher oil relative permeability compared to the case where oil is displaced in layers in medium-sized 

pores. Furthermore, lowering the interfacial tension decreases the capillary pressure between the 

displacing and the displaced fluids. This suggests that gas can easily displace oil in the pore space at 

near-miscible conditions – improved microscopic displacement efficiency. The combination of oil 
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phase flowing in the larger pores and the improved gas displacement efficiency could justify the more 

favourable oil recovery observed at near-miscible conditions. 

Nevertheless, before drawing any definitive conclusions, we must note that this phenomenon of oil 

flowing in the larger pores in the presence of gas was only observed in micromodels and there is no 

evidence of it occurring in real rock systems. Scanziani et al. [16] were the first to directly visualize the 

in situ wettability order at high temperature and pressure in a water-wet rock at immiscible conditions 

using three-dimensional pore-scale X-ray imaging. They demonstrated clearly the spreading of oil in 

layers sandwiched between gas and water in the pore space.  

While pore-scale imaging of immiscible gas injection have been reported [16, 38, 67], there is a 

deficiency in the literature for near-miscible studies. This is attributed to the complexity of visualising 

the gas and oil phases at low interfacial tensions. At lower interfacial tensions, the gas and oil tend to 

have similar properties which makes it difficult to distinguish the two phases in the X-ray images. 

Therefore, the design of the experiment must be tailored to permit the visualisation of the pore-scale 

level mechanisms. This is a clear gap in the three-phase literature that we will fill in this PhD.  

In EXP 1, (section 3.1), we will develop, for the first time, an experimental procedure that allows for 

the pore-scale X-ray imaging of near-miscible CO2 injection in a water-wet rock. This will help directly 

visualize the hypothesized breakdown in the wettability order at near-miscible conditions, as well as 

confirm the absence of oil layers, which will indicate that the wettability order in a system is not only a 

function of wettability but also miscibility.   

Furthermore, having investigated the pore-scale physics in a water-wet rock at near-miscible conditions 

in EXP 1, we will extend the scope of our near-miscible work to weakly oil-wet rocks in EXP 2 (section 

3.2).  

Studying rocks with altered surface wettability is particularly important for three-phase applications in 

oil reservoirs where the presence of crude oil in the pore space over geological times, at conditions of 

high temperature and pressure, changes the wettability. Both Scanziani et al. [38] and Qin et al. [17] 

studied weakly oil-wet rocks at immiscible conditions using X-ray microtomography. The authors 

confirmed the anticipated oil-water-gas wettability order, from most to least wetting, as we mentioned 

in section 2.1.2.1. However, weakly oil-wet systems have never been studied at near-miscible 

conditions.  

2.2.2 Strongly Oil-Wet Surfaces 

Here, we will provide the motivation for studying three-phase flow in strongly oil-wet rocks at 

immiscible conditions in EXP 3 (section 3.3).  

In section 2.1.2.1 we mentioned that the theoretically anticipated wettability order for strongly oil-wet 

systems at immiscible conditions has never been observed inside rocks. In fact, for many years, it was 

believed that reservoir rocks cannot be rendered strongly oil-wet for a number of reasons which we 

outline below. Therefore, this wettability order, where gas becomes more wetting to the surface than 

water, was disregarded and long considered a myth in the oil industry which led to its exclusion from 

almost all three-phase flow models. Hence, we took it upon ourselves to prove whether or not reservoir 

rocks can be rendered strongly oil-wet in EXP 3.      

It has been suggested that in natural rock systems it is not possible to strongly alter the wettability of 

the surface to the point where gas becomes the intermediate-wet phase [8, 68, 69]; it is generally 

assumed that gas will always remain as the most non-wetting phase. This is attributed to two reasons: 

(i) surface roughness, which retains water after primary drainage, may prevent the same strong 

wettability alteration as compared to micromodels where the surfaces are typically smooth [28, 70, 71]; 

and (ii) wettability in reservoir rocks is altered by being placed in contact with crude oil at high 
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temperatures and pressures for long periods of time, whereas in micromodels a synthetic chemical is 

used that guarantees a uniform hydrophobic coating [47, 72]. 

Nonetheless, we believe that the presence of crude oil in the pore space of the rocks under high 

temperature and pressure for millions of years exposes the rock surfaces to severe wettability alterations, 

possibly rendering the contacted surfaces strongly oil-wet. Therefore, in EXP 3 (section 3.3), we 

statically and dynamically age a reservoir rock for a period of eight months at 80 oC and 10 MPa before 

using it in a three-phase flow experiment combined with pore-scale X-ray imaging. This work can have 

huge implications on the assumptions embedded in our current three-phase simulation models.  

2.2.3 Pore-Scale Dynamics  

2.2.3.1 Two-phase flow dynamics  

In this section we will provide a detailed literature review on the pore-scale dynamics in two-phase 

flow. The gap in the literature and motivation behind performing the oil-wet two-phase synchrotron 

imaging experiment in EXP 4 (section 4.1) will be highlighted. 

Two-phase flow in porous structures occurs in many natural and industrial systems such as blood flow 

[73], the movement of food and water within the intestinal tract of the human body [74], transport in 

porous membranes [75], carbon dioxide storage in geological aquifers [76, 77], and oil recovery by 

water from reservoir rocks [8, 78]. To understand the dynamics of fluid flow in porous materials, we 

need to study the processes that control its movement, which occur at the pore-scale [18]. At the pore-

scale, the physics underlying the flow is mainly governed by capillary forces that control the fluid-fluid 

displacement, which depends on the porous medium geometry and wettability. 

According to the wettability of the invading and displaced fluids, the displacement processes are termed 

drainage or imbibition. This definition applies for strictly hydrophilic or hydrophobic systems. 

However, many of natural and manufactured porous media have a wettability that can be altered through 

contact with surface-active components of the fluids [70]. The resultant wettability controls a variety of 

processes from oil recovery to gas exchange in leaves, and the performance of fuel cells and batteries 

[18, 70, 79-82]. Hence, it is of great importance to study and quantify the dynamic nature of invasion 

patterns and the associated pore-scale events in porous media with an altered wettability. This is the 

main objective of our study; we now proceed with a review of the dynamics of two-phase flow in porous 

media. 

When a porous medium is conceptualized, its void space is typically represented as a network composed 

of wide regions, the pores, that are connected together by narrower regions, the throats [18]. This 

network representation is sufficient to accurately characterize and track the filling sequence during 

displacement. When a non-wetting phase displaces the wetting phase, the process is called drainage: 

here, the non-wetting phase advances as a connected front through the pore space, displacing the wetting 

phase in the pore centres, and confining it to wetting layers in the corners of the pore space.  

Drainage can be described as an invasion percolation process [83], where the non-wetting phase 

progresses from pore to pore through the widest available throats. Filling is only possible if the nearest-

neighbour pore or throat is already filled.  An available throat is a throat adjacent to a pore already filled 

with the invading phase [83, 84]. The capillary pressure for displacement, Pc, is defined through the 

Young-Laplace equation, for throats with a cylindrical cross-section of radius r, by:  

                                                                           𝑃𝑐 =
2𝜎 cos𝜃

𝑟
                                                                  (2.15) 

In EXP 4, the displacement process we will investigate is water injection in an oil-filled system with 

altered wettability. In such systems, the contact angle, θ, is conventionally measured through the denser 
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phase, water, while the capillary pressure is the pressure difference between oil and water (Pc = Po – 

Pw). During water injection, the water pressure increases with time and invasion proceeds in order of 

decreasing capillary pressure – the events with the largest capillary pressure occur first. We will define 

a drainage-like process for water injection as one represented by a contact angle greater than 90o, where 

cosθ is negative, and hence the capillary pressure is also negative: the medium is water-repellent, and 

water has to have a higher pressure than oil to advance through the pore space. For a medium of constant 

wettability (contact angle), filling the largest available throats corresponds to a capillary-controlled 

displacement where the invading fluid progresses through the porous medium at the highest allowable 

capillary pressure (or lowest absolute value, since the capillary pressure is negative). 

As the non-wetting phase (water) passes from a narrow throat into a wider pore, there is a sudden change 

in the local capillary pressure which results in rapid filling of the invaded pore, and possibly further 

filling of multiple pores and throats downstream of the invaded pore if they can also be invaded at the 

prevailing water pressure. This fast filling is known as a Haines jump [85]. To enable the displacement 

in multiple pores during a Haines jump, the non-wetting phase retracts from some throats, which we 

term Roof snap-off [18, 86, 87]. At the pore-scale, the retraction of the non-wetting phase is not a 

drainage process, but instead is an imbibition event, where now the wetting phase displaces the non-

wetting phase. Snap-off can occur either in a pore that has just been invaded by the non-wetting phase, 

local snap-off, or in another region some distance way, distal snap-off [88].   

Imbibition, where the contact angles are less than 90o and the capillary pressure is positive, is considered 

a more complex pore-scale process and its dynamics is often dominated by snap-off [89]. Snap-off 

occurs when the layers of the wetting phase start to swell in a throat, and if the wetting layers touch and 

coalesce, the throat spontaneously fills with the wetting phase leading to a disconnection and trapping 

of the non-wetting phase in the centres of the adjacent pore [89-92]. The trapping of the non-wetting 

phase by snap-off is favourable for CO2 storage applications, where maximum trapping of CO2 (non-

wetting phase) is desired, whereas it is detrimental for oil recovery applications.   

The early work of Lenormand et al. [90] provided information on the dynamics of pore-filling during 

drainage in two-dimensional micromodels. The same behaviour was also observed by Datta et al. [93] 

in three-dimensions, where drainage was investigated in a pack of sintered glass beads using confocal 

microscopy. However, it was not until recently that advances in X-ray micro-tomography have allowed 

for direct imaging of the rock pore space and the fluids within it [11, 12, 52, 94]. Many laboratory-

based X-ray micro-tomography studies have provided detailed description of ganglia or disconnected 

non-wetting phase clusters at the end of imbibition and drainage processes [95-98]. However, these 

studies only report end point results at static conditions and hence do not capture the displacement or 

pore-filling sequence which occur on a much shorter timescale than that required for a single scan 

(which can take several minutes or hours).  

To increase the temporal resolution of imaging, fast synchrotron X-ray micro-tomography can be used, 

which captures the pore-scale displacement dynamics on a timescale of seconds to around 1 minute  

[87, 88, 91, 92, 99-101]. Berg et al. [87] quantified the number of pores invaded by the non-wetting 

phase (n-decane) during a Haines jump in a water-wet Berea sandstone. Andrew et al. [88] further 

investigated interface retraction and snap-off during CO2 injection, drainage, in a water-wet Ketton 

limestone. Moreover, Rücker et al. [92] characterized the impact of the pore-scale viscous effects on 

snap-off and coalescence events during imbibition in a sandstone rock. However, to date, all the 

reported dynamic studies were conducted in water-wet media. The displacement dynamics have not 

been investigated for water invasion in altered-wettability porous media. This is the gap in the literature 

we will target in EXP 4.     

In EXP 4 (section 4.1), we use synchrotron X-ray micro-tomography to visualize the pore-scale 

dynamics during water injection in a reservoir rock with altered wettability. A previous study 

investigated the dynamics of water injection into a quarry limestone (Ketton) which had been in contact 
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with crude oil [102]. The experimental conditions, mineralogy (mainly calcite), fluids and wettability 

alteration protocol of the study conducted in Ketton are almost identical to our study in a reservoir rock. 

As we show later, although the geometric contact angles measured in situ are similar in the two cases, 

the macroscopic manifestation in terms of displacement sequence, energy balance and capillary 

pressure are different, emphasizing the importance of the interaction of pore geometry and wettability 

on displacement. In the Ketton rock, the behaviour revealed mixed-wet conditions, defined by the 

simultaneous filling of both small and large pores during water injection, indicating that the 

displacement was controlled by both pore geometry and wettability (local contact angles) – water 

invasion was not a drainage-like process [102]. However, reservoir rocks are likely to undergo a more 

significant wettability alteration when in contact with crude oil [103, 104], rendering the surfaces 

largely oil-wet. Moreover, the reservoir sample has a wider distribution of pore sizes than in a quarry 

Ketton sample. This means that pore size, rather than small changes in contact angle, control the 

displacement process.  

2.2.3.2 Three-phase flow dynamics  

Here, the work performed previously to understand the pore-scale dynamics during three-phase flow is 

reviewed. This section will clearly highlight the lack of dynamic studies in three-phase flow and 

therefore show the significance of our work. The main objective of EXP 5 (section 4.2) is to use fast 

synchrotron X-ray micro-tomography to characterize the key physical processes that control the pore-

scale dynamics during three-phase flow in a strongly oil-wet porous medium, namely wettability order, 

spreading layers and double/multiple displacement events [18]. 

Most three-phase flow dynamic studies involved the use of two-dimensional, transparent micromodels 

to investigate the pore-scale fluid interactions. The spreading of fluids in layers was investigated by 

Oren et al. [41] who visualized the formation of spreading oil layers sandwiched between water and gas 

in a water-wet micromodel. The spreading layers maintained the hydraulic connectivity of oil in the 

pore space permitting its flow at low saturations.    

Furthermore, previous micromodel studies have shown the occurrence of double displacement events 

in systems with variable wettability [39, 47, 48]. In a water-wet micromodel, at immiscible conditions, 

Keller et al. [45] observed the occurrence of double drainage (gas displacing oil displacing water) and 

double imbibition (water displacing oil displacing gas) events during gas injection and chase water re-

injection respectively. Notice that the direct displacement of water by gas and gas by water is limited 

due to the formation of spreading of oil layers sandwiched between gas and water, preventing their 

direct contact in the pore space [48]. Multiple displacement events have also been observed in water-

wet micromodels during cycles of gas and water injection; this behaviour was captured using pore 

network modelling [105]. Furthermore, Sohrabi et al. [39] visualized double displacement events in an 

oil-wet micromodel at immiscible conditions. They reported that the main double displacement event 

during gas injection was gas-oil-water with a modest amount of water-oil-gas displacement during 

chase water re-injection. The behaviour could also be reproduced using a pore-scale model that 

incorporated multiple displacement events [106].  

Most of the research work conducted to visualize the displacement dynamics during multiphase flow 

has been on micromodels [90, 107, 108]. While 2D micromodels are useful for viewing pore-level 

events due to their visual clarity, they do not capture the flow behaviour of the fluids in three-

dimensional porous media with complex structures, e.g., rocks and soils. In EXP 5, we use synchrotron 

X-ray microtomography to image the three-phase – gas, water, and oil – displacement dynamics during 

gas injection in a strongly oil-wet reservoir rock. Our ability to visualize the movement of the fluids 

and characterize the interactions at their interfaces inside the pore space will help provide an in-depth 

understanding of the physical processes involved.  
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While static imaging enables the wettability order and presence of spreading layers to be determined, 

double displacement events can only be inferred from these results [16, 38]. Scanziani et al. [16] 

performed three-phase flow experiments in water-wet carbonates, with static imaging, and confirmed, 

in situ, the spreading of oil layers and the anticipated wettability order: water-oil-gas from most to least 

wetting. Qin et al. [17] studied gas and water injection in weakly oil-wet rocks, where water was the 

intermediate-wet phase. They demonstrated that water does not form spreading layers in the pore space, 

and that gas was trapped by both oil and water during water injection.  

To directly visualize double displacement events and obtain information about the evolution of the fluid 

arrangement in the pore space over time, fast synchrotron X-ray micro-tomography can be used, which 

allows for pore-scale images to be acquired at ~1 minute temporal resolution [87, 88, 96, 100, 109]. 

The use of synchrotron X-ray imaging helped provide valuable insights into the pore-scale dynamics of 

two-phase flow [87, 91, 92, 99, 102]; however, very few studies have used it to investigate the 

displacement events during three-phase flow [101, 110]. Scanziani et al. [101] was the first to use 

synchrotron imaging to study three-phase, water, oil and gas (nitrogen), displacement dynamics in a 

water-wet quarry limestone rock. The authors observed that gas moves in a connected front surrounded 

by oil spreading layers during gas injection. Moreover, they reported that during chase water re-

injection, after gas injection, the dominant displacement event was water displacing oil displacing gas 

which resulted in double capillary trapping – gas trapping by oil layers and oil layers trapping by water 

wetting layers. This is favorable for gas storage applications, where immobilization of the gas phase is 

desired.  

Furthermore, Scanziani et al. [110] employed synchrotron imaging to investigate the displacement 

dynamics in a rock with altered wettability, which displayed a mixed-wet behaviour with oil-water 

contact angles both above and below 90o. The gas remained largely connected during gas injection in 

the mixed-wet rock. The authors did not observe double displacement events during gas injection and 

chase water re-injection; both gas and water directly displaced oil in the pore space. This type of 

displacement can facilitate further oil recovery from petroleum reservoirs with limited gas recycling.  

Nevertheless, to date, no three-phase flow synchrotron study has been performed in an oil-wet porous 

medium. To place the work in a more general context, an accurate characterization of three-phase flow 

in oil-wet systems is important since many natural and engineered surfaces are non-water-wet, or 

designed to be partially water-wet, from deep oil reservoirs to butterfly wings, human skin, textiles, 

medical devices and fuel cells [70, 79-82, 111].  

In EXP 5 (section 4.2), we use synchrotron X-ray imaging, with high spatial and temporal resolutions, 

to investigate the pore-scale dynamics during immiscible gas injection in a strongly oil-wet reservoir 

rock at subsurface conditions. This is the three-phase extension of the analysis of the two-phase 

displacement in EXP 4 using the apparatus and experimental methodology applied to a quarry carbonate 

[110].  

2.2.4 Steady-State Three-Phase Flow 

This section will emphasize the need for the development of an experimental approach that combines 

pore-scale X-ray imaging with steady-state three-phase flow. The section will flag the shortcomings of 

the traditional steady-state methods and how pore-scale imaging will solve some of these issues, 

providing the motivation for our work in EXPS 6 and 7 (chapter 6). Our steady-state work will only 

investigate systems at immiscible gas-oil conditions.  

The empirical extension of Darcy’s law for flow in a porous medium to multiple phases, Eq. (2.6), 

proposed 85 years ago implicitly assumes that each phase flows – in steady-state – through a fixed 

subset of the pore space, and explicitly states that there is a linear relationship between pressure gradient 

and flow rate (the Darcy flux of each phase) [112]. While for two-phase flow it is now well-established 
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that a non-linear relationship between rate and pressure gradient emerges for fast flows, there is still a 

linear Darcy-like regime for capillary-controlled displacement, which is seen in most natural and 

engineered settings, where the fluids indeed flow through fixed pathways [37, 113, 114]. Therefore, the 

presumption is that in three-phase flow again there would be a capillary-dominated flow regime with 

fixed flow paths.  

In EXP 6, we show that this is not the case and that three-phase flow appears to have a unique dynamics; 

even for capillary-controlled flow, the most non-wetting phase (gas in our experiments) is always 

disconnected across the system and is transported through the intermittent opening and closing of 

critical flow paths. This is facilitated by double and multiple displacement events, which are a unique 

feature of three-phase flow [39, 41, 115, 116]. 

At present, relative permeability – the saturation-dependent factor by which flow conductance is 

reduced in multiphase flow – can either be measured experimentally or predicted empirically [18]. 

However, our empirical models are currently incapable of predicting three-phase relative permeability 

to within an acceptable accuracy in many circumstances [35]. This is mainly attributed to the lack of 

understanding of the impact of complex pore-scale processes that occur during steady-state three-phase 

flow – namely wettability, layer flow, multiple displacements, and saturation history – on relative 

permeability. Indeed, as stated above, it is not even evident that a Darcy-like law to describe the flow 

is valid at all. 

The steady-state method is considered to be the most reliable approach to measure relative permeability 

since it directly uses the multiphase Darcy law [35, 117]. Here, the fluids are simultaneously injected 

into the rock at a set of fixed fractional flows and the differential pressure drop and saturations are 

recorded when steady-state conditions are reached [117]. Nevertheless, laboratory measurements of 

three-phase relative permeability are complicated, expensive and time consuming. Therefore, rather 

than only relying on experimental measurements of macroscopic properties, we need to improve our 

models through a comprehensive analysis of the relationship between relative permeability and the 

underlying pore-scale phenomena. To do so, in this work, EXP 6, we develop a novel approach that 

combines the steady-state three-phase relative permeability measurement method with pore-scale X-

ray imaging techniques.  

Furthermore, pore-scale imaging can provide solutions to some of the challenges often faced during 

steady-state three-phase relative permeability measurements. With X-ray imaging, surface wettability 

can be directly assessed, especially to differentiate between weakly oil-wet and strongly oil-wet 

systems. Pore-scale imaging can also confirm in situ the existence of spreading layers, rather than 

relying on an empirical relationship between the interfacial tensions to determine whether or not a phase 

will spread, Eq. (2.8) [16, 42]. The use of imaging can help overcome a major drawback of the steady-

state approach, which is the capillary end effect, by providing a direct assessment of the saturation 

profile along the sample [15]. This can help identify and/or eliminate the regions influenced by 

boundary effects, increasing the accuracy and reliability of steady-state relative permeability results.  

Early work using X-ray imaging focussed on investigating unsteady-state two-phase displacements 

which helped in assessing trapping and recovery efficiency for CO2 storage and oil recovery 

applications [13, 19, 29, 87, 91, 95, 97, 118]. The scope of the tool was then extended to study steady-

state two-phase flow which enabled the simultaneous determination of relative permeability with 

capillary pressure in water-wet, oil-wet and mixed-wet rocks [14, 15, 113, 119-121]. The pore-scale 

insights gained from combining steady-state two-phase flow with pore-scale imaging have led to 

significant breakthroughs in the field, explaining the relative contribution of trapped phases, layers and 

micro-porosity to two-phase flow mechanisms, which helped in interpreting core-scale two-phase 

relative permeability data [14, 121]. 
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In contrast, the use of pore-scale X-ray imaging in three-phase flow studies has been limited to 

unsteady-state experiments [16, 17, 38, 42, 101, 110, 122]; to date, there is not a single experiment that 

combines three-phase steady-state flow with pore-scale imaging. This is solely ascribed to the practical 

complications of the experiment as we will discuss later. To this end, we believe that developing an 

approach that combines three-phase steady-state flow with pore-scale imaging, where both relative 

permeability and capillary pressure can be measured simultaneously, as applied in two-phase flow [15, 

113], can ultimately aid in the development of rigorously validated, physically‐based pore‐scale models 

and empirical correlations to predict three‐phase relative permeabilities under various wettability and 

miscibility conditions. This is the gap in the literature that we will fill in EXP 6.  

In EXP 6 (section 6.1), we will study three-phase flow in a water-wet porous medium. This system is 

well defined in the literature, with an unambiguous wettability order. In such systems, it is typically 

assumed that during steady-state flow all three fluid phases are connected in the pore space: gas is 

continuous in the larger pores, oil in spreading layers, and water in wetting layers. This assumption is 

embedded in models – including pore network models [123, 124] and empirical expressions for relative 

permeability [68, 125] –  that predict three-phase relative permeability. However, in this study, EXP 6, 

using pore-scale imaging, we show that this assumption is incorrect and in fact, gas flows in 

disconnected ganglia surrounded by oil and water layers. 

Furthermore, in EXP 7 (section 6.2), we will use the combined pore-scale X-ray imaging and steady-

state three-phase flow approach developed in EXP 6 to study a mixed-wet reservoir rock sample. The 

motivation here is to extend our approach to investigate steady-state three-phase flow under various 

wettabilities.    
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2.3 Research Questions 
The research questions that will be answered in this PhD thesis are listed below alongside the section it 

is addressed in:  

▪ Does oil spread in layers sandwiched between gas and water in a water-wet system at 

near-miscible conditions? Is wettability order a function of surface wettability only? Is 

the microscopic displacement efficiency improved under near-miscible conditions? What 

is the impact of lowering the gas-oil interfacial tension on double capillary trapping? 

These questions will be answered by EXP 1 in section 3.1.   

▪ What is the wettability order in a weakly oil-wet system at near-miscible conditions? Is 

gas always the most non-wetting phase? Does gas form spreading layers if it is the 

intermediate-wetting phase? Is capillary trapping of gas by water possible if gas is more 

wetting? What is the flow potential of gas? These questions will be answered by EXP 2 in 

section 3.2.   

▪ Is it possible to render rocks strongly oil-wet to the point where gas becomes more wetting 

than water at immiscible conditions? How is the pore-scale physics different than that in 

a weakly oil-wet system at near-miscible conditions, where the wettability order is the 

same? Does gas spread in layers at immiscible conditions? Is gas connected in the pore 

space? How does this wettability order influence capillary trapping? These questions will 

be answered by EXP 3 in section 3.3.   

▪ Is water injection in an oil-filled, oil-wet system a drainage process? Is the displacement 

of oil by water an invasion percolation process? How does wettability influence the 

displacement? Are drainage associated dynamics – Haines jumps and snap-off events – 

observed? Are the phases well-connected in the pore space? These questions will be 

answered by EXP 4 in section 4.1.   

▪ How does gas progress through the pore space, being the intermediate-wetting phase, in 

a strongly oil-wet system at immiscible conditions? What facilitates gas invasion if it exists 

in disconnected clusters? Does gas get reconnected as gas injection proceeds? What types 

of double displacement processes are observed? Do Haines jumps occur in three-phase 

flow? These questions will be answered by EXP 5 in section 4.2.   

▪ What are the implications of the different pore-scale observations for CCUS-EOR 

projects? How should CO2 injection be designed to maximize storage security and oil 

recovery? These questions will be answered in a review of all the unsteady-state three-phase 

X-ray imaging experiments presented in section 5.    

▪ Are gas, oil, and water connected in the pore space at steady-state conditions in a water-

wet system? Is it possible to observe intermittent phases under capillary-dominated 

conditions at immiscible conditions? How come gas, the most non-wetting phase, is 

disconnected at steady-state conditions? How does gas flow? What are the implications 

on three-phase relative permeability? These questions will be answered by EXP 6 in section 

6.1.   

▪ How do water, oil and gas flow at steady-state conditions in a mixed-wet system? What is 

the wettability order at immiscible conditions in a mixed-wet system? Is the gas flow 

disconnected? Why is the behaviour more intermittent compared to a water-wet system? 

What are the displacement processes in the pore space? Does gas get trapped in mixed-

wet systems? These questions will be answered by EXP 7 in section 6.2.   
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3 Chapter 3 
In this chapter we will present the materials and methods, results, discussion, and conclusions of the 

unsteady-state experiments investigated with static imaging. Sections 3.1 and 3.2 will examine three-

phase flow at near-miscible conditions in a water-wet and a weakly oil-wet rocks respectively (EXP1 

and EXP2, see Table 1.1). Then, the three-phase pore-scale physics in a strongly oil-wet rock at 

immiscible conditions (EXP3, see Table 1.1) will be investigated in section 3.3. The heading of each 

section is given the title of a published manuscript.  

3.1 In situ pore-scale analysis of oil recovery 

during three-phase near-miscible 

CO2 injection in a water-wet carbonate 

rock 

3.1.1 Summary  

In this section, we study in situ three-phase near-miscible CO2 injection in a water-wet carbonate rock 

at elevated temperature and pressure using X-ray microtomography. We examine the recovery 

mechanisms, presence or absence of oil layers, pore occupancy and interfacial areas during a secondary 

gas injection process. In contrast to an equivalent immiscible system, we did not observe layers of oil 

sandwiched between gas in the centre of the pore space and water in the corners. At near-miscible 

conditions, the measured contact angle between oil and gas was approximately 73o, indicating only 

weak oil wettability in the presence of gas. Oil flows in the centres of large pores, rather than in layers 

for immiscible injection, when displaced by gas. This allows for a rapid production of oil since it is no 

longer confined to movement in thin layers. A significant recovery factor of 80% was obtained and the 

residual oil saturation existed as disconnected blobs in the corners of the pore space. At equilibrium, 

gas occupied the biggest pores, while oil and water occupied pores of varying sizes (small, medium and 

large). Again, this was different from an immiscible system, where water occupied only the smallest 

pores. We suggest that a double displacement mechanism, where gas displaces water that displaces oil 

is responsible for shuffling water into larger pores than that seen after initial oil injection. This is only 

possible since, in the absence of oil layers, gas can contact water directly. The gas-oil and oil-water 

interfacial areas are lower than in the immiscible case, since there are no oil layers and even water layers 

in the macro-pore space become disconnected; in contrast, there is a larger direct contact of oil to the 

solid. 

3.1.2 Investigations  

The motivation behind this study is outlined in section 2.2.1.  

Here, in EXP 1, we will conduct a three-phase near-miscible flow experiment in a water-wet carbonate 

rock at elevated temperature and pressure – 70 °C and 10.85 MPa – combined with pore-scale imaging. 

We will examine (i) oil recovery mechanisms, (ii) whether or not oil layers are present, (iii) wettability 

order and pore occupancy, (iv) fluid-fluid interfacial areas, and (v) double displacement processes at 

near-miscible conditions. We compare the results to those obtained at immiscible conditions by 



Chapter 3 

69 

 

Scanziani et al. [16]. This will help directly visualize the predicted wettability order at near-miscible 

conditions, as well as confirm the presence or absence of oil layers. 

3.1.3 Materials and Methods 

3.1.3.1 Materials 

The rock sample selected for the study was a Ketton limestone (composition: > 99% calcite), with a 

diameter of 5.9 mm and a length of 24.4 mm. The structure of Ketton is comprised of spherical grains 

with large pore spaces and micro-pores within the grains themselves. The size of micro-pores is 

typically smaller than that of an X-ray microtomography image resolution and therefore is impossible 

to capture using traditional segmentation methods [18, 126]. Therefore, in order to measure the total 

porosity of the sample, we use the differential imaging method proposed by Lin et al. [127]. In this 

method, the sub-resolution porosity is identified by subtracting a dry image of the sample from one 

where it is fully saturated with a high-contrast solution. The total porosity was measured to be 29%, 

with macro and sub-resolution porosities accounting for 15% and 14% respectively, see Fig. 3.1. Prior 

to performing the experiment, the water-wet sample was cleaned using methanol and dried in a vacuum 

oven at 90 °C for 72 hours.  

 

Figure 3. 1. (a) A two-dimensional cross-section of the dry scan of the Ketton sample acquired with a voxel 

size of 3.57 µm. (b) A two-dimensional cross-section of the differential image of the Ketton sample obtained 

by subtracting the grey-scale values of the high-contrast solution saturated scan from the dry scan in (a). 

(c) The histogram plot of the three-phases (macro-porosity, sub-resolution porosity and solid grains) in the 

saturated scan. The dashed lines represent the peak grey-scale value for each phase (CT). The sub-

resolution porosity is calculated using ϕsub = (CTsub – CTsolid) / (CTmacro – CTsolid) to be 14%, while macro-

porosity was found to be 15% giving a total sample porosity of 29%. (d) A segmented image of the Ketton 

sample showing in grey the solid grains, white the macro-porosity and black the sub-resolution porosity.  



 Chapter 3 

70 

 

The three fluid phases selected to perform the near-miscible gas injection experiment were: (i) 

supercritical (sc) CO2, (ii) decane as the oil phase and (iii) reservoir brine as the water phase. However, 

to enhance the contrast between the fluids in the pore-scale images, the water and oil phases were doped. 

The water phase was doped with a 30%wt sodium iodide, while decane was doped with a 20%wt 

iododecane solution. The optimum doping concentrations were judged with phase contrast scans and 

signal-to-noise ratio intensity histograms, see Fig. A1.1 in Appendix 1.  

The interfacial tension between scCO2 and the oil phase (80%wt decane and 20%wt iododecane 

mixture) was measured using the pendant drop method, with the two phases in thermodynamic 

equilibrium. The apparatus for performing the pendant drop interfacial tension measurements at high 

temperatures and high pressures is described elsewhere [128]. The pendant drop profile was digitized 

using the automated axisymmetric drop shape analysis (ADSA), which calculates the interfacial tension 

using the Young-Laplace equation. We measured the interfacial tensions between oil and sCO2 phases 

at a temperature of 70 °C and pressures up to 6 MPa. The measured interfacial tension values are shown 

in Fig. 3.2. According to Georgiadis et al. [25], at a temperature of 70 °C, the relationship between the 

interfacial tension of a scCO2 and decane system against pressure (ranging from 0 to 9 MPa) is given 

by a simple linear function: we were not able to measure directly the low interfacial tension at the 

experimental pressure, but had to use extrapolation. Hence, by fitting a linear regression line through 

the data, the interfacial tension measurements were extrapolated down to the minimum miscibility 

pressure (MMP). Therefore, to achieve near-miscible gas-oil conditions (~1 mN/m), our experiment 

was conducted at a temperature of 70 °C and a pressure of 10.85 MPa. The interfacial tensions, 

viscosities and densities of the three fluid phases are listed in Table 3.1.  

 

Figure 3. 2. Interfacial tension measurements between the scCO2 phase and the oil phase (80%wt decane 

and 20%wt iododecane mixture) as a function of pressure at 70 °C. The black triangles represent the 

experimentally measured interfacial tension values, which can be found in Table A1.1 in Appendix 1, while the 

red triangle represents our selected near-miscible experimental conditions (10.85 MPa) based on the extrapolated 

data. 

Table 3. 1. Thermophysical properties of the three fluid phases selected for the experiment. Data from 

Georgiadis et al. [25], Heidaryan et al. [129], and NIST [130]. *Densities measured at ambient conditions.    

Fluid Composition [%wt] 𝜌 [kg∙m-3] 𝜇 [mPa∙s] 𝜎 [mN∙ m-1] 

Water 70% brine + 30% Sodium Iodide 1414.9* - 𝜎𝑔𝑤= 31 

Oil 80% decane + 20% Iododecane 796.8* 1.12 𝜎𝑜𝑤= 30 

Gas scCO2 247.7 0.023 𝜎𝑔𝑜= 1 
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3.1.3.2 Methods  

3.1.3.2.1 Flow loop 

The experimental apparatus used to conduct the flow experiment is shown in Fig. 3.3. The apparatus 

consisted of four Teledyne Isco pumps, a Hassler type carbon fibre coreholder, an X-ray 

microtomography scanner and a Parr stirred reactor. The reactor was used to equilibrate the rock, brine 

and scCO2 at the experimental conditions, 70 oC and 10.85 MPa, for 24 h prior to conducting the 

experiment. This step is essential to avoid the dissolution of the rock by the formation of acidic brine, 

a product of scCO2 and brine mixing during the experiment. All the injected volumes of scCO2 and 

brine in the rock were equilibrated. 

The coreholder was placed inside the ZEISS Xradia 510 Versa 3D scanner for image acquisition. The 

rock sample was centred in the middle of the coreholder. The sample was connected to the flow lines 

by two steel end pieces placed at the inlet and outlet of the rock. Prior to inserting the sample in the 

coreholder, it was wrapped with a PTFE tape, then aluminium foil and placed in a Viton sleeve. All 

flow lines were made of thermoplastic 1/16th PEEK tubing which can withstand high pressures and 

temperatures. 

 

Figure 3. 3. The high-pressure, high-temperature flow apparatus used to perform the experiment. The 

apparatus consisted of four syringe pumps, stirred reactor, CO2 cylinder, coreholder and a Zeiss X-ray 

microtomography scanner. The shaded area represents the scanner enclosure. 

The sample was first flushed with non-equilibrated brine at 0.1 mL/min to displace the air and dissolve 

any pre-existing CO2 in the system. The pressure of the non-equilibrated brine in the system was raised 
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gradually to the reactor pressure (10.85 MPa), and the confining pressure to 12.3 MPa. A confining 

pressure was applied to prevent fluid bypassing along the sample walls. The sample temperature was 

then raised to the reactor temperature (70 °C) using an Omega flexible heater connected to a PID 

controller. The electrical heater was wrapped around the carbon fibre coreholder with a separate 

thermocouple placed near the sample to monitor the temperature during the experiment.    

3.1.3.2.2 Flooding sequence 

The flooding sequence in the experiment follows an EOR secondary gas injection strategy: (i) water 

injection to start with a fully-saturated pore space, (ii) oil injection, representing primary oil migration, 

and (iii) gas injection, i.e., scCO2. The secondary gas injection strategy was selected to maximise the 

number of interfaces between gas and oil phases to closely examine the near-miscible gas injection 

phenomenon. The experiments were performed under capillary dominated conditions to mimic the 

displacement mechanism in the subsurface. Firstly, 50 pore volumes (PV) of equilibrated brine were 

injected at a flowrate of 0.1 mL/min to displace the non-equilibrated brine and ensure 100% equilibrated 

brine saturation at the start of the experiment. Then, five PV of oil were injected into the sample at a 

flowrate of 0.008 mL/min for 100 mins to simulate a drainage process. Finally, equilibrated scCO2 was 

injected into the sample at a rate of 0.008 mL/min, simulating a secondary recovery process, with a total 

volume corresponding to three PV. All injections were performed from the bottom of the sample. 

Injection details including capillary number values are provided in Table 3.2.            

Table 3. 2. Details of the experimental injection sequence. PV stands for the pore volume of the sample. The 

capillary number was calculated using Ca = 𝝁q/𝝈, where 𝝈 is the interfacial tension between oil and water for oil 

injection and gas and oil for gas injection, 𝝁 is the viscosity of the displacing fluid and q is the Darcy velocity. 𝝈 

and 𝝁 are shown in Table 3.1, while q is calculated by dividing the flow rate by the cross-sectional area of the 

sample.    

Injection sequence PV injected Flow rate [mL/min] Capillary number 

Water  50 0.1 - 

Oil  5 0.008 1.76×10-7 

Gas (scCO2) 3 0.008 1.89×10-7 

 

3.1.3.2.3 Image acquisition  

The ZEISS Xradia 510 Versa scanner was used to acquire three-dimensional images of the rock sample 

and the injected fluids. The photon energy range was set to (20 – 80) keV with a power of 7 W. A 3000 

× 2000 (pixels) flat panel extension was employed at the detector to maximize the field of view while 

increasing the image resolution. Four scans with a resolution of 3.57 𝜇m per voxel were acquired at 

different heights to image the whole sample after each injection step. The saturated scans required more 

projections and exposure time compared to the dry scan. Details regarding number of projections, 

exposure and scanning times are provided in Table 3.3.  

Table 3. 3. The imaging parameters used in the Zeiss X-ray microtomography scanner. A large number of 

projections and longer exposure times were needed for the scans saturated with fluids to increase the image 

quality.  

Scan Projections Exposure time [s] Scanning time [min]  

Dry  2400 1   76 × 4 

Water injection 3201 1.75 142 × 4 

Oil injection  3201 1.75 142 × 4 

Gas injection  3201 1.75 142 × 4 
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3.1.3.2.4 Image processing  

The images were reconstructed and a cylindrical mask equivalent in diameter to the rock sample was 

applied to discard any unwanted regions in the images including the Viton sleeve and the aluminium 

foil, see Fig. 3.4. The four scans, covering the whole sample, taken at each injection step were then 

stitched to build three-dimensional images of the whole rock sample (Fig. 3.4e). The stitched images 

containing fluids were then registered to the dry scan, to allow for a direct pore-by-pore comparison 

after each injection step. 

A non-local means filter was applied to the pore-scale images to reduce the noise, allowing for a more 

accurate subsequent segmentation process. The segmentation was performed using the seeded 

watershed algorithm [131]. This allowed us to overcome misclassification at the fluid boundaries caused 

by the partial volume effect [132]. The seeded watershed algorithm relies on a gradient magnitude 

versus image intensity histogram. First, each phase is a assigned a grey-scale value range. Then, the 

intensity gradient for each phase is identified, at the boundaries, to demarcate the exact location of the 

fluid interfaces. The homogenous region of each phase (high certainty regions) is flooded with seeds, 

these seeds are then grown proportionally to a certain gradient value, and the two phases meet at the 

steepest intensity point ‘hill slope’ [133].  

 

 

Figure 3. 4. A series of two-dimensional cross-sectional images with a voxel size of 3.57 µm of the Ketton 

sample acquired after (a) dry, (b) water injection, (c) oil injection and (d) gas (scCO2) injection. (e) A 

schematic showing the location of the four scans taken to image the whole sample with the final stitched 

image.  
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3.1.3.2.5 Oil Layer formation analysis  

3.1.3.2.5.1 Curvature constraint  

From Table 3.1, we can see that the oil spreading coefficient (Cs = 𝜎gw − 𝜎ow − 𝜎go, Eq. (2.8)) is 

approximately zero. This suggests that oil layers can form, sandwiched between gas in the centres of 

the pores and water in the corners of the pore space [41]. Oil layers were indeed observed in three-phase 

imaging experiments performed at immiscible conditions [16] and no direct contact of gas and water 

was seen. However, the presence or absence of layers also depends on the curvatures of the fluid-fluid 

interfaces [134-136]. A necessary condition for the presence of oil layers in a corner of the pore space, 

as illustrated in Fig. 3.5, is [137]: 

                                                                            𝜅𝑚𝑔𝑜 < 𝜅𝑚𝑜𝑤                                                                         (3.1) 

where 𝜅𝑚 is the mean curvature of the interface, which in Fig. 3.5 is assumed approximately to be the 

inverse of the radius of curvature, while the other radius – out of the plane of the figure – is much larger.  

Using the Young-Laplace equation, (2.9), Eq. (3.1) can then be written as an inequality involving Pcow 

and Pcgo, the capillary pressures between oil-water and gas-oil phases respectively: 

                                                                     𝑃𝑐𝑔𝑜 <  
𝜎𝑔𝑜

𝜎𝑜𝑤
 𝑃𝑐𝑜𝑤                                                                        (3.2) 

The graphical representation of Eq. (3.2) is plotted in Fig. 3.5 using representative interfacial tension 

values. If the combination of Pcow and Pcgo falls above the critical line, oil layers cannot form. At near-

miscible conditions, the ratio of 𝜎go to 𝜎ow is much lower compared to immiscible conditions. Therefore, 

the slope of the critical line is less steep and hence a much smaller Pcgo is sufficient to push oil layers 

out of the pore space. 

 

Figure 3. 5. A graphical representation of Eq. (3.2) that helps determine the likely presence or absence of 

oil layers in a spreading water-wet system depending on the microscopic oil-water and gas-oil capillary 

pressures. (a) The graph illustrates that if the ratio of Pcgo to Pcow falls above the critical line, oil layers cannot 

form as Pcgo will squeeze out the oil-water interface (κow < κgo) and vice versa. (b) The critical line for the 

immiscible conditions studied by Scanziani et al. [16] is much steeper compared to near-miscible conditions and 

therefore it is more likely for oil layers to form for the same gas-oil capillary pressure.    

3.1.3.2.5.2 Curvature-based capillary pressure measurement  

To perform the analysis detailed in the previous section, we used the curvature-based capillary pressure 

measurement approach [19]. The interfacial curvature between the fluids was measured from the 

segmented pore-scale images and then linked to the capillary pressure using the Young-Laplace 

equation, (2.9). We measured the curvatures of oil-water and gas-oil interfaces using a method 

previously presented in the literature [15, 19, 138-141]. First, a marching cube algorithm was used to 
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extract oil-water and gas-oil interfaces from segmented images. The less wetting phase, oil in the case 

of an oil-water interface and gas in the case of a gas-oil interface, was smoothed using the unconstrained 

smoothing method (kernel size = 5) to remove the staircase-like nature of the voxelized images. The 

smoothed interfaces are then modelled as a quadratic form:  

              𝑎𝑥2 + 𝑏𝑦2 + 𝑐𝑧2 + 2𝑒𝑥𝑦 + 2𝑓𝑦𝑧 + 2𝑔𝑧𝑥 + 2𝑙𝑥 + 2𝑚𝑦 + 2𝑛𝑧 + 𝑑 = 0                     (3.3) 

The eigenvalues and eigenvectors of this quadratic form correspond to the principal curvatures of the 

interfaces and their directions, respectively. The mean of these curvatures was then substituted 

alongside representative interfacial tension values into the Young-Laplace equation to calculate the 

microscopic oil-water and gas-oil capillary pressures.  

3.1.4 Results and Discussion  

In section 3.1.4.1, we start by quantifying the fluid saturations after each injection step. Then, we list 

the measured oil-water, gas-water and oil-gas contact angles after near-miscible and immiscible gas 

injection in section 3.1.4.2. In section 3.1.4.3, the presence of oil layers and oil connectivity at near-

miscible and immiscible conditions is investigated using the capillary pressure analysis described in 

section 3.1.3.2.5.1 followed by an examination of the local oil thickness maps. In sections 3.1.4.4 and 

3.1.4.5, for near-miscible and immiscible conditions, we (i) quantify the interfacial area between the 

fluid phases and the fluid phases with the rock, and (ii) characterize the pore occupancy and visualize 

double displacement processes. For the comparisons in sections 3.1.4.2, 3.1.4.3, 3.1.4.4 and 3.1.4.5, the 

experimental dataset of Scanziani et al. [16] for water-wet Ketton limestone is used to represent 

immiscible conditions.  

3.1.4.1 Saturation measurements 

The saturation of each fluid phase in the macro-porosity only was measured on the segmented images 

after each injection step. We assume that the micro-porosity remained water-saturated throughout the 

experiment.  In the results presented below we have, for simplicity, ignored the contribution of sub-

resolution porosity to the saturation. The measured saturation end points are shown on the ternary 

diagram in Fig. 3.6. Initially, the sample was fully saturated with water (water saturation = 100%). Oil 

was then injected into the sample in a primary drainage process to form the initial reservoir conditions, 

with an oil saturation of 84% and 16% initial water saturation. Next, gas was injected in a secondary 

oil recovery process allowing for the production of both oil and water. At the end of the gas injection 

step, water, oil and gas saturations were 8%, 16% and 76% respectively. The injection of gas at near-

miscible conditions resulted in an oil recovery factor of 80%; this is significantly higher than that seen 

in a previous immiscible gas injection study by Scanziani et al. [16], where only 41% of oil was 

recovered after gas injection. However, it must be noted that in the case of Scanziani et al. [16], gas was 

injected in a tertiary recovery process rather than a secondary one. According to Iglauer et al. [142], for 

a water-wet system, gas injection into a virgin oil reservoir leads to a lower residual oil saturation 

compared to the case where gas is injected after waterflooding. Nevertheless, the results show that the 

injection of gas in a secondary recovery process at near-miscible conditions can significantly improve 

oil recovery from the reservoir.    
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Figure 3. 6. A ternary diagram showing the end-point saturations of the three fluid phases after each 

injection step. Initially, the rock is fully saturated with water (blue point), then oil is injected in a primary drainage 

process until irreducible water saturation is reached (red point). Gas is then injected in a secondary recovery 

process resulting in the end-point saturations shown by the green point.      

Given the large size of the stitched data, we selected the scan at the bottom of the sample for the 

subsequent analysis carried out in sections 3.1.4.2, 3.1.4.3, 3.1.4.4 and 3.1.4.5. The saturation profile 

of each fluid along the analysed region of the sample was measured after each injection step, see Fig. 

3.7. The profiles of all three-phases were consistent and showed no sign of capillary end effects 

throughout the whole injection sequence.  

 

Figure 3. 7. The saturation profiles along the analysed region of the sample after (a) water injection, (b) oil 

injection, and (c) gas injection. 
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3.1.4.2 Contact angles  

The effective geometric contact angles between oil and water (𝜃𝑜𝑤), gas and oil (𝜃𝑔𝑜), and gas and 

water (𝜃𝑔𝑤) were measured using the automated method developed by Scanziani et al. [31] at near-

miscible and immiscible conditions. In this method, the contact angle is measured between two fluids 

in situ on a plane perpendicular to the local three-phase contact line constructed from the segmented 

images. The measured contact angles are listed in Table 3.4. The high standard deviations are ascribed 

to contact angle hysteresis and pore-scale surface heterogeneities, e.g., surface roughness and pore 

geometry [29].  

The average oil-water contact angles at immiscible and near-miscible conditions, 48° and 52° 

respectively, indicate that the Ketton rock surfaces remained water-wet after oil and gas were injected 

into both systems. These measurements are in agreement with oil-water contact angles previously 

measured on similar rock-fluid systems [95]. Furthermore, no evidence of wettability alteration was 

found upon exposure to X-ray radiation as seen by Brown et al. [132].  

In immiscible conditions, the effective gas-oil contact angle is assumed to be zero since oil forms layers 

surrounding the gas phase. Furthermore, the formation of oil layers sandwiched between gas in the 

centre of the pore space and water in the corners prevents the gas phase from directly contacting the 

water phase, which makes it impossible to determine a gas-water contact angle.  

At low gas-oil interfacial tensions – i.e., near-miscible conditions – oil and gas become similar fluids 

as they approach miscibility. Since oil and gas become similar, the rock will no longer necessarily have 

a strong affinity to be coated preferentially by oil over gas. Therefore, the strict wettability order in the 

system breaks down and oil and gas are allowed to flow along the same path. This is evident from the 

large gas-oil contact angle measured at near-miscible conditions (73°), Table 3.4, which implies that 

the rock is neutrally wetting to oil and gas. It is further supported by the measured oil-water and gas-

water contact angles at near-miscible conditions, Table 3.4, where both oil and gas formed the same 

effective contact angle, 52o, with water. The measured interfacial tensions and contact angles satisfy 

the Bartell-Osterhof contact angle constraint for multiple phases in thermodynamic equilibrium, Eq. 

(2.11), to within uncertainties in our measurements [49, 50]. This result – that the gas-oil contact angle 

increases under near-miscible conditions will be discussed further in section 5.  

Table 3. 4. Measured oil-water (𝜽𝒐𝒘), gas-oil (𝜽𝒈𝒐), and gas-water (𝜽𝒈𝒘) contact angles after gas injection 

at immiscible and near-miscible conditions together with the standard deviation of the measured values. 

The contact angles were measured in situ through the denser phase: water in the case of oil-water and gas-water 

contact angles, and oil in the case of the gas-oil contact angle. The contact angles were measured using the 

automated method developed by Scanziani et al. [31]. Immiscible contact angles from Scanziani et al. [16].  

Miscibility State Oil-Water Gas-Oil Gas-Water 

Immiscible 𝜃𝑜𝑤 = 48 ± 19°  𝜃𝑔𝑜 = 0° N/A 

Near-miscible 𝜃𝑜𝑤 = 52 ± 22° 𝜃𝑔𝑜 = 73 ± 17° 𝜃𝑔𝑤 = 52 ± 18° 

 

3.1.4.3 Oil layers and connectivity  

Using the curvature constraint analysis described in section 3.1.3.2.5.1, the likely presence of oil layers 

was investigated for water-wet Ketton limestone at near-miscible and immiscible conditions. The gas-

oil and oil-water capillary pressures were measured on segmented images using the curvature-based 

approach detailed in section 3.1.3.2.5.2. The results are shown in Fig. 3.8. At immiscible conditions, 

the ratio of Pcgo to Pcow lies below the critical line suggesting the formation of stable oil layers 

sandwiched between the gas and water phases, see Fig. 3.8a, and indeed oil layers were seen 

surrounding the gas phase and preventing direct contact of gas and water [16].  
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In contrast, during near-miscible gas injection, the Pcgo to Pcow ratio falls above the critical line 

suggesting that oil layers do not form (Fig. 3.8b): and indeed, we did not observe oil layers in the 

experiment – the gas, on injection, had sufficient pressure to push the oil from the pore space and oil 

layers were not seen. This confirms the micro-model observations of Williams and Dawe [63] that oil 

does not spread in layers at near-miscible conditions even if the spreading coefficient is close to zero.  

 

Figure 3. 8. Layer formation analysis conducted at (a) immiscible conditions and (b) near-miscible 

conditions. The graphs illustrate that under immiscible conditions oil layers are formed, while oil does not form 

layers under near-miscible conditions. Pressure data points in (a) from Scanziani et al. [16]. Error bars indicate 

uncertainty in the measurements. 

Fig. 3.9 shows grey-scale images of the pore space illustrating the presence and absence of oil layers at 

immiscible and near-miscible gas injection conditions respectively.  

 

Figure 3. 9. (a) A 2 µm/voxel resolution image of a water-wet Ketton sample showing the presence of oil 

layers at immiscible conditions after gas injection [16]. (b) A 3.57 µm/voxel resolution image of a water-wet 

Ketton sample showing the absence of oil layers at near-miscible conditions after gas injection. 

To examine the connectivity of the oil phase in the pore space, we obtained quantitative maps of the 

local oil phase thickness in three-dimensions using the approach developed by Hildebrand and 

Rüegsegger [143]. The three-dimensional oil thickness maps computed after gas injection at near-

miscible and immiscible conditions are shown in Fig. 3.10. At near-miscible conditions, the residual oil 

phase existed as disconnected blobs residing in the corners of the pore space. However, for immiscible 

conditions, the oil phase was connected across the pore space by spreading layers with thicknesses that 

are of the order of 10 𝜇m or larger. Furthermore, we computed thickness maps of the wetting water 

layers (Fig. A1.2 in Appendix 1). No evidence was found of connected water wetting layers in the 

macro-pore space in our near-miscible water-wet system, as opposed to the immiscible system. The 

absence of water layers will further be discussed in section 3.1.4.5. 



Chapter 3 

79 

 

 

Figure 3. 10. The local thickness of the oil phase was computed at immiscible (right) and near-miscible (left) 

conditions. The oil phase was isolated and maximal balls were fitted to its structure to obtain the thickness maps 

at both conditions. Oil layer thickness map at immiscible conditions (right) from Scanziani et al. [16].   

The results show that no oil layers are formed under near-miscible conditions in a spreading water-wet 

system. This suggests that the oil displacement mechanism in the reservoir at near-miscible conditions 

is different than that of an immiscible one, where oil is produced by slowly draining the oil layers 

sandwiched between water and gas phases.    

3.1.4.4 Interfacial area  

Since oil does not form layers at near-miscible conditions, gas can directly contact water in the pore 

space. To validate this assumption, we quantified the specific interfacial areas – area per unit volume – 

between: (i) the three fluid phases and (ii) each phase with the solid at near-miscible conditions and 

compared it to that at immiscible conditions, where there is no direct contact between gas and water. 

The measured interfacial areas are shown in Fig. 3.11. As expected, there is a rise in the area between 

gas and water at near-miscible conditions (Fig. 3.11a). However, there is a clear drop in the area between 

oil and water: this is caused by the absence of wetting layers which increase the oil-water interfacial 

area. The oil-gas specific area remains the highest at both injection conditions. 

 

Figure 3. 11. Specific area measurements between (a) the three phases in the pore space and (b) each phase 

with the solid, at immiscible and near-miscible gas injection conditions. The specific area is calculated on 

extracted fluid-fluid and fluid-solid interfaces from segmented images. Error bars reflect uncertainties in the 

specific area measurement from one location to another. Gas, oil and water saturations at near-miscible conditions 

are Sg = 0.76, So = 0.16 and Sw = 0.08 respectively, while saturations at immiscible conditions are Sg = 0.64, So = 

0.22 and Sw = 0.14. The different fluid saturations at both injection conditions might impact the measured 

interfacial areas. 
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3.1.4.5 Pore occupancy and double displacement  

To characterize the pore occupancy, we adopted the procedure developed by Scanziani et al. [16] which 

relies on the maximal ball (MB) method [144]. First, the largest spheres that can occupy the pore space 

are found from the dry scan of the sample [145, 146]. The spheres are then imposed on the grey-scale 

images to find a relationship between the dimensions of the pore and the phase occupying it. The pore 

occupancies obtained during the near-miscible and immiscible experiments are shown in Fig. 3.12.  

 

Figure 3. 12. Coloured bar charts representing the pore occupancy in the rock after oil injection at (A) 

immiscible conditions and (B) near-miscible conditions, and after gas injection at (C) immiscible conditions 

and (D) near-miscible conditions. 

As anticipated, during oil injection in water-wet systems, oil invades the largest pores, confining water 

to the smaller ones (Figs. 3.12a and 3.12b). The pore occupancy after gas injection at immiscible and 

near-miscible conditions are shown in Figs. 3.12c and 3.12d respectively. At immiscible conditions, 

gas, being the most non-wetting phase, invaded the centre of the larger pores, pushing oil into medium-

sized pores, while water was squeezed into smaller pores [16, 18], as expected based on the order of 

wettability.  

The pore occupancy at near-miscible conditions is more intriguing, however: oil was displaced from 

large/medium-sized pores, replaced by gas and produced. Two noticeable movements happen during 

near-miscible gas injection: (i) oil is squeezed into a large fraction of the small-sized pores, and (ii) 

water is displaced from the smaller pores to occupy medium and large-sized pores. This results in a 

unique pore occupancy order at near-miscible conditions, where gas tends to reside in the largest pores, 

while oil and water occupy pores of varying sizes – small, medium and large.  

The ability of oil and water to occupy pores of different sizes stems from several factors including: (i) 

oil does not form layers in the presence of gas and water; (ii) water is no longer confined in wetting 

layers; and (iii) double displacement processes.   
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In both experiments, the principal overall displacement is oil by gas. In the immiscible experiment, 

where oil surrounds the gas phase, this occurs exclusively by direct removal of oil by gas: gas replaces 

oil in the larger pores as evident in Fig. 3.12c. In contrast, in the near-miscible experiment, we can have 

gas displacing oil in a double displacement process [41, 45], where gas displaces water that displaces 

oil. The overall result is to increase the saturation of gas and displace oil, but here water changes its 

pore occupancy. It is evident from Fig. 3.12d, that gas displaces water in some of the smaller pore 

spaces – where it resides after oil injection – and then this water displaces oil in larger pores. The result 

is that water now appears, after gas injection, to reside in larger pores than it occupied after oil injection.  

There is also a modest amount of displacement of water by gas in the immiscible experiment, here, gas 

directly displaces water from the larger water-filled elements. Furthermore, it is possible to have a 

double drainage process, where gas displaces oil that displaces water. In this case, it is the pore 

occupancy of oil that changes. For the immiscible experiment, see Fig. 3.12c, the tendency is for oil to 

be pushed out of the larger pores by gas and then displace water from smaller elements. However, for 

the near-miscible experiment, we see the same process, but where oil is pushed into some of the very 

smallest pores which tends to disconnect the water, as evident in Fig. 3.13. 

 

Figure 3. 13. A three-dimensional representation of a selected subvolume (1500 × 1500 × 1200 µm3) of the 

pore space showing how oil residing in the centres of the pore space after oil injection (left) is pushed into 

the corners of the pore space after gas injection (right), occupying a large fraction of the smaller pores. This 

prevents the formation of connected water wetting layers in the corners of the pore space. Water is shown in blue, 

oil prior to gas injection in dark red, oil post gas injection in light red, and gas in green. The rock has been rendered 

transparent in both images.  

The results show that the fluid pore occupancy in a water-wet system is altered when switching from 

immiscible to near-miscible conditions. This is likely to have a direct impact on the three-phase relative 

permeability of the system compared to the immiscible case with potentially lower oil and water relative 

permeability at low saturation, but a high oil relative permeability at intermediate saturation to facilitate 

the favourable recovery seen.   

Furthermore, the most significant impact of oil layers is that they provide a mechanism for the 

displacement of waterflood residual oil, which enables the recovery of oil down to very low saturations. 

Therefore, if oil does not spread at near-miscible conditions, how is it recovered if gas is injected in a 

tertiary recovery process? Perhaps near-miscible gas injection is only more efficient if implemented as 

a secondary recovery process. Moreover, the presence of spreading oil layers enables efficient trapping 

of gas during subsequent water injections – in near-miscible systems there may be less gas trapping. 
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3.1.5 Final Remarks and Suggestions  

We have provided a detailed three-dimensional in situ pore-scale analysis of near-miscible three-phase 

flow at elevated temperature and pressure in a water-wet carbonate rock. In particular, we investigated 

the (i) presence of oil and water layers, (ii) fluid-fluid and fluid-solid interfacial areas, (iii) pore 

occupancy, and (iv) double displacement processes at near-miscible conditions and compared these 

results to observations made at immiscible conditions by Scanziani et al. [16]. The three phases were 

injected in the rock in the following order: (i) water injection, (ii) primary oil drainage, and (iii) 

secondary gas injection. We observed distinct pore-scale phenomena at near-miscible conditions, 

suggesting that it is a unique displacement process and cannot be represented by models developed for 

immiscible displacement.  

The main findings of the study can be summarized as follows: 

1. A substantial amount of oil can be recovered by secondary gas injection at near miscible 

conditions (up to 80% recovery factor). This is attributed to two reasons: (i) gas displaces oil 

efficiently from the pores (100% microscopic displacement efficiency) due to the low gas-oil 

interfacial tension, and (ii) the displaced oil flows rapidly in the centre of the larger pores, as 

it is no longer confined to movement in layers, until it gets produced.  

2. The rock becomes neutrally wetting to gas and oil as they become similar fluids at near-

miscible conditions; the strict wettability order in the system breaks down. This facilitates the 

flow of gas and oil along the same path in the pore space. Oil and gas have similar contact 

angles with water.  

3. Oil does not form layers between water and gas in a water-wet system at near-miscible 

conditions, despite having a spreading coefficient close to zero. The gas-oil capillary pressure 

is sufficiently high to squeeze oil out of layers, while oil itself is not strongly wetting to gas 

(point 2).   

4. A series of gas-oil-water and gas-water-oil double displacement events were observed.  Gas-

water-oil displacement enables water to be pushed into larger pores. 

5. The pore occupancy order is altered at near-miscible conditions, while gas tends to reside in 

the largest pores, oil and water occupy pores of varying sizes (small, medium and large). 

6. Oil displaces water from the small-sized pores preventing the formation of a connected wetting 

layer throughout the macro-pore space. 

7. The altered interfacial tensions at near-miscible conditions impact the fluid arrangement in the 

pore space, resulting in a high oil-gas relative interfacial area and lower, but similar, oil-water 

and gas-water interfacial areas in the pore space.  

Having proved that the pore-scale physics are different under near-miscible conditions compared to 

immiscible conditions in a water-wet system, in the next section, (3.2), we will examine the near-

miscible conditions in a weakly oil-wet system. 
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3.2 Pore-scale mechanisms of CO2 storage in 

oilfields  

3.2.1 Summary 

We use high-resolution X-ray imaging to study the flow of oil, water and CO2 in a weakly oil-wet rock 

at near-miscible conditions. We show that contrary to conventional understanding, CO2 does not reside 

in the largest pores, which would facilitate its escape, but instead occupies smaller pores or is present 

in layers in the corners of the pore space. The wettability order is altered, from that seen at immiscible 

conditions, such that CO2 becomes more wetting to the surface than water. It is estimated that the 

CO2 flow is restricted by a factor of ten, compared to if it occupied the larger pores. This shows that 

CO2 injection in oilfields, with weakly oil-wet wettability at near-miscible conditions, provides secure 

storage with limited recycling of gas; the injection of large amounts of water to capillary trap the CO2 is 

unnecessary. 

3.2.2 Investigations 

In the previous section, (3.1), we examined near-miscible conditions in a water-wet system. Here, we 

extend our investigations to weakly oil-wet systems. Further motivation behind this study is provided 

in section 2.2.1.  

In EXP 2, we use X-ray microtomography to image CO2, oil and water in the pore space of a reservoir 

rock under weakly oil-wet near-miscible conditions at high temperature, 70 °C, and pressure, 

10.85 MPa. We selected a water-alternating-gas (WAG) flooding scheme to mimic the typical 

displacement sequence encountered in oil reservoirs. We will demonstrate where and how readily 

CO2 flows in the rock pore space by: (i) quantifying the configuration of the three phases; (ii) calculating 

the flow conductance of the phases; and (iii) measuring the amount of CO2 trapping. 

Given that we observed a breakdown in the strict wettability order at near-miscible conditions in a 

water-wet rock in EXP 1, we suspect that the wettability order will also change in weakly oil-wet rocks 

at near-miscible conditions. Based on our work here, in EXP 2, we challenge the assumption that 

CO2 remains the most non-wetting phase in weakly oil-wet rocks at low gas-oil interfacial tensions of 

approximately 1 mN/m: oil and CO2 have similar wetting properties and pore-scale configuration. The 

wettability order is different such that CO2 is no longer the most non-wetting phase, instead it spreads 

in layers as the intermediate-wet phase, with significant implications for trapping, flow and storage. 

Once again proving that the wettability order is also a function of miscibility. The existence of CO2 in 

layers substantially impedes its movement in the reservoir, and its possible escape through boreholes, 

which eliminates the need for water injection to restrict its flow, and hence more of the pore space can 

be occupied by CO2, boosting storage capacity. 

3.2.3 Materials and Methods 

3.2.3.1 Rock and fluid properties 

The rock sample used in this study was extracted from a large producing carbonate oil reservoir in the 

middle east which is mainly composed of calcite (96.5% wt), with small amounts of dolomite, kaolinite 

and quartz [13]. The sample was 5.9 mm in diameter and 24.9 mm in length with a total helium porosity 

of 0.26 and a segmented porosity, from the X-ray images, of 0.25. Sample pore volume was measured 

to be 0.708 mL based on the helium porosity. The absolute permeability was measured to be 2.7×10-13 

m2 on the larger rock (3.8 cm in diameter and 6.4 cm in length) from which our sample was drilled.   
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The fluids and experimental conditions, 70 oC and 10.85 MPa, were kept the same as the previous study, 

in section 3.1, to achieve near-miscible gas-oil conditions. Fluid properties are listed in Table 3.1.  

3.2.3.2 Wettability alteration protocol  

The sample wettability was restored to the initial reservoir conditions prior to performing the 

experiment through a process known as ageing. Ageing is performed by exposing the rock surfaces to 

crude oil either dynamically and/or statically. Dynamic ageing refers to the continuous injection of the 

crude oil inside the rock sample, while static ageing means no flow (the sample is typically immersed 

in a crude oil bath): we used a combination of dynamic and static ageing. We have used a light crude 

oil from the same reservoir as the rock in the ageing process, see Table 3.5 for the crude oil properties.  

Table 3. 5. Composition analysis of the reservoir crude oil. Data from Alhammadi et al. [13]. 

 Crude oil Units 

Density at 21 oC 830 ± 5 kg/m3 

Saturates 55.25 wt% 

Aromatics 38.07 wt% 

Resins 6.22 wt% 

Asphaltenes 0.46 wt% 

Total Acid Number 0.24 mg KOH/g 

Total Base Number 356 ppm 
 

Prior to ageing the rock, it was cleaned using methanol and dried in an oven for 24 h. Reservoir 

conditions, 80 oC and 10 MPa, were then established and the dry sample was saturated with formation 

brine (100% brine saturation): this formation brine was pre-equilibrated with carbonates to ensure that 

no chemical reactions occurred in the rock. The first step involved the injection of crude oil into the 

sample, where 40 pore volumes (1 pore volume = 0.708 mL) of crude oil were injected from the bottom 

of the sample, with a step wise increase in the flow rate from 0.001 mL/min to 0.1 mL/min. The same 

procedure was then repeated; however, crude oil was injected from the top of the sample this time. Once 

the sample was saturated with crude oil, the dynamic ageing procedure started, where five pore volumes 

of fresh crude oil were injected every day into the sample for a week. After that, the sample was kept 

at the same temperature and pressure for three weeks. This marked the end of the dynamic ageing 

process. Subsequently, the sample was aged statically by placing it inside a sealed crude oil bath for 

four months at 80 oC. 

3.2.3.3 Flow apparatus and experimental procedure 

The flow loop was the same as the previous study in section 3.1.3.2.1, see Fig. 3.3. However, the 

experimental procedure was changed since a different flooding sequence was adopted. After inserting 

the coreholder in the scanner. The sample was first flushed with 50 pore volumes of doped decane (80% 

wt decane + 20% wt iododecane mixture) at a rate of 0.1 mL/min to displace all the crude oil in the 

sample. During this step, the temperature was set to 70 oC and the pressure was raised gradually to the 

experimental pressure, 10.85 MPa and a confining pressure of 12.85 MPa was applied.  

The flooding sequence in the experiment follows a water-alternating-gas (WAG) injection strategy to 

mimic the typical displacement sequence encountered in oilfields [8]. The fluids were injected from the 

bottom of the rock in this order: (i) first waterflooding [WF1]; (ii) gas injection [GI], (iii) second 

waterflooding [WF2]. All injections were performed under capillary dominated conditions to mimic 

subsurface flow conditions, as opposed to the displacement being controlled by viscous forces. At each 

injection, one pore volume of fluid was injected into the rock at a rate of 0.005 mL/min, see Table 3.6. 
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After the experiment, the rock was cleaned and dried at 60 ºC in vacuum for three days to prepare the 

sample for acquisition of a dry scan. 

Table 3. 6. Details of the experimental injection sequence. PV stands for the pore volume of the sample. The 

capillary number was calculated using Ca = 𝝁q/𝝈, where 𝝈 is the interfacial tension between oil and water for 

water injection, and gas and oil for gas injection, 𝝁 is the viscosity of the displacing (injected) fluid and q is the 

Darcy velocity. 𝝈 and 𝝁 are shown in Table 3.1, while q is calculated by dividing the flow rate by the cross-

sectional area of the sample (109 mm2).  

Injection sequence PV injected Flow rate (mL/min) Capillary number 

First waterflooding [WF1]  1 0.005 1.38×10-7 

Gas injection [GI]  1 0.005 1.18×10-7 

Second waterflooding [WF2] 1 0.005 1.38×10-7 
 

3.2.3.4 Image acquisition  

The ZEISS scanner energy range and voltage were kept the same as the previous study, see section 

3.1.3.2.3. In this study, scans with two resolutions were acquired after each injection: first, a lower 

resolution scan of 3.57 µm per voxel of the whole sample (1652×1652×6974 voxels) was acquired. 

Then, a scan of higher resolution, 1.82 µm voxel size, was acquired at the centre of the sample only 

(1483×1483×1758 voxels), see Fig. 3.14. The 3.57 µm scans were used to characterize fluid saturations 

and pore occupancy, while the 1.82 µm scans were used to determine connectivity; the flow simulations 

were performed on a subset of these images. Details regarding the imaging parameters used in the 

scanner are provided in Table 3.7.  

Table 3. 7. X-ray imaging parameters for the 3.57 µm scan (LR) and the 1.82 µm scan (HR) after each 

injection step. IC stands for initial reservoir conditions 

Scan Projections (LR-HR) Exposure time [s] (LR-HR)  Scanning time [min] (LR-HR)  

Dry 3201 - 5001 1.54 – 4  146 × 4 – 540 × 1 

IC 3201 - 5001 1.54 – 4  146 × 4 – 540 × 1 

WF1 3201 - 5001 2.00 – 4  162 × 4 – 540 × 1 

GI 3201 - 5001 2.00 – 4  162 × 4 – 540 × 1 

WF2 3201 - 5001 2.00 – 4  162 × 4 – 540 × 1 
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Figure 3. 14. A schematic showing the location of the high-resolution scan (1483×1483×1758 voxels), 1.82 

µm voxel size, (left) relative to the lower-resolution scan (1652×1652×6974 voxels), 3.57 µm voxel size, 

(right) of the whole sample. The images shown are of the dry scan of the sample.   

3.2.3.5 Image segmentation 

The lower resolution images of the whole sample, 3.57 µm voxel size, were segmented using the seeded 

watershed algorithm [131] similar to the previous study, see section 3.1.3.2.4 for details. Watershed 

segmentation provides a rapid and accurate segmentation of pore-scale images; therefore, it was applied 

to the large 3.57 µm images of the whole rock. 

The higher resolution images, 1.82 µm voxel size, were segmented using machine learning-based 

trainable WEKA segmentation method [147]. No filter was applied prior to segmenting the images to 

avoid averaging of voxel values especially at the fluid-fluid contacts to preserve the features of each 

phase. WEKA segmentation was chosen to segment the high-resolution images as it preserves the shape 

of the interface between the phases, facilitating more accurate characterization of flow properties and 

thicknesses of gas layers, as we will show later [148, 149]. The classifier was trained by manually 

selecting voxels that belong to the oil, rock, brine and gas phases from the raw images. During classifier 

training, the fast-random algorithm was used alongside the mean and variance texture filters. The 

trained classifier was then applied to the images to segment the oil, gas, rock and water phases. Fig. 

3.15 shows raw and segmented images of the higher resolution scans, 1.82 µm. WEKA is very CPU 

intensive, hence, it was not possible to apply it to the large 3.57 µm images of the whole sample. 
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Figure 3. 15. Images of the higher resolution scans, 1.82 µm voxel size, showing (top row, from left to right) 

a raw dry scan of the rock, a raw image after the first waterflooding (WF1) and a raw image after gas 

injection (GI). (bottom row) shows the segmentation of the images in the top row, segmented using WEKA 

segmentation method. These images were selected to show the accuracy of segmentation for two, three and four 

phases. In the raw images, gas is shown in black, rock in light grey, oil in dark grey and water in white. In the 

segmented images, gas is shown in green, rock in grey, oil in red and water in blue.  

3.2.3.6 Relative permeability simulations  

In this study, we will estimate the relative permeability of each phase by running flow field simulations.  

Each phase was segmented independently, and the Navier-Stokes equations were solved for the flow 

field of each phase. We used the high-resolution images for the relative permeability calculations. We 

assumed no flow boundary conditions at the solid surface and the interfaces with other phases, and 

applied a constant pressure drop across the largest connected cluster in the images, see Fig. A2.1 in 

Appendix 2. We used OpenFoam, a finite element method, to solve for the flow, see [150] for more 

details. Then, using Darcy’s law, the permeability of the phase was computed from the ratio of the total 

flow per unit area times the viscosity to the pressure gradient. This was compared to the absolute 

permeability, computed when all the pore space was assumed to be filled with one phase. The relative 

permeability is the ratio of the phase permeability to the absolute permeability. 

Since the largest connected cluster of the gas phase after gas injection did not span the system, we 

cropped all the images to have the same size as the connected gas cluster in GI, indicated by the 

horizontal lines in Fig. A2.1 in Appendix 2, and computed flow on these cropped images of size 

1483×1483×1000 voxels. This will tend to over-estimate the relative permeability for the gas phase 

after GI, since the phase may indeed be disconnected (relative permeability of zero), or only connected 

through regions that cannot be resolved in the scan.  
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3.2.4 Results and Discussion  

3.2.4.1 Distribution of CO2, oil, and water in the pore space 

To understand flow and displacement we first quantify pore occupancy, see Fig. 3.16. We find that 

water is the most non-wetting phase since it occupies the largest pores, followed by gas, with oil most 

wetting in the smallest pores. This wettability order from most to least wetting – oil, gas, water – has 

been seen in micro-model experiments, but not inside reservoir rocks before [151], and contradicts 

previous studies where oil and gas were not near-miscible [16, 17].  

 

Figure 3. 16. Bar charts showing the fraction of the pores occupied by each phase as a function of pore 

diameter after each injection step.  Pore occupancy is defined as the phase in the centre of the pore – this phase 

will also have the largest volume in the pore. (A) initial reservoir conditions (there is an initial water saturation of 

~1% which is not evident from the bar chart) [IC], (B) first waterflooding [WF1], (C) gas injection [GI], and (D) 

second waterflooding [WF2]. Oil is shown in red, water in blue and gas, CO2, in green. 

Initially, the rock was saturated with oil to restore the initial reservoir conditions, see Fig. 3.16: at initial 

conditions (IC) some water was present in the pore space but at a very low saturation ~ 1%, which is 

why it is not evident on the bar chart (this excludes water in unresolved micro-porosity). As expected 

for oil-wet media, during the first waterflooding (WF1), water, the non-wetting phase, invaded the 

largest pores, while oil, the wetting phase, remained confined in the smaller ones. After gas injection 

(GI), water was trapped in the centres of the pore space as disconnected ganglia. In water-occupied 

pores, the gas can reside in layers next to the solid trapping water in the centre, see Fig. 3.19. The 

wettability order – oil, gas, water – is more apparent during the second waterflooding (WF2), where 

water invaded the centres of the larger pores confining gas and oil to intermediate and small sized pores 

respectively. This shows that the injection of water in WF2 limits the available storage capacity for 

CO2 as the usable volume of the oilfield pore space occupied by CO2 is restricted. 
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3.2.4.2 CO2 flow conductivity  

Fig. 3.17 shows the connectivity of the phases after each injection step. During water injection, water 

can form a connected path through the larger pores. In contrast, oil and gas tend to form thinner 

structures. Oil fills the smaller pores and is retained close to the solid surface, while CO2 forms layers 

which follow a tortuous path through the pore space. 

We computed the flow field, that is the velocity, of oil, gas and water on the images shown in Fig. 3.17. 

From these flow fields, the permeability of each phase can be computed. When the pore space is 

completely filled with one phase the absolute permeability is 3.7×10-13 m2; this value is close to the 

directly-measured value of 2.7 ×10-13 m2 through the whole sample. The relative permeability is defined 

as the ratio of the permeability of a phase that partially fills the pore space to the absolute permeability 

[18]. As indicated in Fig. 3.17, the relative permeability of gas is only 0.037 after gas injection despite 

having a saturation of 33 ± 2%, see Fig. 3.18 – the flow conductance is reduced by a factor of almost 

30, while water in the larger pores has a higher relative permeability of 0.23. The oil has the lowest 

relative permeability of only 0.023 since it occupies the smallest pores. This reduction in oil and gas 

relative permeability under near-miscible oil-wet conditions has been observed in conventional flow 

tests on rock samples, but not explained using the wettability order [152]. After WF2, the gas and oil 

relative permeabilities are further reduced by one order of magnitude to 0.0054 and 0.0021 respectively, 

implying extremely restricted flow; however, less CO2 is stored in the pore space with a saturation of 

only 21 ± 2%, see Fig. 3.18. 
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Figure 3. 17. Three-dimensional maps showing the connectivity of the phases during the displacement 

sequence. The colours indicate discrete clusters of each phase. The relative permeability, kr, is shown in the boxes.  

3.2.4.3 CO2 saturation and trapping 

The remaining saturation of CO2, oil and water in the rock pore space after each injection was measured 

on segmented images of the whole rock. The change in fluid saturations throughout the flooding 

sequence is shown on the ternary diagram in Fig. 3.18. After the first waterflooding (WF1), only 30 ± 

2% of the oil was recovered. This is ascribed to water invading the centres of the pores, while oil remains 

connected in the corners and small pores in wetting layers, Fig. 3.16. This is a common characteristic 

of oil-wet media [13, 95, 153]. During gas injection (GI), CO2, the intermediate-wet phase, displaced 

some of the oil that was in the corners of the pore space leaving water stranded in the centres. This is 
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ideal from an oil recovery standpoint: the recovery factor increased to 53 ± 2%. Almost 33 ± 2% of the 

pore space remained saturated by CO2 after gas injection (GI). WF2 displaced both oil and CO2. Despite 

a substantial increase in the oil recovery during WF2 (68 ± 2%), as seen in other WAG experiments 

[17, 151], it results in a lower CO2 saturation (21 ± 2%), i.e. a lower CO2 storage capacity after water 

injection: less CO2 is stored and indeed some of the injected CO2 is produced with the oil. This is also 

a lower CO2 saturation than is capillary trapped under water-wet conditions in similar rocks [154]. 

 

Figure 3. 18. A three-phase ternary diagram showing the end-point saturations during the flooding 

sequence. Saturation is defined as the volume of a phase divided by the total pore volume. At first (black point 

on the diagram), the rock is restored to its initial reservoir conditions (water saturation: 0.01 and oil saturation: 

0.99). The coloured arrows point to the chronological order of injection events: (i) first waterflooding [WF1]; (ii) 

gas injection [GI; and (iii) second waterflooding [WF2]. The error in the saturation measurement is within ± 2%. 

3.2.4.4 Gas layer thickness 

Fig. 3.19 shows maps of the local thickness of the gas layers after gas injection (GI) and second 

waterflooding (WF2). The thickness of these gas layers was quantified on images with 746×491×600 

voxels of size 1.82 µm: the thickness is defined as the diameter of the largest sphere that fits entirely in 

the gas phase at each location. Note that the thickness on both cases is much smaller than a typical pore 

size, see Fig. 3.16 where the x-axis of the bar chart shows the pore size distribution of the rock sample 

used, indicating that the gas resides principally in layers, as opposed to occupying the centres of larger 

pores. 
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Figure 3. 19. Three-dimensional maps of the local thickness of gas layers computed after (left) gas injection 

(GI) and (right) second waterflooding (WF2). The thickness maps were quantified on images of voxel size of 

1.82 µm with 746×491×600 voxels. The gas layers have an average thickness of approximately 15-20 µm.   

It is common practice to inject alternate slugs of water and gas in oilfield operations for three reasons.  

Firstly, this saves money, as the gas is more expensive to collect and inject than water.  Secondly, it is 

presumed that gas is the most non-wetting phase: injecting water helps to limit gas flow and production 

[8]. Thirdly, repeated flooding cycles lead to higher oil recovery, as we see here, Fig. 3.18. We have 

shown that for storage applications, CO2 flow is restricted even when gas alone is injected. To maximize 

storage capacity, the CO2 saturation should be as high as possible. This implies that an injection strategy 

of CO2 injection only, or with limited amounts of water, is favourable, and that CO2 is unlikely to be 

produced in significant quantities. Moreover, we have shown that CO2 has very low relative 

permeability in the reservoir, which makes it harder – but not impossible – for the stored CO2 to flow 

towards abandoned wells and escape through legacy boreholes. Therefore, after CO2 injection, the wells 

must be closed in and the CO2 should remain underground for thousands of years, since its upwards 

migration is prevented by cap rock [155].  

3.2.5 Final Remarks and Suggestions  

We have demonstrated that the wettability order is altered at near-miscible conditions in a weakly oil-

wet rock. Our results prove that the traditional assumption that CO2 is always the most non-wetting 

phase is incorrect. At near-miscible conditions, oil is the most wetting phase, occupying the smallest 

pores, as well as wetting layers, water is the most non-wetting phase, residing in the centres of the pores, 

while CO2 is the intermediate-wet phase, forming layers between oil and water. This wettability order 

leads to the confinement of CO2 in layers of low flow conductivity. Therefore, the injection of water is 

not required to constrain the gas flow. The migration of CO2 beyond the oilfield is prevented by the cap 

rock, which has contained the hydrocarbons for millions of years.  

We suggest that near-miscible conditions in reservoir rocks provide ideal conditions for recovery and 

storage: the wettability order oil-gas-water is likely to be seen in any oil-wet or mixed-wet rock, which 

comprise the majority of carbonate reservoirs [18]. On the other hand, if complete miscibility is 

achieved, the oil and gas flow together as one phase [156]. While this is favourable for oil recovery, it 

facilitates the flow of CO2 and so is less favoured for secure storage. 

An engineering assessment of CO2 storage in oilfields will also involve a quantitative analysis of large-

scale flow accounting for reservoir structure, variations in permeability and well placement. However, 
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one key input is the flow potential of the phases, controlled by pore-scale fluid configurations: we have 

shown that the flow of CO2 is impeded by an order of magnitude or more compared to conventional 

models where it is the non-wetting phase. This finding implies that CO2 can be injected alone, or with 

minimal amounts of water, to maximize storage capacity while still restricting the possibility of CO2 

escape. 

In the next section, (3.3) we will investigate the three-phase pore-scale physics in a strongly oil-wet 

reservoir rock under immiscible conditions, where the wettability order is oil-gas-water from most to 

least wetting. Since the wettability order is similar to the one observed in this section, under weakly oil-

wet near-miscible conditions, we will compare the results of the two experiments.     
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3.3 Pore-scale characterization of carbon 

dioxide storage at immiscible and near-

miscible conditions in altered-wettability 

reservoir rocks 

3.3.1 Summary 

We study in situ immiscible CO2 flooding in a strongly oil-wet reservoir rock at elevated temperature 

and pressure using X-ray microtomography. We observe the predicted, but hitherto unreported, three-

phase wettability order in strongly oil-wet rocks, where water occupies the largest pores, oil the 

smallest, while CO2 occupies pores of intermediate size. We investigate the pore occupancy, existence 

of CO2 layers, oil recovery and CO2 trapping in the strongly oil-wet rock at immiscible conditions and 

compare it to the results of the previous section, (3.2), obtained on the same rock type under weakly 

oil-wet near-miscible conditions, with the same wettability order. CO2 spreads in connected layers at 

near-miscible conditions, while it exists as disconnected ganglia in medium-sized pores at immiscible 

conditions. Hence, capillary trapping of CO2 by oil occurs at immiscible but not at near-miscible 

conditions. Moreover, capillary trapping of CO2 by water is not possible in both cases since CO2 is more 

wetting to the rock than water. The oil recovery by CO2 injection alone is reduced at immiscible 

conditions compared to near-miscible conditions, where low gas-oil capillary pressure improves 

microscopic displacement efficiency. Based on these results, to maximize the amount of oil recovered 

and CO2 stored at immiscible conditions, a water-alternating-gas injection strategy is suggested, while 

a strategy of continuous CO2 injection is recommended at near-miscible conditions. 

3.3.2 Investigations 

In section 2.2.2, we provide the motivation for investigating three-phase flow in strongly oil-wet rocks.  

Here, in EXP 3, we will provide the first experimental evidence of the anticipated three-phase 

wettability order in strongly oil-wet rocks at immiscible conditions – using microtomography X-ray 

imaging – and assess the implications it has on the safety of carbon dioxide storage in CO2-EOR 

applications. We perform an immiscible water-alternating-gas (WAG) flow experiment in a carbonate 

reservoir rock at elevated temperature and pressure (60 °C and 8 MPa). We will examine, in situ, (i) 

fluid-fluid geometric contact angles, (ii) pore occupancy, (iii) fluid configurations and connectivity 

(Euler characteristic), (iv) three-phase capillary pressures, (v) presence or absence of gas layers, (vi) 

specific interfacial areas, (vii) fluid saturations, and (viii) CO2 trapping mechanisms. We compare the 

results with those obtained in EXP 2, in section 3.2, on a weakly oil-wet reservoir rock under near-

miscible conditions where the wettability order is the same, oil-gas-water, from most to least wetting.  

3.3.3 Materials and Methods 

3.3.3.1 Rock and fluid properties 

A reservoir rock was selected for this study with a diameter of 6.1 mm and a length of 24.6 mm. The 

sample was drilled from the same larger piece of rock, and is of similar size, to the sample used in 

section 3.2 in the near-miscible study. The petrophysical properties of the sample are listed in Table 

3.8. The segmented X-ray porosity was lower than the total helium porosity as it considers the macro-

porosity only, leaving out the sub-resolution porosity within the rock grains which cannot be imaged. 
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Table 3. 8. Petrophysical properties of the reservoir sample. 

Sample properties 

Diameter 6.1 mm 

Length 24.6 mm 

Total helium porosity 26.1 % 

Segmented X-ray porosity 18.0 % 

Pore volume (PV) 187 µL 

 

The three fluid phases used in the experiment were: (i) light crude oil from the same reservoir as the 

rock (refer to Table 3.5 for the crude oil properties); (ii) brine solution prepared using the same salt 

composition as the reservoir brine; and (iii) supercritical (sc) CO2. Both crude oil and brine were doped 

with contrast agents, 20 wt% iododecane (C10H21I) and 30 wt% sodium iodide (NaI) respectively.  

The interfacial tensions between the selected experimental fluids, water (70% brine + 30% sodium 

iodide), oil (80% crude oil + 20% iododecane) and scCO2, were measured using the pendant drop 

method at two-phase equilibrium. The apparatus for conducting the interfacial tension measurements at 

the experimental conditions (60 °C and 8 MPa) is detailed elsewhere [128]: it took approximately 10 

minutes for the fluids to reach equilibrium. The thermophysical properties of the fluids used in this 

experiment are shown in Table 3.9. 

Table 3. 9. Thermophysical properties of the three fluid phases selected for the experiment at 60oC and 8 

MPa. The gas spreading coefficient at the experimental conditions was calculated using Csg = σow – σgw – σgo, where 

o, w and g label oil, water and gas respectively. Data from NIST [130], CDP [157] and Toolbox [158]. *Densities 

measured at ambient conditions, 20oC and 0.1 MPa.  

Fluid Composition (%wt) ρ (kg∙m-3) µ (mPa∙s) σ (mN∙ m-1) 

Water 70% brine + 30% Sodium Iodide 1414.9* 0.468 σgw = 30.98 

Oil 80% crude oil + 20% Iododecane 890.5*  0.305 σow = 21.23 

Gas scCO2 191.6 0.023 σgo = 9.75 

    Csg = -19.5 

 

3.3.3.2 Wettability alteration protocol  

The same wettability alteration, ageing, protocol used in the near-miscible study was used in this 

experiment, see section 3.2.3.2. However, after dynamically ageing the sample for four weeks, the 

sample was immersed in a sealed crude oil bath and left to age statically at high temperature, 80 oC, for 

eight months while it was aged statically for four months only in the near-miscible case.  

3.3.3.3 Flow apparatus and flooding experiment  

In this study, we used the same flow apparatus as the previous studies, see Fig. 3.3. Refer to section 

3.1.3.2.1 for a detailed description of the apparatus.    

The flooding sequence followed a water-alternating-gas (WAG) injection strategy, which is the same 

sequence used in the previous weakly oil-wet near-miscible study, refer to section 3.2.3.3. The 

injections were performed in the following order: (i) first waterflooding [WF1]; (ii) gas injection [GI]; 

and (iii) second waterflooding [WF2]. All injections were performed from the bottom of the sample 

under capillary dominated conditions to represent flow in the centre of the field away from the wellbore, 

see Table 3.10. 
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Table 3. 10. Details of the flooding experiment. The capillary number between the different fluids was calculated 

using Ca = µq/σ where σ is the interfacial tension, µ is the viscosity of the displacing (injected) fluid and q is the 

Darcy velocity. µ and σ are shown in Table 3.9, while q is calculated by dividing the flow rate by the cross-

sectional area of the sample (29.22 mm2). Subscripts w, g and o stand for water, gas and oil phases respectively. 

Two pore volumes of fluid were injected in the sample during each flooding sequence. 

Injection Sequence   Flow rate (mL/min) Capillary number [Ca] 

First waterflooding [WF1] 0.005 Ca [wo] = 6.29×10-8 

Gas Injection [GI]  0.005 Ca [gw] = 2.12×10-9 Ca [go] = 6.73×10-9 

Second waterflooding [WF2] 0.005  Ca [wg] = 4.30×10-8 Ca [wo] = 6.29×10-8 

 

The main distinction from the previous study at near-miscible conditions, in section 3.2, was that two 

pore volumes of fluid were injected at each flooding sequence in this study, while only one pore volume 

was injected previously. Furthermore, since the fluids and experimental conditions (60 °C and 8 MPa) 

were changed to achieve immiscible conditions in this study, we will briefly describe the steps followed 

to perform the experiment: 

1. To initiate the experiment, 50 PV of doped crude oil (80% crude oil + 20% Iododecane) were 

flushed through the rock at a flow rate of 0.1 mL/min to replace the undoped crude oil in the 

aged sample.  

2. The pressure in the sample was then raised gradually to the experimental pressure (8 MPa), and 

the confining pressure to 10 MPa.  

3. The sample temperature was then elevated to the experimental conditions (60 °C) using the 

heating jacket. 

4. The WAG flooding sequence was then started by injecting 2 PV of water into the rock at a rate 

of 0.005 mL/min for 75 mins, this was followed by the injection of 2 PV of scCO2 and then 2 

PV of water at the same flow rate.  

3.3.3.4  Image acquisition and segmentation  

The same image acquisition parameters and segmentation methods as the previous study, in section 3.2, 

were used here. Four 3.57 μm per voxel scans were taken at different locations to construct an image 

of the whole sample, and a zoomed in 1.82 μm per voxel scan was taken close to the centre of the 

sample after each flooding sequence, see Fig. 3.20. The 3.57 μm per voxel scans were segmented using 

the watershed algorithm, while machine learning-based trainable WEKA was used to segment the 1.82 

μm per voxel scan. Refer to sections 3.2.3.4 and 3.2.3.5 for more details. Stitched images of whole 

sample after each injection step are shown in Fig. A3.1 in Appendix 3.  
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Figure 3. 20. A schematic showing the location of the four low-resolution scans, 3.57 μm voxel size, taken 

to construct an image of the whole sample (1157×1146×5517 voxels), and the high-resolution scan, 1.82 μm 

voxel size, taken almost at the centre of the sample (1381×1404×1689 voxels).   

3.3.3.5 Gas layer formation analysis 

In this section, we describe a curvature analysis that allows us to investigate whether spreading gas 

(scCO2) layers can be present in the pore spaces of the rock or not. This analysis is similar to the one 

described in section 3.1.3.2.5 for the formation of oil layers. Given that CO2 is predicted to be the 

intermediate phase, it may spread in pore-sized (microns) layers separating oil in the corner and water 

in the centre of the pore space. The existence of CO2 in layers will have an impact on its relative 

permeability and thence its flow conductance in the reservoir. 

3.3.3.5.1 Curvature constraint 

There are two necessary criteria for spreading gas layers to form in an oil-wet system with an oil-gas-

water wettability order. (i) The first is that the gas spreading coefficient (Csg = σow – σgw – σgo, where o, 

w and g label oil, water and gas, CO2, respectively) must be close to zero. From Table 3.1, we find that 

Csg = -2 mN/m for near-miscible conditions. This value is sufficiently close to zero to allow layers to 

form. However, for immiscible flooding Csg = -19.5 mN/m, Table 3.9, which prohibits the formation of 

layers. (ii) The second criterion is that the values of gas-oil and gas-water interfacial curvatures must 

satisfy the following inequality, as illustrated in Fig. 3.21:  

                                                                          𝜅𝑚𝑔𝑜 > 𝜅𝑚𝑔𝑤                                                                         (3.3) 

where 𝜅𝑚 is the mean curvature of the fluid-fluid interface. In Fig. 3.21, the curvature of the fluid-fluid 

interface is assumed to be the inverse of the radius of curvature, while the other radius – out of the plane 

of the figure – is much larger. The mean curvature can be related to the capillary pressure through the 

Young-Laplace equation, (2.9). Hence, Eq. (3.3) can be written as an inequality involving Pcgw and Pcgo, 

the capillary pressures between gas-water and gas-oil phases respectively: 

                                                                      𝑃𝑐𝑔𝑜 >  
𝜎𝑔𝑜

𝜎𝑔𝑤
𝑃𝑐𝑔𝑤                                                                        (3.4) 
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Using representative interfacial tension values, Tables 3.1 and 3.9, Eq. (3.4) can be plotted as shown in 

Fig. 3.21. The next section provides details on how the curvature is estimated. Fig. 3.21 (right) indicates 

that if the ratio of Pcgo to Pcgw falls above the critical line, the black line spanning the diagram, gas layers 

can form in a three-phase rock system with a wettability order of oil-gas-water. Furthermore, the 

interfacial tension between the fluids change when switching from immiscible to near-miscible gas-oil 

conditions, hence, by plotting Eq. (3.4) at the two conditions, we observe that the critical line is much 

steeper at immiscible conditions compared to the near-miscible case indicating again that it is much 

harder for gas layers to form at immiscible conditions. The capillary pressures between the phases will 

be determined using the curvature-based approach as described previously in section 3.1.3.2.5.2.  

The overall conclusion of this analysis is that gas layers will not form under immiscible conditions but 

may be seen under the near-miscible conditions studied in our experiments. 

 

Figure 3. 21. A graphical representation of Eq. (3.4) that helps determine the likely formation of gas layers 

in an oil-wet system with a wettability order of oil-gas-water depending on the microscopic gas-water and 

gas-oil capillary pressures. (right) The graph illustrates that if the ratio of Pcgo to Pcgw falls above the critical line, 

gas layers will form as a much lower Pcgo will be needed to squeeze out the gas-oil interface (κgw > κgo) and vice 

versa. (left) The critical line is less steep at near-miscible conditions, the study in section 3.2, compared to 

immiscible conditions and therefore it is more likely for gas layers to form at near-miscible conditions for the 

same gas-oil capillary pressure. 

3.3.4 Results and Discussion  

In this section, we quantify pore-scale properties that are relevant to carbon dioxide storage and oil 

recovery in our immiscible oil-wet experiment and compare the results to that of section 3.2 for near-

miscible conditions. First, in section 3.3.4.1, we start by characterizing the rock surface wettability at 

immiscible and near-miscible conditions by: (i) measuring the geometric contact angle between the 

three fluid phases; and (ii) quantifying the pore occupancy of each phase. This allows us to verify the 

anticipated order of wettabilities in the two systems – oil-gas-water from most to least wetting. Next, 

we qualitatively and quantitatively confirm the presence of gas layers at near-miscible conditions and 

their absence at immiscible conditions by examining the fluid configurations and connectivity in situ, 

as well as measuring the Euler characteristic in section 3.3.4.2. In section 3.3.4.3, we use the capillary 

pressure measurements to conduct the curvature analysis detailed in section 3.3.3.5.1 to quantitively 

show that the necessary criteria for gas to spread in layers are fulfilled at near-miscible conditions in 

contrast to immiscible conditions. Finally, in sections 3.3.4.4 and 3.3.4.5, for immiscible and near-

miscible conditions, we (i) measure the specific interfacial areas between the fluids and the fluids and 

rock; (ii) quantify the saturations of water, oil and CO2 after each injection step; and (iii) examine the 

trapping mechanisms for both cases. We synthesize the results in section 3.3.4.6 by discussing the 
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implications of these results on CO2 storage and oil recovery under each CO2 injection condition 

(immiscible or near-miscible) in CCS-EOR projects. 

3.3.4.1 Wettability characterization  

3.3.4.1.1 Contact angles 

The geometric contact angle between the fluids was measured after gas injection (GI) on a segmented 

high-resolution, 1.82 µm/voxel, subvolume (1500×1500×400 µm3) of the pore space using the 

automated algorithm developed by AlRatrout et al. [30] at immiscible and near-miscible conditions. 

The distribution of the effective contact angles between oil-water (measured through water), CO2-water 

(measured through water), and CO2-oil (measured through oil) are shown in Fig. 3.22.  

Fig. 3.22 depicts that both the immiscible and near-miscible systems are oil-wet with an average oil-

water contact angle of 118° and 112° respectively. The reservoir rocks used in the two experiments 

were aged dynamically in the same coreholder; however, in the immiscible experiment the rock was 

left to statically age for eight months, while it was statically aged for four months only in the near-

miscible experiment. This has resulted in the slightly more oil-wet surface in the immiscible experiment 

as shown by the higher average oil-water contact angle. From Fig. 3.22, it is also evident that the CO2-

water contact angle is higher than 90° in both immiscible and near-miscible experiments indicating that 

water is less wetting than CO2 in the pore space, while the CO2-oil contact angle is below 90° indicating 

that oil is more wetting than CO2. This shows that the wettability order under both oil-wet immiscible 

and near-miscible conditions is oil-gas-water from most to least wetting. The oil-water contact angle 

was also measured after the first waterflooding (WF1) and the second waterflooding (WF2) for the 

immiscible system and showed a consistent distribution throughout the injection sequence, which 

confirms that there was no wettability alteration during the flooding experiment: see Fig. A3.2 in 

Appendix 3.  

In equilibrium, the Bartell-Osterhof relationship, Eq. (2.11), can be used to determine the CO2-water 

contact angle from the oil-water and CO2-oil angles and interfacial tensions [49, 50]. The predicted 

values of gw are shown in Table 3.11 together with the measured values, using the interfacial tensions 

in Tables 3.1 and 3.9. In the near-miscible case, since the gas-oil interfacial tension is low and the gas-

water and oil-water interfacial tensions are similar, then from Eq. (2.11) we predict that gw ≈ ow, which 

is consistent with our measurements. 

On the other hand, we measure a larger gas-water contact angle under immiscible conditions than 

predicted from Eq. (2.11). The reason for this discrepancy is that the Bartell-Osterhof relationship holds 

at one location in equilibrium, while we are measuring the contact angles in different locations for 

different fluid pairs in a rock where the contact angle varies spatially. It appears that CO2 (the gas phase) 

occupies the more oil-wet pores: the larger oil-wet pores are filled with water during waterflooding. 

During gas injection, CO2 preferentially displaces water from the most oil-wet (and hence gas-wet) 

pores, since this is most favoured in an imbibition displacement. On the other hand, water remains in 

more water-wet pores. Hence for the gas-water angle the values are biased towards larger values of 

contact angle.  
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Figure 3. 22. Normalized histograms of the measured in situ contact angles between CO2-water, oil-water 

and CO2-oil in the aged rock at (left) immiscible and (right) near-miscible conditions. The contact angles 

were measured through the denser phase: water in the case of oil-water and CO2-water contact angles, and oil in 

the case of the CO2-oil contact angle. The contact angles were measured using the automated method developed 

by AlRatrout et al. [30]. 

Table 3. 11. Measured oil-water (ow), gas-oil (go), and gas-water (gw) contact angles after gas injection 

(GI) at immiscible and near-miscible conditions together with the predicted gw using the Bartell-Osterhof 

relationship, Eq (2.11), using the mean values. The measured mean values and standard deviations are of the 

contact angle distributions shown in Fig. 3.22.   

Miscibility state Measured ow Measured go Measured gw Predicted gw 

Near-miscible 112 ± 21° 67 ± 22° 108 ± 18° 110° 

Immiscible 118 ± 25° 60 ± 24° 124 ± 24° 103° 

 

3.3.4.1.2 Pore occupancy  

Pore occupancy was quantified on pore-scale images of the whole sample (4,000×4,000×20,000 µm3). 

The pore occupancies after the first waterflooding (WF1), gas injection (GI) and second waterflooding 

(WF2) at immiscible and near-miscible conditions are shown in Fig. 3.23. As expected for the oil-wet 

rocks in the immiscible and near-miscible experiments, the injection of water during WF1 displaces oil, 

the wetting phase, from the larger pores confining it into smaller ones; water resides in the biggest 

pores, Figs 3.23a and d. 

The pore occupancies after GI and WF2 at both conditions confirm that the wettability order is oil-gas-

water from most to least wetting. As shown in Fig. 3.23, water is the most non-wetting phase with a 

tendency to occupy the largest pores, CO2 is the intermediate-wet phase occupying the medium-sized 

pores, while oil is the most wetting phase occupying the smallest pores.  

The injection of CO2 principally displaces water in both cases: this is because the CO2 is wetting to 

water, see Table 3.11, and hence this represents a favourable imbibition process. CO2 will preferentially 

fill the more oil-wet pores (which from Eq. 2.11 will be more gas-wet); this is evident from the contact 

angle distributions after gas injection shown in Fig. 3.22. There is also some displacement of oil, which 

is a less favoured drainage process, as gas is non-wetting to oil. More oil is displaced at near-miscible 

conditions, see Figs. 3.23b and e. This is attributed to the low gas-oil interfacial tension (1 mN/m) 

compared to immiscible conditions (9.8 mN/m) which results in a lower gas-oil capillary pressure; see 

section 3.3.4.3 for capillary pressure values. A low gas-oil capillary entry pressure allows CO2 to invade 

a larger fraction of the smaller pores resulting in an efficient displacement of oil by gas at near-miscible 

conditions. Moreover, during gas injection (GI) at immiscible and near-miscible conditions, water gets 
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trapped in the centres of the pore space as disconnected ganglia since it is the most non-wetting phase, 

as described in the next section.  

 

Figure 3. 23. Coloured bar charts showing the pore occupancy of each fluid phase in the pore space after 

gas injection [GI] at (B) immiscible and (E) near-miscible conditions, and after second waterflooding [WF2] 

at (C) immiscible and (F) near-miscible conditions. Pore occupancy is defined as the phase occupying the 

centre of the pore – this phase will also have the largest volume in the pore. Pore occupancy was quantified on 

pore-scale images of the whole sample (4,000×4,000×20,000 µm3). Oil is shown in red, water in blue and gas, 

CO2, in green. 

During the second waterflooding (WF2), at near-miscible conditions, water invades the centres of the 

larger pores confining CO2 and oil to smaller sized pores: CO2 is forced to occupy smaller pores than 

those filled during GI, see Fig. 3.23f. On the other hand, during second waterflooding (WF2) at 
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immiscible conditions, the injection of water causes CO2 to displace more oil out of the intermediate 

sized pores, shuffling it into some of the larger pores by a double displacement process [159], where 

water displaces gas that displaces oil: this is a double drainage event [41], see Fig. 3.23c. This behaviour 

is explained further in section 3.3.4.2 when we analyse gas layers.  

3.3.4.2 Fluid configurations and connectivity  

Fig. 3.24 shows example two- and three-dimensional images of a trapped water ganglion in a single 

pore during gas injection (GI) at both immiscible and near-miscible conditions. We observe that at near-

miscible conditions, CO2, the intermediate-wet phase, spreads in layers surrounding water, the most 

non-wetting phase. CO2 exists in sheet-like layer structures at near-miscible conditions as shown in 

section 3.2. However, no evidence was found of oil residing in the corners when CO2 invaded the pore 

(at this resolution); CO2 layers are not sandwiched between oil in the corners and water in the centre. 

Because of the lower gas-oil interfacial tension (1 mN/m) compared to the gas-water interfacial tension 

(31 mN/m), Table 3.1, at near-miscible conditions, the gas front efficiently displaces all the oil in the 

corners, leaving water stranded in the centres of the pore space. CO2 layers do not appear to coexist 

with oil in the same pore at near-miscible conditions. A similar behaviour was observed in section 3.1 

in the water-wet system, where the injection of CO2, the most non-wetting phase, at near-miscible 

conditions displaced all the oil, the intermediate-wet phase, in the pore space preventing it from 

spreading in layers.   

At immiscible conditions however, CO2 does not form layers but instead exists as disconnected ganglia 

in the pore space, see Fig. 3.24. This is consistent with the very negative gas spreading coefficient in 

this case, see Table 3.9 and Fig. 3.21. This means that CO2, water and oil cannot reside in the same pore 

under immiscible conditions. CO2 can either be present with water or oil in the same pore, occupying 

the corners of the pore in the case of water, and the centres in the case of oil. This limitation means that 

during water injection, one of the principal displacement processes is likely to be double drainage where 

water displaces CO2 which then displaces oil in some of the larger pores, as discussed in the context of 

the pore occupancy, Fig. 3.23c. Unlike near-miscible conditions, CO2 does not displace all the oil it 

contacts due to the higher gas-oil interfacial tension (9.8 mN/m), Table 3.9.   
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Figure 3. 24. Two-dimensional raw images and three-dimensional segmented images of a trapped water 

ganglion in a single pore after gas injection (GI) at immiscible and near-miscible conditions. CO2 spreads in 

layers at near-miscible conditions, while it exists as disconnected clusters at immiscible conditions. The size of 

the 3D subvolumes shown at immiscible and near-miscible conditions are 185×209×121 µm3 and 109×134×152 

µm3 respectively. The pore-scale images were acquired by X-ray microtomography at a resolution of 1.82 µm per 

voxel.   

To examine the connectivity of the water and CO2 phases in the macro pore space, we plotted 3D 

coloured volume maps identifying the size of each disconnected phase cluster – a large range of colours 

represents a poorly connected phase, while a narrow colour distribution indicates better connectivity. 

The connectivity of the water and CO2 phases after gas injection (GI) and second waterflooding (WF2) 

are shown in Fig. 3.25 at immiscible and near-miscible conditions. In general, although not very well 

connected, the connectivity of CO2 is slightly improved at near-miscible conditions. This is attributed 

to the existence of CO2 in sheet-like layers at near-miscible conditions, while CO2 forms disconnected 

ganglia and no layers at immiscible conditions, see Fig. 3.24. Nevertheless, at immiscible conditions, 

the CO2 has a tendency to occupy some of the larger pores, Fig. 3.23, so that, for the same saturation, 

it is likely to have a larger flow conductance than under near-miscible conditions. The CO2 follows a 

tortuous path through the pore space in both cases, however.  

There is more water trapping (water is highly disconnected) during gas injection (GI) at immiscible 

conditions compared to near-miscible conditions. This is because, since CO2 cannot form layers, both 

phases essentially compete to occupy some of the larger and medium-sized pores, blocking each other’s 

flow. During the second waterflooding (WF2), water forms a connected path through the larger pores 

at both conditions. While not shown in Fig. 3.25, oil exists in highly connected thick wetting layers 

close to the rock surface: the oil wetting layer becomes thinner as more oil gets produced throughout 

the flooding experiment.      
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Figure 3. 25. Three-dimensional maps showing the connectivity of water and CO2 phases during gas 

injection (GI) and second waterflooding (WF2) at immiscible and near-miscible conditions. The colours 

indicate discrete clusters of each phase. Each subvolume is of 2,500×2,500×3,000 µm3 size and 1.82 µm/voxel 

size. The vertical arrow points in the flow direction. 

To quantitatively assess the connectivity of oil, water and CO2, we measured the Euler characteristic 

which quantifies the topology of the fluid phases within the pore space [160-164], see Table 3.12. A 

large negative Euler characteristic indicates that the fluid phase is interconnected with many redundant 

loops, while a phase that is trapped into many discrete ganglia exhibits a large positive Euler 

characterstic [165]. The fluid phases in the high-resolution, 1.82 µm/voxel, subvolumes, size 

2,500×2,500×3,000 µm3, were isolated and the small features (below 10 voxels) were filtered out prior 

to measuring the Euler characteristic of each phase, consistent with previous work [165].   

The results in Table 3.12 confirm the qualitative observations made based on Fig. 3.25. Water has a 

positive Euler characteristic after gas injection at both immiscible and near-miscible conditions 

confirming its existence in disconnected clusters in the centre of the pores, see Fig. 3.24, consistent with 

water being the most non-wetting phase. The water phase Euler characteristic decreases, as expected, 

after waterflooding. Under immiscible conditions water is still trapped in some of the larger pores giving 

a characteristic that remains positive, as evident in Fig. 3.25. After gas injection at both miscibility 

conditions, CO2 has a smaller negative Euler characteristic compared to oil which is well-connected in 

wetting layers. The CO2 Euler characteristic is smaller at near-miscible conditions, -634 mm-3, 

compared to immiscible conditions, -102 mm-3, after WF2, confirming the enhanced CO2 connectivity 

at near-miscible conditions due to its existence in spreading layers.   

Table 3. 12. Euler characteristic of water, CO2 and oil measured after gas injection [GI] and second 

waterflooding [WF2] at immiscible and near-miscible conditions. The Euler characteristic was measured on 

high resolution images, 1.82 µm/voxel, and normalized to the total volume in both cases. 

Miscibility state 

Normalized Euler Characteristic (mm-3) 

Gas Injection [GI] Second waterflooding [WF2] 

Water CO2 Oil Water CO2 Oil 

Immiscible 125 -504 -5055 21 -102 -17298 

Near-miscible 90 -499 -17851 -2318 -634 -24027 
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3.3.4.3 Capillary pressure and curvature analysis 

Using the curvature-based approach described in section 3.1.3.2.5.2, the capillary pressure between the 

fluids was measured after each injection step at immiscible and near-miscible conditions, see Fig. 3.26. 

The capillary pressure measurements were performed on high-resolution, 1.82 µm/voxel, subvolumes 

of size 2,500×2,500×3,000 µm3. The saturations, see section 3.3.4.5, only consider phases in the 

resolvable macro pore space. 

At both immiscible and near-miscible conditions, the capillary pressure between oil and water was 

negative, indicating that the pressure in the water phase is higher than oil, which is a characteristic of 

predominantly oil-wet media. The oil-water capillary pressure is more negative at near-miscible 

conditions, ranging from -1.3 kPa to -2.4 kPa, compared to immiscible conditions, ranging from -0.5 

kPa to -1 kPa, see Fig. 3.26. This is partially attributed to the higher oil-water interfacial tension in the 

near-miscible experiment (30 mN/m) compared to the immiscible experiment (21 mN/m), see Tables 

3.1 and 3.9. In addition, under near-miscible conditions, as shown in Fig. 3.23, oil tends to reside in 

smaller pores, which again would give a larger (more negative) capillary pressure. The fact that the 

average oil-water contact angles are higher in the immiscible case does not result in a more negative 

capillary pressure. As expected, the oil-water capillary pressure decreased with increasing water 

saturation at near-miscible conditions. However, in the immiscible experiment, the oil-water capillary 

pressure is more negative during gas injection (GI) at a lower water saturation. At the beginning of gas 

injection, after the first waterflood, the capillary pressure is likely to be large and negative, as the water 

displaces oil from increasingly small and oil-wet regions of the pore space. During gas injection, since 

the principal displacement is gas displacing water as an imbibition process, with a lower gas pressure 

than water, then Pcow can continue to have a large negative value while the gas pressure increases before 

gas is able to displace oil. During waterflooding, Fig. 3.23c, double displacement moves oil into larger 

pores, as discussed above, with a less negative capillary pressure.  

The measured gas-water capillary pressure ranged from -0.5 kPa to -2.5 kPa at both immiscible and 

near-miscible conditions. A negative gas-water capillary pressure indicates that gas is more wetting to 

the rock surface than water. This confirms the reported wettability order of oil-gas-water from most to 

least wetting in section 3.3.4.1. Under immiscible conditions, we again see that the capillary pressure 

is less negative (higher) during WF2. Again, this is due to double displacement, and the fact that water 

displaces gas from the larger pores, see Fig. 3.23c. Note that this leads to a trend of capillary pressure 

with saturation which is counter-intuitive: an increase with increasing water saturation. This shows that 

in three-phase flow the capillary pressure is a function of both saturation and displacement path [134, 

135, 166]. 

The gas-oil capillary pressure was positive at both immiscible and near-miscible conditions, indicating 

that oil is more wetting than gas, Table 3.11. As expected, the capillary pressure between gas and oil is 

higher at immiscible conditions (0.26 kPa to 0.38 kPa) compared to near-miscible conditions (0.04 kPa 

to 0.08 kPa) due to the higher gas-oil interfacial tension, see Tables 3.1 and 3.9.  
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Figure 3. 26. Capillary pressures estimated from the average curvature of the fluid-fluid interfaces plotted 

as a function of water saturation in the case of oil-water and gas-water capillary pressures and as a function 

of oil saturation in the case of the gas-oil capillary pressure. Capillary pressure measurements after first 

waterflooding (WF1), gas injection (GI) and second waterflooding (WF2) are shown (left column) at immiscible 

conditions and (right column) at near-miscible conditions. Error bars indicate the uncertainty in the measurements. 

The gas-water and gas-oil capillary pressure values in Fig. 3.26 were used to conduct the curvature 

analysis described in section 3.3.3.5.1, see Fig. 3.21, to quantitatively confirm that the gas layer 

spreading criteria are met at near-miscible conditions and that gas does not form layers at immiscible 

conditions. The results are shown in Fig. 3.27. At immiscible conditions, during gas injection (GI), the 

ratio of Pcgo to Pcgw falls below the critical line, suggesting that gas layers do not form, see Fig. 3.27 

(left). During WF2, the curvature analysis indicates that layers are possible, but the large negative 

spreading coefficient of -19.5 mN/m, Table 3.9, in this case prevents their formation. In contrast, at 

near-miscible conditions, the Pcgo to Pcgw ratio lies above the critical line suggesting the formation of 

stable gas layers, see Fig. 3.27 (right). The formation of gas layers is also supported by a gas spreading 

coefficient close to zero at near-miscible conditions (Csg = -2 mN/m, Table 3.1).  

The existence of CO2 in layers at near-miscible conditions substantially impedes its movement in the 

reservoir. While these layers maintain connectivity, they have low relative permeability (low flow 

conductivity) in the pore space of the rock. This was shown in section 3.2 where the relative 
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permeability of these layers on pore-space images was computed. On the other hand, we predict a higher 

CO2 relative permeability at immiscible conditions, where CO2 occupies some of the larger pores, Fig. 

3.23, and exists in blobby structures; its flow is not confined to movement in layers.  

 

Figure 3. 27. Curvature gas layer analysis conducted at (left) immiscible conditions and (right) near-

miscible conditions. The graphs illustrate that under immiscible conditions gas layers do not form, while gas can 

form layers under near-miscible conditions. Error bars indicate the uncertainty in the measurements. 

3.3.4.4 Interfacial area 

We also quantified the specific interfacial areas – area per unit volume (total volume of rock and pore 

space) – between each fluid pair and between the fluids and the rock surface (solid) at both conditions, 

see Fig. 3.28. From Fig. 3.28a and b, we observe that the CO2-water interfacial area is higher at near-

miscible conditions compared to immiscible conditions: this is caused by the presence of CO2 layers 

which surround the water phase increasing their direct contact in the pore space. Moreover, the CO2-

water interfacial area increases during WF2 at both conditions since more water is present, allowing 

more contact between the two phases. As expected, the oil-water interfacial area decreases as oil is 

produced under both immiscible and near-miscible conditions. This also explains why the oil-solid 

interfacial area decreases throughout the flooding experiment, see Fig. 3.28c and d.   

The CO2-oil interfacial area is higher at immiscible conditions compared to near-miscible conditions 

(Fig. 3.28a and b): this is an initially surprising result as one would expect a higher gas-oil interfacial 

area at near-miscible conditions given the low gas-oil interfacial tension which makes a gas-oil interface 

more energetically favorable to form in the pore space, combined with the presence of gas layers. This 

behaviour, however, can be ascribed to the low gas-oil capillary entry pressure at near-miscible 

conditions: gas will almost always have sufficient pressure to displace oil efficiently out of the pores 

minimizing their direct contact in the pore space. This is similar to the efficient displacement of oil that 

was also observed in the near-miscible water-wet system in section 3.1. This interpretation is supported 

by the higher CO2-solid interfacial area at near-miscible conditions compared to immiscible conditions, 

see Fig. 3.28c and d.   
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Figure 3. 28. Specific interfacial area measurements between each fluid pair in the pore space at (A) 

immiscible conditions and (B) near-miscible conditions, and between the fluids and the rock surface (solid) 

at (C) immiscible conditions and (D) near-miscible conditions. The specific area is calculated on extracted 

fluid-fluid and fluid-solid interfaces from segmented images. The measurements were performed on high-

resolution, 1.82 µm/voxel, subvolumes of size 2,500×2,500×3,000 µm3. Error bars reflect uncertainties in the 

specific area measurements. 

3.3.4.5 Saturation and trapping 

The saturation of water, oil and CO2 in the macro pores was quantified after each injection step for both 

sets of experiments. The fluid saturations in Fig. 3.29 were measured on segmented images of the whole 

sample (4,000×4,000×20,000 µm3). After the first waterflooding (WF1), 46 ± 2% of the oil was 

recovered at immiscible conditions, while only 39 ± 2% was recovered for the near-miscible 

experiment. The discrepancy in the oil recovered through water injection in the two experiments is 

attributed to many reasons including the use of different rock samples, different fluids, and different 

temperatures and pressures, rather than the wetting state of the rock. However, the low oil recovery 

observed during WF1 in the two experiments is ascribed to water invading the centres of the pores, 

bypassing oil which resides in wetting layers in the corners and small pores. This is a common 

characteristic of oil-wet media [72].  

Next, CO2 was injected in a tertiary recovery process allowing the production of both oil and water. At 

immiscible conditions, this resulted in a CO2 saturation of only 24 ± 2%, while, at near-miscible 

conditions, the CO2 saturation reached 33%; the injection of CO2 at near-miscible conditions resulted 

in an additional oil recovery of 19 ± 2%, while at immiscible conditions only 9 ± 2% of extra oil was 

recovered. The higher oil recovery at near-miscible conditions is attributed to the negligible (low) gas-

oil capillary pressure: as CO2 invades the pore space it efficiently displaces all the oil it contacts (almost 

100% microscopic displacement efficiency). The same favourable recovery has also been observed 

under near-miscible conditions in the water-wet rock in section 3.1.  
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Water injection during WF2 further reduces the oil and CO2 saturations. At immiscible conditions, the 

subsequent injection of water is necessary to increase the oil production, an additional 14 ± 2% of oil 

was recovered during WF2; the injection of CO2 alone is not sufficient to produce significant amounts 

of oil. Furthermore, water injection displaced only 5 ± 2% of the CO2 saturation at immiscible 

conditions, while at near-miscible conditions the CO2 saturation decreased by 12 ± 2%. The low CO2 

production at immiscible conditions is ascribed to the low connectivity of CO2, CO2 can form 

disconnected ganglia in the pore space, whereas, at near-miscible conditions, CO2 exists in connected 

layers which allows the gas to be produced directly. This is also consistent with our interpretation that 

the principal displacement in immiscible conditions is double drainage: water displaces disconnected 

CO2, but rather than being displaced, this CO2 displaces oil in some of the larger pores, as discussed 

previously, see Fig. 3.23. 

 

Figure 3. 29. Three-phase ternary diagrams showing the water, oil and CO2 end-point saturations after 

each injection step at (left) immiscible conditions and (right) near-miscible conditions. At first (black point 

on the diagram), the rock is restored to its initial reservoir conditions (water saturation in macro pores: 0.01 and 

oil saturation: 0.99). The colored arrows point to the chronological order of injection events: (i) first waterflooding 

[WF1]; (ii) gas injection [GI], and (iii) second waterflooding [WF2]. 

To recall, for CO2 to become capillary trapped by another fluid phase in the centres of the pore space, 

in general it must be less wetting than that phase. Therefore, since CO2 is more wetting to the rock than 

water at both immiscible and near-miscible conditions, this means that it cannot be capillary trapped by 

water. However, at immiscible conditions, CO2 can coexist with oil in the same pore and it is less 

wetting than oil; hence, CO2 can be capillary trapped by oil at these conditions. An example of this is 

illustrated in Fig. 3.30, where the injection of water during WF2 at immiscible conditions resulted in 

capillary trapping of CO2 by oil. The CO2 snap-off was caused by oil that was displaced by water [39, 

89]. In contrast, capillary trapping of CO2 by oil is not possible at near-miscible conditions due to the 

low oil-gas capillary pressure, which prevents their direct contact in the pore space. This is confirmed 

by the lower Euler characteristic, see Table 3.12, after WF2, implying better connectivity.  
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Figure 3. 30. (left) A 2D 1.82 µm resolution pore-scale image showing capillary trapping of CO2 by oil under 

strongly oil-wet immiscible conditions in a carbonate rock after the second waterflooding (WF2). (right) A 

selected 3D subvolume (193×126×166 µm3) from (left) showing a trapped CO2 ganglion surrounded by oil 

in a single pore.     

3.3.4.6 Implications for recovery and storage 

So far, we have demonstrated that although the wettability order, oil-gas-water from most to least 

wetting, is the same under immiscible conditions and near-miscible conditions, the pore-scale fluid 

configurations and trapping mechanisms remain different. Accordingly, we presume that the selected 

injection conditions (immiscible or near-miscible conditions) will have different implications on oil 

recovery and the safety of carbon dioxide storage in CO2-EOR projects. In our discussion of the results, 

the emphasis will be the on local displacement efficiency – that is the amount of recovery and storage 

in parts of the pore space contacted by the injected fluids. Overall recovery will also, of course, be 

controlled by well placement and large-scale reservoir heterogeneity. 

We suggest that at near-miscible conditions, an injection of strategy of CO2 injection only should be 

implemented for three reasons. (i) At near-miscible conditions, the flow of CO2 in the pore space is 

restricted even when injected alone due to its existence in layers of low conductivity. This means that 

it is difficult for the stored CO2 to solely flow towards abandoned boreholes and escape through them. 

(ii) Significant amounts of oil can be recovered by CO2 injection only at near-miscible conditions; the 

low gas-oil interfacial tension results in a high microscopic or local displacement efficiency. (iii) The 

subsequent injection of water produces significant quantities of the stored CO2, reducing the storage 

capacity; CO2 exists in connected layers which allows the gas to be produced directly when displaced 

by water, albeit slowly. Water injection does not help to trap the CO2 and simply facilitates its 

displacement. Therefore, a continuous CO2 injection only strategy is recommended at near-miscible 

conditions, or with minimal amounts of water – CO2 is unlikely to be produced in significant quantities.  

In contrast, to aid oil recovery and CO2 storage during CCS-EOR at immiscible conditions, a WAG 

injection strategy is suggested. This is ascribed to two reasons. (i) CO2 exists as disconnected ganglia 

in the pore space of the reservoir rocks; hence, the subsequent injection of water does not produce a 

large quantity of the stored CO2. Furthermore, at immiscible conditions, the injection of water can cause 

capillary trapping of CO2 by oil in the centres of the pore space which is not possible at near-miscible 

conditions. Capillary trapping of CO2 by oil ensures the safety of carbon storage. (ii) The injection of 

CO2 alone at immiscible conditions is not sufficient to produce significant amounts of oil; subsequent 

water injection is necessary to increase the oil recovery.   
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3.3.5 Final Remarks and Suggestions  

We have provided the first experimental evidence of three-phase displacement in strongly oil-wet 

reservoir rocks, where the wettability order in the system is altered such that water is the most non-

wetting phase occupying the largest pores, oil is the most wetting phase occupying the smallest pores, 

while gas is the intermediate-wet phase occupying medium-sized pores. In our strongly oil-wet rock, at 

immiscible conditions, we use X-ray imaging to (i) characterize in situ contact angles and pore 

occupancy; (ii) examine fluid configurations and connectivity (Euler characteristic), (iii) investigate the 

formation of gas layers, (iv) quantify fluid-fluid/fluid-solid interfacial areas; (v) measure fluid 

saturations during a WAG flooding strategy; and (vi) determine the optimum carbon dioxide storage 

mechanism. We performed the same analysis on the near-miscible dataset presented in section 3.2, 

where the rock is slightly less oil-wet, but has the same wettability order in the pore space, oil-gas-water 

from most to least wetting. Despite having the same wettability order, we observed distinct pore-scale 

phenomena at immiscible and near-miscible conditions. Our main conclusions and implications from 

this work are: 

• CO2 layers. CO2 as the intermediate-wet phase forms layers surrounding water at near-miscible 

conditions, while, at immiscible conditions, it exists as disconnected ganglia in the pore space. 

This is mainly due to the large negative gas spreading coefficient at immiscible conditions (Csg 

= -19.5 mN/m) which prevents it from spreading in layers compared to the near-miscible case 

(Csg = -2 mN/m). CO2 can flow more readily in the pore space at immiscible conditions, when 

connected, as opposed to being confined to movement in layers at near-miscible conditions.  

• Capillary pressure. As expected, the capillary pressure measurements displayed (-) negative 

oil-water and gas-water pressures and a (+) positive gas-oil pressure confirming the anticipated 

wettability order, oil-gas-water from most to least wetting, at both immiscible and near-miscible 

conditions. Despite having a similar gas-water capillary pressure in the two systems, the gas-

oil capillary pressure was much higher at immiscible conditions due to its higher gas-oil 

interfacial tension.    

• Interfacial area. The CO2-water specific interfacial area is higher at near-miscible conditions 

because of the spreading of CO2 layers surrounding the water phase, whereas the CO2-oil 

interfacial area is higher at immiscible conditions due to the trapping of CO2 in the centres of 

the pore space by the oil wetting layers.   

• Trapping. Water, the most non-wetting phase, gets trapped in the centres of the pore space 

when CO2 is injected at both conditions, with slightly higher water trapping at immiscible 

conditions. CO2 is more connected at near-miscible conditions, albeit with a low flow 

conductance. Oil exists in thick wetting layers close to the rock surface at both conditions. It is 

not possible to capillary trap CO2 by water in the centres of the pore space at both immiscible 

and near-miscible conditions since CO2 is more wetting to the rock than water. However, 

capillary trapping of CO2 by oil is possible at immiscible conditions.  

• Oil recovery. Near-miscible gas injection conditions are more favourable for oil recovery due 

to the low gas-oil interfacial tension which allows gas to displace oil efficiently from the pores 

(almost 100% microscopic displacement efficiency).   

• Implications for CO2 storage. Our results suggest that for favorable oil recovery coupled with 

effective CO2 storage at near-miscible conditions during CCS-EOR, an injection strategy of 

CO2 injection only should be implemented, while a WAG injection strategy (injection of CO2 

and water alternately) is recommended at immiscible conditions.  
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Future work should primarily focus on quantifying the relative permeabilities of water, oil and CO2 in 

the pore spaces of water-wet, oil-wet and mixed-wet rocks at immiscible and near-miscible conditions; 

we show measurements of relative permeability at immiscible conditions in chapter 6. Moreover, a 

time-resolved synchrotron experiment can be conducted to better characterize the pore-scale dynamics 

of three-phase flow in oil-wet rocks which will be the topic of chapter 4. Furthermore, these results 

could be used to study energy balance and connectivity to help develop improved theories of three-

phase flow in porous media 

Having investigated the pore-scale physics in a strongly oil-wet system using static imaging in this 

section, in the next sections, 4.1 and 4.2, we will use synchrotron dynamic imaging to study the pore-

scale invasion dynamics during water and gas injection in a strongly oil-wet rock.  
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4 Chapter 4 
In this chapter we will present the materials and methods, results, discussion, and conclusions of the 

dynamic two- and three-phase studies (EXP4 and EXP5, see Table 1.1). The pore-scale invasion 

dynamics during water and gas injection in a strongly oil-wet rock are investigated using synchrotron 

X-ray imaging in sections 4.1 and 4.2 respectively. The two experiments were performed consecutively 

on the same reservoir sample. In section 4.1, only the area where dynamic images were acquired was 

analysed, while the whole sample – including the dynamic area – was analysed in section 4.2. Again, 

the heading of each section is given the title of the published manuscript.  

4.1 Dynamics of water injection in an oil-wet 

reservoir rock at subsurface conditions: 

Invasion patterns and pore-filling events 

4.1.1 Summary  

We use fast synchrotron X-ray microtomography to investigate the pore-scale dynamics of water 

injection in an oil-wet carbonate reservoir rock at subsurface conditions. We measure, in situ, the 

geometric contact angles to confirm the oil-wet nature of the rock and define the displacement contact 

angles using an energy-balance-based approach. We observe that the displacement of oil by water is a 

drainage-like process, where water advances as a connected front displacing oil in the centre of the 

pores, confining the oil to wetting layers. The displacement is an invasion percolation process, where 

throats, the restrictions between pores, fill in order of size, with the largest available throats filled first. 

In our heterogeneous carbonate rock, the displacement is predominantly size controlled; wettability has 

a smaller effect, due to the wide range of pore and throat sizes, as well as largely oil-wet surfaces. 

Wettability only has an impact early in the displacement, where the less oil-wet pores fill by water first. 

We observe drainage associated pore-filling dynamics including Haines jumps and snap-off events. 

Haines jumps occur on single- and/or multiple-pore levels accompanied by the rearrangement of water 

in the pore space to allow the rapid filling. Snap-off events are observed both locally and distally and 

the capillary pressure of the trapped water ganglia is shown to reach a new capillary equilibrium state. 

We measure the curvature of the oil-water interface. We find that the total curvature, the sum of the 

curvatures in orthogonal directions, is negative, giving a negative capillary pressure, consistent with 

oil-wet conditions, where displacement occurs as the water pressure exceeds that of the oil. However, 

the product of the principal curvatures, the Gaussian curvature, is generally negative, meaning that 

water bulges into oil in one direction, while oil bulges into water in the other. A negative Gaussian 

curvature provides a topological quantification of the good connectivity of the phases throughout the 

displacement. 

4.1.2 Investigations  

The motivation behind performing this dynamic two-phase flow experiment is highlighted in section 

2.2.3.1.  

In EXP 4, we examine, in situ: (i) wettability and displacement contact angles; (ii) invasion patterns 

(pore-filling order); (iii) Haines jumps; (iv) snap-off events; (v) fluid saturations; (vi) specific interfacial 

areas; and (vii) oil-water capillary pressure. We test the hypothesis that in a highly heterogenous porous 
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medium with a significant wettability alteration from an original water-wet state, the pore space 

becomes largely water-repellent, and that water invasion is a drainage-type invasion percolation 

process. We compare some of the results with a similar study conducted on a Ketton limestone rock 

[102]. This work is important since non-water-wet surfaces are ubiquitous in nature, e.g. in deep oil 

reservoirs, rice leaves, butterfly wings, and human skin, as well as the fact that many surfaces are 

designed to be fully or partially water-repellent to improve their performance, e.g. textiles, medical and 

cosmetic devices including surgical masks, fuel cells and catalysts [18, 70, 79-82, 111, 167-169]. 

Moreover, this time-dependent data is vital for the validation of pore-scale models of multiphase flow. 

4.1.3 Materials and Methods 

In this section, we provide details regarding the rock and fluid properties, the methodology followed to 

establish the reservoir wettability, flow apparatus, image acquisition and processing. The sample was 

initially prepared in-house before transporting it to the synchrotron facility for imaging the flooding 

experiment. All imaging was conducted at the Diamond imaging beamline I13-2 (Diamond Light 

Source, Harwell campus, Didcot, UK).        

4.1.3.1 Rock and fluid properties 

The experiment was conducted on a 3.85 mm diameter and 13.8 mm long reservoir sample cut from the 

same large piece of rock used in sections 3.2 and 3.3, refer to section 3.2.3.1 for more details on the 

rock type. The reservoir rock is very heterogenous with a wide distribution of pore sizes varying from 

3.5 to 120 µm; see Fig. A4.1 in Appendix 1 for the pore size distribution. The measured helium porosity 

of the sample was 26%, with the macro- and sub-resolution porosities accounting for 16% and 10% 

respectively. The pore volume (PV) of the sample corresponding to the total helium porosity was 0.0416 

mL.  

The experimental fluids used to represent the water and oil phases were doped deionized water (20% 

by weight potassium iodide) and doped n-decane (15% by weight 1-iododecane) respectively. The 

thermophysical properties of the two fluids are listed in Table 4.1.  

Table 4. 1. Thermophysical properties of the oil and water phases at the experimental conditions (8 MPa 

and 60 ºC). The interfacial tension between oil and water was measured at 8 MPa and 60 ºC using the pendant 

drop method. Data from NIST [130], Toolbox [158], Jianhua [170]. 

Fluid Composition (%wt) ρ (kg∙m-3) µ (mPa∙s) σ (mN∙ m-1) 

Water 80% deionized + 20% potassium iodide 1145.0 0.547 
σow = 52.1 

Oil 85% n-decane + 15% 1-iododecane 715.2  1.088 

 

4.1.3.2 Wettability alteration 

The surface wettability of the rock sample was altered oil-wet prior to conducting the experiment. We 

used the ageing protocol detailed in section 3.2.3.2, where the rock undergoes both dynamic and static 

ageing. Ageing was performed in-house before transporting the sample to the synchrotron light source 

facility.  

4.1.3.3 Flow experiment and synchrotron imaging 

The experimental apparatus used to conduct the flow experiment in the synchrotron light source facility 

is shown in Fig. 4.1. The sample-coreholder assembly is similar to that detailed in section 3.1.3.2. The 

flow cell was then placed in front of the synchrotron beamline to start the experiment.  
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The flow experiment was initiated by flushing 20 pore volumes of the oil phase (doped n-decane) 

through the sample at a flow rate of 0.1 mL/min to replace the crude oil used to alter the wettability. 

This step is essential to avoid the formation of emulsions during the experiment [109]. The system was 

then pressurized to the experimental conditions (8 MPa) and the confining pressure to 10 MPa. The 

temperature in the system was then raised to the experimental temperature (60 °C) using an Omega 

flexible heater. At this point, a single high-quality scan of the oil saturated rock was acquired (hereafter 

called the reference oil scan). While oil initially occupied almost 99% of the macro-pore space before 

water injection (measured on the reference oil scan), water was also initially present in the sub-

resolution porosity and in the corners of the pore space. 

The dynamic experiment was then started by injecting water into the oil saturated rock at a very low 

flow rate, 0.15 µL/min, achieving a capillary number (Ca = 𝜇q/𝜎, where 𝜎 is the oil-water interfacial 

tension, 𝜇 is the viscosity of water and q is the Darcy velocity of water) of 2.09×10-9 which resulted in 

capillary dominated flow conditions. Furthermore, the low flow rate enabled the flow dynamics to be 

captured with a temporal resolution of 70 s. During water injection, the centre of the sample was 

continuously scanned (hereafter called dynamic water injection scans). No, or minimal, displacement 

dynamics were observed after 92.1 minutes of water injection, and hence water injection was 

terminated. 

 

Figure 4.  1. The high pressure, high temperature flow apparatus used to conduct the water injection 

experiment. The apparatus consisted of four syringe pumps, a carbon fibre flow cell, flexible heating jacket 

connected to a PID controller, a PCO edge camera and a synchrotron light source. 

The fast time-resolved synchrotron imaging was performed using a high photon flux pink beam with a 

peak photon energy of 15 keV. The X-rays were filtered by placing a 1.3 mm pyrolytic carbon filter, a 

3.2 mm aluminium filter and a 10 µm gold filter in the beam line. In this section, (4.1), we will only 

analyze the dynamic images taken at the centre of the sample giving a 4.5×4.5×3.8 mm3 field of view 

with a pore volume (PV) of 0.02 mL as shown in Fig. 4.1. The imaged field of view covered the whole 

cross-sectional area of the sample. Imaging started when water was detected in the peek spacer. The 

size of the images was 1280×1280×1080 voxels, with a voxel size of 3.5 µm. The high-quality oil scan 
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was acquired with a total of 2000 projections and 0.15 s exposure time. During water injection a total 

of 76 tomograms were acquired over a period of 92.1 minutes, with 700 projections and 0.065 s 

exposure time. The lower number of projections and exposure time allowed for the dynamic images to 

be acquired with a high temporal resolution (a complete tomogram was acquired every 70 s).      

4.1.3.4 Image processing  

The tomograms were then reconstructed to build three-dimensional pore-scale images of the rock and 

fluids within it. Fig. 4.2 shows 2D slices of the 3D pore-scale images taken after oil injection, Fig. 4.2a, 

and at the end of water injection, Fig. 4.2b. All images were segmented using the machine learning 

based trainable WEKA segmentation method [147, 171]. No filtering was applied to the images prior 

to segmentation as it can have an adverse effect on the quality of WEKA segmentation [13]. Two 

approaches were adopted to segment the reference oil scan and the water injection scans. In the case of 

the high-quality oil scan, the classifier was trained by manually selecting voxels that belong to the oil 

and rock phases, which was then applied to segment the whole image, see Fig. 4.2d.  

 

Figure 4.  2. Image segmentation workflow. The raw reference oil scan, 3.5 µm/voxel, in (A) was segmented 

directly using WEKA segmentation, see (D). To segment the water injection scan, 3.5 µm/voxel, in (B), it was 

first subtracted from the reference oil scan, in (A), to clearly distinguish the water phase, as shown in light grey 

in (C). The water phase in (C) was then segmented using WEKA, as shown in (F), and then masked on the 

segmented oil scan in (D) to give the final segmentation of the water injection scan, see (E). The mean and variance 

texture filters were used during WEKA segmentation. 

The segmentation of the dynamic water injection scans was performed in four steps. (i) First, all the 76 

time-series raw water injection images were registered to the raw oil reference scan. (ii) Each water 

injection scan containing three-phases (water, oil and rock) was then subtracted from the oil reference 

scan, which contains mainly two phases (oil and rock), creating a subtracted image where the water 

phase can be clearly distinguished, see Fig. 4.2c. (ii) Water was then segmented using WEKA by 

training the classifier to identify the voxels that belong to the water phase, see Fig. 4.2f. (iv) The 

segmented water phase was then masked on the segmented oil reference scan resulting in the final 

segmented water injection image, see Fig. 4.2e. A cylindrical mask was then applied on the segmented 
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images to remove the unwanted regions, e.g. the Viton sleeve. The fast-random algorithm was employed 

during all WEKA segmentations alongside the mean and variance texture filters.    

4.1.3.5 Wettability characterization methods 

Wettability can be inferred from the measured spatial distribution of contact angles between the fluids 

within the pore space, also known as the geometric contact angle (θg) [30, 31, 172-174], as demonstrated 

in sections 3.1, 3.2 and 3.3. While the geometric contact angle provides useful information on 

wettability on a pore-by-pore basis, its value is measured at rest and hence it does not necessarily 

represent the actual value encountered during displacement because of contact angle hysteresis [175]. 

Moreover, it has been shown that the use of spatially distributed geometric contact angle values were 

insufficient to reproduce the waterflooding behaviour in altered-wettability media [176].  

Therefore, we also use an alternative approach to define the contact angle associated with the fluid 

displacement in our system, known as the thermodynamic contact angle, θt. θt is computed from an 

energy balance, and considers the changes in saturation and interfacial areas from two consecutive water 

injection images (time-steps) [32]: 

                                                             cos 𝜃𝑡 =  
𝜅𝜙∆𝑆𝑤 +  ∆𝑎𝑤𝑜

∆𝑎𝑤𝑠
                                                                  (4.1) 

where ΔSw, Δawo, and Δaws are the differences, between two time-steps, in water saturation, and specific 

interfacial areas between water and oil, and water and solid measured on the macro-porosity. κ = 2κm is 

the total curvature of the oil-water interface and  is the imaged-based macro-porosity. 

In our dynamic water injection images, we compute the thermodynamic contact angle between all the 

time-steps and compare its value to the distribution of geometric contact angle.  

4.1.3.6 Pore-filling analysis 

To quantitatively assess the order of pore-filling during water injection, we developed an in-house 

algorithm that detects the size of the filled elements as the water front progresses through the pore space. 

For each time-step, (i), the algorithm identifies the pores occupied by the advancing water front and 

measures the size of the throats connected to it, also known as available throats for invasion, using the 

maximal ball network extraction code [145, 146]. A throat is considered available whenever two pores 

connected to it are occupied by different phases (oil and water). Subsequently, the algorithm records 

the inscribed radius of the available throats, in (i), that become invaded by water in the next time-step 

(i+1). An available throat is considered invaded when both pores connected to it are filled with water 

and its centre is also occupied by water. Finally, the algorithm generates a plot showing the size of the 

invaded available throats at time-step (i+1) against the size of the available throats at time (i) to illustrate 

the order of filling during water injection. This approach is different from a conventional occupancy 

analysis that depicts the size of the invaded pores or throats at each time-step against the size of all the 

pores or throats in the rock. Here we only consider the throats available for invasion, which are adjacent 

to the advancing water front.  

If the rock has become uniformly oil-wet (water-repellent), we expect water injection to be a drainage 

process. If displacement proceeds by invasion percolation then we expect at every time step the largest 

available throats to be filled [83]. 
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4.1.3.7 Minkowski functionals  

In addition to characterizing the in situ wettability and order of pore filling, the segmented pore-scale 

images can be used to compute the four Minkowski functionals, which are morphological measures that 

provide a complete geometrical characterization of the fluids within the pore space  [177-179]. The 

zeroth order Minkowski functional (M0), is the volume. In two-phase flow, this can be defined as the 

volume of each phase, which we obtained to calculate the saturation of the oil and water phases:   

                                                                              𝑆 =  
𝑣

𝜙𝑉
                                                                                  (4.2) 

where S is the fluid phase saturation defined here only in the macro-porosity, v is the volume of the 

fluid phase in the pore space,  is the macro-porosity, and V is the image size (total volume).  

Interfacial area is the first order Minkowski functional (M1), from which we can define the specific 

interfacial area (a) between the fluids and the fluids and the solid (a has units of 1/length) [180]:  

                                                                              𝑎 =
𝑀1

𝑉
                                                                                (4.3) 

We computed the specific interfacial area between water and oil (awo), oil and solid (aos), and water and 

solid (aws) from the segmented images.  

The second order Minkowski functional (M2) is the total curvature (the sum of the two principal 

curvatures) of the interface between two phases (κ) which can be related to the capillary pressure (Pc) 

through the interfacial tension (σ) using the Young-Laplace equation, (2.9) [19]. 

The third, and last, Minkowski functional (M3) is the surface integral of the Gaussian curvature, or the 

product of the two principal curvatures (κg = κ1 × κ2) [179]. The Gaussian curvature of the fluid-fluid 

interface can be used as a measure of the connectedness of the fluid phases in the pore space.  

4.1.4 Results and Discussion  

In this section, we will analyse the segmented images to investigate the pore-scale dynamics during 

water injection in the reservoir rock. First, in section 4.1.4.1, we compute the geometric and 

thermodynamic contact angles for each time-step to characterize the wettability of the rock; we suggest 

that the thermodynamic angles provide a better quantification of the wettability during displacement. 

In section 4.1.4.2, we examine the pore-filling events by qualitatively and quantitatively assessing: (i) 

the invasion patterns; (ii) Haines jumps; and (iii) snap-off events. We demonstrate that the water 

advance is an invasion percolation process. Finally, in section 4.1.4.3, for each water injection time-

step, we quantify the Minkowski functionals describing: (i) fluid saturations; (ii) specific interfacial 

areas between the fluids and the fluids and rock; (iii) oil-water capillary pressure; and (iv) Gaussian 

curvatures. We compare the results with a previous study conducted on a Ketton sample [102]. 

4.1.4.1 Geometric and thermodynamic contact angles 

The distribution of in situ geometric contact angles, θg, between oil and water was measured in a 

subvolume of size 1.75×1.75×1.75 mm3, located in the centre of the field of view, during water injection 

using the automated method developed by AlRatrout et al. [30]. Fig. 4.3 shows the distribution of the 

geometric oil-water contact angles in our reservoir rock compared to that measured on Ketton limestone 

by Scanziani et al. [102]. The mean of the geometric contact angle distribution in the reservoir rock is 

110° with a standard deviation of ± 20°. This indicates that the rock surfaces are predominately oil-wet, 

such that it prefers to be in contact with oil; water, the non-wetting phase, resides in the centres of the 

pores surrounded by oil wetting layers, see Figs. 4.4 and 4.5. Given the oil-wet nature of the rock, we 
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expect the displacement of oil by water to be drainage-like. Moreover, the wide range of pore sizes in 

the heterogenous reservoir sample, Fig. A4.1 in Appendix 4, suggests that the control on displacement 

is more likely to be governed by radius than contact angle, which is discussed further in section 

4.1.4.2.1. The average geometric contact angle distribution in the reservoir rock is similar to that 

obtained on a Ketton limestone sample, 109 ± 19o, where the same wettability alteration protocol was 

employed [102], Fig. 4.3a. However, as we will show later, the displacement behaviour is very different. 

Furthermore, we observe that the mean geometric contact angle remains constant throughout the 

waterflooding experiment in the reservoir rock, see Fig. 4.3b. 

Nevertheless, as mentioned earlier, the geometric contact angle is measured on a fixed oil-water 

interface. Many of the contacts between oil, water and the solid are pinned and have a hinging contact 

angle between the low, water-wet value when oil first entered the rock, and a higher value needed for 

water to advance across an altered wettability surface. Hence, the geometric values do not necessarily 

represent the oil-water contact angles encountered during displacement, with a tendency to 

underestimate the values [32, 175]. We therefore used Eq. (4.1) to calculate a thermodynamically 

consistent contact angle, θt, for each time-step. The calculated thermodynamic contact angles are shown 

in Fig. 4.3c: this represents the average oil-water contact angle for displacement consistent with the 

change in surface energy estimated from the images. Fig. 4.3c indicates that the thermodynamic contact 

angle in the reservoir rock has a stable trend during water injection, with an average value of 

approximately 135 ± 10°. A lower θt was observed early on in the displacement, 103 ± 10° and 105 ± 

10°, indicating that, initially, water preferentially fills the less oil-wet pores, followed by the filling of 

increasingly oil-wet regions of the pore space. In the previous study on Ketton, the thermodynamic 

angle increased from 110o to 130o, shown in red in Fig. 4.3c, throughout the displacement; however, it 

was still lower than the thermodynamic angle for the reservoir rock [102]. Hence, we observe that the 

thermodynamic angle provides a better discrimination between the two cases than the geometric angle 

which displayed a similar distribution. Although the difference in wettability captured by the 

thermodynamic angle is relatively modest, combined with a more heterogenous pore-size distribution, 

it leads to a distinct displacement behaviour, as presented next.  

Furthermore, a recent modelling study has shown that to match experiments of waterflooding in rocks 

with altered wettability, it is insufficient to use the geometric contact angle: instead, a larger contact 

angle should be used to account for contact angle hysteresis in the more oil-wet regions [176]. This 

implies that the thermodynamic contact angle better captures the displacement in a model.  
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Figure 4.  3. (A) Normalized histograms of the measured in situ contact angles between oil-water in the 

reservoir sample (black) and in the Ketton limestone sample (red) at the end of waterflooding. (B) The 

mean of the calculated geometric contact angle distributions in the reservoir sample plotted as a function 

of time and pore volume injected. (C) The calculated average value of the thermodynamic contact angle, 

using Eq. (4.1), with pore volumes injected in the reservoir sample (black) and in the Ketton sample (red). 

Error bars in (B) show the standard deviation, while in (C) it indicates the uncertainty in the measurements. The 

geometric and thermodynamic contact angles measured on Ketton from Scanziani et al. [102]. 

4.1.4.2 Pore-filling events 

The pore-scale dynamics of waterflooding were imaged for a total of 92.1 minutes, after which there 

was no significant change in the oil and water configurations in the pore space. Water breakthrough in 

the imaged field of view, which is 3.62 mm in length, occurred after 58.2 minutes, which corresponds 

to an injection of 0.45 PV of water. Fig. 4.4, show images of the advancing water phase acquired at 

different time-steps – each colour represents a different water cluster.  

We observe that water advances as a connected front displacing the oil phase in the pore space which 

indicates that water injection in our oil-wet reservoir rock is a drainage process. Layer flow was inferred 

during displacement as oil, the wetting phase, was observed in the corners and roughness of the pore 

space, see Fig. A4.2 in Appendix 4, as well as in the pore centres. Furthermore, water invasion was 

accompanied by drainage dynamics associated with interface advancing and retraction, e.g., Haines 

jumps and Roof snap-off, see Fig. 4.4; this further confirms that drainage was the displacement process 

in the experiment. Drainage and its associated dynamics were previously imaged in water-wet systems 

[87, 100] but not in oil-wet systems. Fig. 4.4 shows that drainage dynamics continued even after 

breakthrough as water displaced more oil out of the pore space. This contrasts with the experiment on 

Ketton limestone where no displacement was observed after breakthrough [102]. 
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Figure 4.  4. Three-dimensional maps of the water phase connectivity during water injection shown at 

different time-steps. During invasion, water advanced as a connected front displacing oil in the pore space. This 

displacement was accompanied by apparent drainage dynamic events, including Haines jumps (t = 9.15 min) and 

Roof snap-off (t = 16.1, 47.9, 54.7, 82.8 and 92.1 min). The black arrow points towards the direction of flow. 

4.1.4.2.1 Invasion percolation 

The time-series segmented images were analysed to characterize the pore-filling order during water 

injection. First, we qualitatively assess the order of filling in a single pore occupied by oil and water, 

see Fig. 4.5. Fig. 4.5a illustrates that water resides in the centres of the pore space confining oil to 

wetting layers and small corners, which is a common characteristic of predominantly oil-wet media 

[72]. At time = 2.13 min, Fig. 4.5a, there are 5 available throats for water to pass through to progress to 

the next pores. These available throats are labelled from 1 to 5 in a decreasing order of size in Fig. 4.5c, 

where the oil phase was rendered transparent to make it possible to visualize the available throats. At 

time = 3.30 min, Figs 4.5b and 4.5d, we observe that water invaded the centres of the largest available 

throats (1, 2 and 3) to pass through, as they required the lowest absolute capillary entry pressures. We 

presume that as water pressure increases during water injection, water first had sufficient pressure to 

invade the largest throat (1), and then progressively filled the smaller throats (2 and 3). However, this 

happens on a much shorter time-scale than that required for a single scan, and hence was not captured 
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in the experiment. Overall, the throats were filled in order of size, with the largest filled first, which 

indicates that water injection in this rock is an invasion percolation process.  

 

Figure 4.  5. Three-dimensional pore-scale images of a single pore (210×123×175 µm3) showing the invasion 

pattern of water. (A) At time = 2.13 min, there are 5 throats connected to the pore that are available for subsequent 

water invasion. These throats are labelled from 1 to 5 in a decreasing order of size in (C), where oil was rendered 

transparent to make it possible to visualize the throats. (B) and (D) At time = 3.30 min, the largest throats 1, 2 and 

3 get invaded by water which indicates that water injection in an oil-wet medium is an invasion percolation 

process. The white arrow points towards the direction of flow, while the blue arrow refers to the evolution of 

water invasion.  

Using the pore-filling analysis described in section 4.1.3.6, the filling sequence was quantified in all the 

pores adjacent to the advancing water front in the dynamic images during water injection. For each 

time-step, the size of the invaded throats is plotted against all the available throats for invasion, see Fig. 

4.6. Figs. 4.6a and 6b, show that the advancing water front invades the largest available throats at time-

steps 2.13 min and 12.6 min respectively, which again confirms that water injection in oil-wet media is 

an invasion percolation process. This behaviour is further inferred from the cumulative result of all the 

76 time-steps shown in Fig. 4.6c, indicating that water almost always invades the largest throats during 

displacement.  

To show the significance of invasion percolation in our oil-wet rock, we generated a box plot for the 

invaded throats against the available throats for every 5 time-steps, see Fig. 4.6d. Fig. 4.6d shows that 

the portion of the available throats invaded by water always lies within the largest 5% of the available 

throats for invasion. This indicates that the displacement in our heterogenous oil-wet system is mainly 

size-controlled, as filling larger throats requires a lower absolute value of the oil-water capillary 

pressure, and that wettability has a little effect. This is attributed to the wide pore size distribution of 

the rock sample selected (Fig. A4.1 in Appendix 4). The impact of wettability on displacement is 

marked early on, where the less oil-wet pores were filled by water first, see Fig. 4.3. It is also unlikely 

that the later filling sequence is determined by a correlation between contact angle and throat radius, 

where the larger throats also have a smaller contact angle (favoring filling): previous work on a similar 
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reservoir rock has shown that there is weak tendency for larger pores and throats to be more oil-wet 

[70].  

Wettability is expected to play a greater role in displacement in systems with a more uniform pore and 

throat size distributions. More specifically, it has been previously observed in the Ketton limestone 

sample with similar wettability conditions but a narrower pore size distribution, where both geometry 

and wettability controlled the displacement sequence and pores of all size were filled during water 

injection [102].    

 

Figure 4.  6. Pore-filling analysis conducted by plotting the size of invaded throats against the size of all the 

available throats for water invasion. (A) and (B) The sizes of throats filled at time = 2.13 min and 12.6 min 

respectively. (C) A cumulative of the pore-filling analysis results at all the time-steps. (D) A box plot of the 

cumulative pore-filling results in (C) shown as a function of time.    

4.1.4.2.2 Haines jumps 

Haines jumps were observed on single and multiple pores level during water injection. Fig. 4.7 shows 

the rapid filling of multiple pores during a Haines jump, and quantifies the specific interfacial area of 

water before and after its retraction from the narrower regions. First, we notice a slow increase in the 

water saturation between time-steps 3.30 and 7.98 minutes, Figs. 4.7a and 4.7b respectively. However, 

as soon as the Haines jump occurs at time = 9.15 min, water rapidly fills multiple pores resulting in a 

large increase in the water saturation, see Fig. 4.7c. The movement of the advancing water interface 

during a Haines jump is very rapid and cannot be captured with the temporal resolution of this 

experiment (70 s); micromodel studies have shown that the pores drain on a millisecond timescale [181].  

Furthermore, we observe a re-arrangement of the water phase in the pore space associated with the 

Haines jump, where water retracts from the high-pressure regions (throats) and flows towards regions 

of lower water pressure to supply the rapid filling. This is shown in Fig. 4.7d, where water has a lower 

specific interfacial area of 1.89 mm-1 at time = 9.15 min after the Haines jump compared to time = 7.98 
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min, where water had a specific interfacial area of 1.94 mm-1. We noticed that water, shown in blue, 

has retracted from the throats, shown in orange, in the region marked with a dashed line. The effect of 

multiple pore filling during Haines jumps is more marked early in the waterflooding experiment, when 

most pores are occupied by oil only.  

 

Figure 4.  7. Three-dimensional images of the water phase at different time-steps illustrating the rapid 

filling of multiple pores during a Haines jump. (A) and (B) show a slow increase in the water saturation, which 

was followed by a large increase in the water saturation caused by the Haines jump in (C). (D) The specific 

interfacial area of water is lower in the high-pressure region, marked by the dashed line, after the Haines jump 

due to water retraction. The black arrow points towards the direction of flow, while the blue arrow refers to the 

evolution of water invasion. 

4.1.4.2.3 Local and distal snap-off 

We observed the two types of snap-off, local and distal, during the waterflooding experiment, see Fig. 

4.8. Distal snap-off occurs due to the retraction of water, the non-wetting phase, from the narrower 

regions of the pore space during a Haines jump, Fig. 4.7, some distance away from the jump itself. The 

retraction of water is an imbibition process, which can result in snap-off and disconnection of the water 

phase as shown in Fig. 4.8a. Next, we measured the capillary pressure in the system using the curvature-

based method described in section 3.1.3.2.5.2. The measurements show a lower absolute value of the 

local capillary pressure for the disconnected water ganglion (-2.41 kPa) compared to the connected 

water cluster (-3.26 kPa); this indicates that the trapped water ganglion reaches a new state of capillary 

equilibrium in the pore space. Furthermore, as water invasion proceeds, its local capillary pressure 

decreases (higher water pressure) allowing it to re-access the throat where snap-off occurred, and hence 

it will reconnect with the stranded ganglion as shown in Fig. 4.8b.    

Local snap-off occurs in the newly filled pores by the invading water front as shown in Fig. 4.8b. As 

water passes through a narrow throat into the adjoining pore, the local capillary pressure will suddenly 

change allowing the oil wetting layers in the throat to swell. If the capillary pressure reaches the 

threshold for snap-off, the throat will spontaneously fill with oil, trapping water as a disconnected 

ganglion in the centre of the pore [182]. Again, the snapped-off ganglion attains a new position of 

equilibrium with a lower absolute value of capillary pressure (-3.12 kPa) compared to the connected 

water phase (-3.36 kPa). As water progresses through the pore space, the trapped ganglion is 
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reconnected, see Fig. 4.8c. These snap-off events have been previously observed using fast synchrotron 

studies in water-wet media during oil invasion but not in oil-wet media [87, 88]. 

 

Figure 4.  8. Three-dimensional images illustrating the occurrence of local and distal snap-off during water 

injection. Only the water phase is shown – each colour represents a disconnected water phase cluster. The black 

arrow points towards the direction of flow. 

4.1.4.3 Saturation, interfacial area, and capillary pressure 

The saturation of oil and water in the macro pores was computed using Eq. (4.2) on the segmented water 

injection images, see Fig. 4.9a. Fig. 4.9a in shows that the water saturation linearly increased with time 

even after the observed breakthrough in the imaged field of view (58.2 minutes). A noticeable increase 

in the water saturation was recorded at 9.15 minutes, corresponding to the rapid filling of multiple pores 

caused by the Haines jump event shown in Fig. 4.7. The water and oil saturations stabilise to 38 ± 2% 

and 62 ± 2% respectively after 78.1 minutes, which corresponds to an injection of 0.58 PV of water: 

further injection of water does not displace oil out of the pore space. The low oil recovery factor seen 

is attributed to water invading the centres of the pores, leaving oil connected in thick wetting layers in 

the corners and crevices of the pore space. This behaviour was observed in previous waterflooding static 

experiments conducted on the same rock type in sections 3.2 and 3.3.  

The oil-water and water-rock interfaces were extracted and smoothed [140], to measure their specific 

interfacial areas, Eq. (4.3). Fig. 4.9b shows that the water-rock and oil-water specific interfacial areas 

increase with time during water injection.  

Furthermore, the interfacial curvature of the extracted oil-water interface was measured and substituted 

in Eq. (2.9) alongside the interfacial tension, 52.1 mN/m, Table 4.1, to characterize the capillary 

pressure of the system, see Fig. 4.9c. A strongly negative capillary pressure, -3.5 kPa, indicates that the 

macro pores are indeed oil-wet such that on average water bulges into oil with a higher pressure. This 

capillary pressure is higher than the value of -2.4 kPa measured for a Ketton sample which, as previously 
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discussed, displayed more mixed-wet behaviour [102]. The dashed square in Fig. 4.9c at 9.15 minutes 

shows the sudden change in the local capillary pressure that caused the Haines jump in Fig. 4.7.  

The Gaussian curvature of the oil-water interface was computed and plotted as a function of time and 

pore volumes of water injected in Fig. 4.9d. While the sum of the curvatures is negative, in most cases 

one curvature is negative and the other positive, giving a negative Gaussian curvature. This indicates 

that the phases are well-connected in the pore space, implying that oil and water flow simultaneously, 

albeit oil flow is slow since it is confined to movement in wetting layers. Furthermore, we plotted, at 

three time-steps (9.15, 58.2, and 92.1 min), the two principal curvatures (κ1 and κ2, where we define κ1 

> κ2), see Fig. 4.10. We observe that although the two curvatures have similar distributions, the negative 

curvature (κ2) is more shifted to the left which results in the negative mean curvature, represented by 

the capillary pressure in Fig. 4.9c, and the negative Gaussian curvature shown in Fig. 4.9d. Forming 

negative and positive principal curvatures is a necessary condition for the oil and water phases to remain 

continuous in the pore space, implying a structure with many redundant loops.  

 

Figure 4.  9. Minkowski functionals. (A) Oil and water saturation profiles as a function of time and pore volume 

injected. (B) Change in specific interfacial areas of oil and water, and water and rock interfaces with time and 

pore volume injected. (C) Oil-water capillary pressure plotted as a function of time and pore volume injected. (D) 

Change in Gaussian curvature of the oil and water interface with time and pore volume injected. The dashed line 

represents the time of water breakthrough in the imaged field of view. The dashed square, in (C), shows a sudden 

change in the local capillary pressure which corresponds to the filling of multiple pores during a Haines jump, 

illustrated in Fig. 4.7. Error bars indicate the uncertainty in the measurements.      
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Figure 4.  10. Normalized histograms of the two principal curvatures, κ1 and κ2, of the oil-water interface 

at three time-steps, (A) t = 9.15 min, (B) t = 58.2 min and (C) t = 92.1 min. κ1 is defined to be the larger 

curvature.  

4.1.5 Final Remarks and Suggestions 

This work provides pore-scale insights into the dynamics of two-phase fluid flow during water injection 

in an oil-wet reservoir rock. We have used fast synchrotron X-ray micro-tomography to visualize the 

displacement of oil by water, and investigate the pore-scale dynamics by examining: (i) in situ 

wettability and displacement contact angles; (ii) pore-filling order; (iii) Haines jumps; (iv) snap-off 

events; (v) fluid saturations; (vi) specific interfacial areas; (vii) oil-water capillary pressure; and (vii) 

Gaussian curvature.  

We observe that the displacement of oil by water is a drainage-like process. Measurements of local 

contact angle, and the estimation of a value based on energy balance during the displacement, confirmed 

that the medium was oil-wet (water-repellent). Hence, the order of pore-filling followed an invasion 

percolation pattern, where throats filled in order of size, with the largest filled first. This is akin to 

drainage processes in water-wet systems. Water, the non-wetting phase, advances as a connected front 

displacing oil in the centres of the pore space; oil is confined to movement in wetting layers.  

We observed drainage associated dynamics, e.g. Haines jumps and snap-off, before and after water 

breakthrough in the imaged rock section. Haines jumps were observed in single and multiple pores, 

alongside the re-arrangement of the non-wetting phase, water, to supply this rapid filling; water retracts 

from the high-pressure regions (throats) and flows towards regions of low water pressure. Furthermore, 

the two types of snap-off in drainage processes, local and distal snap-off, were also observed. In both 

snap-off events, the trapped (disconnected) water ganglion reaches a new position of capillary 

equilibrium in the pore space; the water ganglion has a lower absolute capillary pressure than that of 

the connected water cluster.  

The water saturation stabilized to 38 ± 2% after the injection of only 0.58 pore volumes of water; further 

injection of water did not produce more oil. This was ascribed to the existence of oil in thick connected 

wetting layers in the corners of the pore space, where the access of water is limited. The oil-wet nature 

of the surface results in a negative capillary pressure; the Gaussian curvature is also negative which 

leads to well-connected oil and water phases in the pore space.  

Overall, we have elucidated the invasion patterns and pore-filling events during water injection in a 

reservoir rock which manifests an oil-wet behaviour. The same methods and analysis can be used to 

characterise signature of two-phase flow dynamics and help design carbon storage, subsurface 

contaminant transport, fuel cells, batteries and chemical reactors for instance, as well as providing 

benchmark data for the validation and calibration of pore-scale models.  

In the next section, (4.2), we will investigate the three-phase invasion dynamics when gas is introduced 

into the system after the water injection dynamics ended.   
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4.2 Three-phase flow displacement dynamics 

and Haines jumps in a hydrophobic 

porous medium 

4.2.1 Summary 

This section describes the three-phase extension of the two-phase dynamic imaging study presented in 

the previous section. We use synchrotron X-ray microtomography to investigate the displacement 

dynamics during three-phase—oil, water, and gas—flow in a hydrophobic porous medium. We observe 

a distinct gas invasion pattern, where gas progresses through the pore space in the form of disconnected 

clusters mediated by double and multiple displacement events. Gas advances in a process we name 

three-phase Haines jumps, during which gas re-arranges its configuration in the pore space, retracting 

from some regions to enable the rapid filling of multiple pores. The gas retraction leads to a permanent 

disconnection of gas ganglia, which do not reconnect as gas injection proceeds. We observe, in situ, the 

direct displacement of oil and water by gas as well as gas–oil–water double displacement. The use of 

local in situ measurements and an energy balance approach to determine fluid–fluid contact angles 

alongside the quantification of capillary pressures and pore occupancy indicate that the wettability order 

is oil–gas–water from most to least wetting. Furthermore, quantifying the evolution of Minkowski 

functionals implied well-connected oil and water, while the gas connectivity decreased as gas was 

broken up into discrete clusters during injection. This work can be used to design CO2 storage, improved 

oil recovery and microfluidic devices. 

4.2.2 Investigations  

In the previous section, (4.1), we examined the dynamics during water injection in a strongly oil-wet 

system. Here, in EXP 5, we look at the pore-scale invasion patterns when gas is introduced into the 

system after water. In this section, we analyze not only the section of the rock where the dynamics were 

captured but also the whole sample. The motivation for this study is provided in section 2.2.3.2.  

First, we characterize the fluid-fluid contact angles and pore occupancy to confirm the hydrophobic 

nature of the rock surfaces and infer the wettability order of the system. Then, we use fast imaging to 

examine, in situ, during gas injection, the evolution of: (i) gas connectivity; (ii) direct, double and 

multiple displacement events; (iii) water connectivity and trapping; and (iv) spreading layers. Finally, 

we quantify the change in Minkowski functionals – fluid saturations, interfacial areas and curvatures – 

with time to provide a complete description of the fluid topology in the pore space, i.e., fluid-fluid 

connectivity and trapping. 

We observe that gas, the intermediate-wet phase, progresses through the pore space in the form of 

disconnected clusters. This behaviour is attributed to the pore-scale events, made possible by double 

and multiple displacements, that govern the gas movement in the porous medium, which we name three-

phase Haines jumps. As gas displaces either oil or water, it rapidly progresses to fill several pores, 

which causes it to retract from regions further away to enable this fast filling. This retraction leads to a 

permanent disconnection of gas ganglia, which fail to get reconnected as gas injection proceeds. The 

disconnected gas ganglia reach a new position of capillary equilibrium in the pore space and can only 

be displaced through double or multiple displacement events. 

The significant new observation is that gas is able to progress through the pore space, under capillary-

dominated flow conditions, as disconnected ganglia. This is a process unique to three-phase flow and 
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distinct from ganglion dynamics in two-phase flow [183], where a disconnected phase can advect 

through the pore space when viscous forces are significant. 

4.2.3 Materials and Methods  

4.2.3.1 Rock and fluid properties 

The experiment was performed on the same oil-wet reservoir sample that was described in section 4.1.3. 

Moreover, the methods and apparatus used are the same to those applied in section, (4.1.3), during 

waterflooding in the same sample. However, nitrogen was introduced to the system as the gas phase 

which required an additional pump as shown in Fig. 4.11. The thermophysical properties of the three 

fluid phases are listed in Table 4.2. 

 

Figure 4.  11. The flooding and imaging apparatus used to conduct the three-phase flow experiment in the 

oil-wet reservoir rock at 8 MPa and 60 oC. The rock was inserted in a flow cell placed in front of the synchrotron 

light source to image the movement of water, oil and gas in the pore space. The three fluid phases were injected 

at a very low flow rate using syringe pumps to capture the pore-scale displacement dynamics.   

The interfacial tensions between the fluids, water (80 wt% H2O + 20 wt% KI), oil (85 wt% C10H22 + 15 

wt% C10H21I) and nitrogen were measured at the experimental conditions, 8 MPa and 60 oC, using the 

pendant drop method. The apparatus for conducting the interfacial tension measurements is described 

elsewhere [128]. Using the values in Table 4.2, the spreading coefficients of the three fluid phases were 

calculated to be Csw = -104.6 mN/m, Cso = +0.4 mN/m and Csg = -22.8 mN/m. This indicates that it is 

only possible for oil to form spreading layers in the pore space since its spreading coefficient is close 
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to zero; water and gas do not spread in layers. Gas indeed did not form layers in these experiments, 

unlike in the near-miscible system in section 3.2 where the spreading coefficient is closer to zero and 

gas layers can be seen.  

Table 4. 2. Densities, viscosities, interfacial tensions and spreading coefficients of the three fluid phases used 

in the three-phase flow experiment conducted at 8 MPa and 60 oC. The spreading coefficient of each phase, 

i, was calculated using Csi = σjk – σij – σik, where σ is the interfacial tension and subscripts i, j and k denote the three 

fluid phases. The interfacial tensions were measured using the pendant drop method at the experimental conditions 

(8 MPa and 60 oC) [128]. Densities were measured at 40 oC and 7.6 MPa. The viscosity of n-decane is provided 

at ambient conditions [130], and of water and nitrogen at 50 oC and 10 MPa [25]. 

Fluid Composition (%wt) ρ (kg∙m-3) µ (mPa∙s) σ (mN∙ m-1) Cs (mN∙ m-1) 

Water 0.80 H20 + 0.20 KI 1154.1 0.547 σgw = 63.7 -104.6 

Oil 0.85 C10H22 + 0.15 C10H21I 715.2 1.088 σow = 52.1 +0.4 

Gas N2 83.9 0.018 σgo = 11.2 -22.8 

 

4.2.3.2 Flow experiment 

For completeness we will describe the full flow experiment including both water and gas injection, 

despite the waterflooding being described earlier in section 4.1.3.  

A series of fluid injections: (i) oil injection [OI]; (ii) waterflooding [WF] and (iii) gas injection [GI], 

were performed in the aged reservoir rock, during which the pore space was continuously imaged to 

capture the dynamics of displacement. All injections were performed from the bottom of the sample 

under capillary dominated conditions, see Table 4.3. Fig. 4.12 shows two-dimensional raw pore-scale 

images of a cross-section of the rock acquired after each injection step.  

First, 20 pore volumes of oil (doped n-decane) were injected into the sample at a flow rate of 0.1 mL/min 

to replace all the crude oil used to alter the wettability of the sample, see Fig. 4.12a. The temperature 

and pressure of the system were then raised to the experimental conditions (60 °C and 8 MPa), and a 

confining pressure of 10 MPa was applied. Water injection (WF) was then started at a very low flow 

rate, 0.15 µL/min, corresponding to a capillary number Ca[wo] of 2.09×10-9 defined by Ca = 𝜇q/𝜎, where 

𝜎 is the interfacial tension, 𝜇 is the viscosity of the displacing fluid and q is the Darcy velocity (Table 

1). Water was injected over a period of 92.1 minutes which corresponded to the injection of 0.69 PV of 

water, see Fig. 4.12b. Gas injection (GI) was then performed at the same flow rate for 32.2 minutes, 

corresponding to the injection of 0.24 PV of gas, with a gas-water Ca[gw] = 6.39×10-11 and gas-oil Ca[go] 

= 3.64×10-10. Waterflooding and gas injection were stopped when no significant change in the fluid 

configurations in the pore space had been observed for at least 15 minutes. 

Table 4. 3. Details of the fluid injections performed during the three-phase flow experiment at 8 MPa and 

60 oC. Pore volumes (PV) injected correspond to the total porosity of the rock sample. WF and GI were stopped 

when no significant change in the fluid configurations in the pore space had been observed for at least 15 minutes. 

Capillary numbers were calculated using Ca = 𝜇q/𝜎, where 𝜎 is the interfacial tension, 𝜇 is the viscosity of the 

injected fluid and q is the Darcy velocity. Subscripts w, g and o stand for water, gas and oil phases respectively.    

𝜎 and 𝜇 are shown in Table 4.2, while q is calculated by dividing the flow rate by the cross-sectional area of the 

sample (11.34 mm2). 

Injection Step Flow rate (mL/min) PV Total Time (mins) Capillary number 

Oil injection (OI) 0.1 20.0 8.32 - 

Waterflooding (WF) 0.00015 0.69 92.1 Ca [wo] = 2.09×10-9 

Gas injection (GI) 0.00015 0.24 32.2 
Ca [go] = 3.64×10-10 

Ca [gw] = 6.39×10-11 
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Figure 4.  12. Raw two-dimensional pore-scale images of a cross-section of the rock acquired after: (a) oil 

injection [OI]; (b) waterflooding [WF]; and (c) gas injection [GI], with a voxel size of 3.5 µm. In (a), rock is 

the light phase and oil is the dark phase. In (b) and (c), the order from darkest to brightest phase is oil-water-rock 

and gas-oil-water-rock respectively.   

4.2.3.3 Synchrotron X-ray imaging 

Static and dynamic scans were collected during the experiment with a voxel size of 3.5 μm. The 

dynamic scans were acquired during the injection of fluids, whereas static scans were acquired at the 

end of each injection. Dynamic imaging was performed at the middle of the sample, in the vertical 

direction, while static imaging of the whole sample was performed. The location of the dynamic scans 

relative to the static scans is shown in Fig. 4.13. The centre of the sample was selected for dynamic 

imaging since it does not contain large vugs and mineral grains. The macro-porosity is 16% in the static 

scans and 12% in the dynamic scans.  

The dynamic images were 1280×1280×1080 voxels in size. During dynamic imaging of water injection, 

a total of 76 tomograms were acquired, every 70 s, with 700 projections and 0.065 s exposure time. On 

the other hand, 25 tomograms were acquired, every 74 s, during gas injection with 750 projections and 

0.07 s exposure time. The high spatial and temporal resolution of synchrotron imaging allowed for the 

pore-scale displacement dynamics to be captured during water and gas injection. The static scans of the 

whole sample were acquired after each injection, see Fig. A5.1 in Appendix 5, with 2000 projections 

and 0.15 s exposure time.  
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Figure 4.  13. Three-dimensional images showing the location of the dynamic scans (1280×1280×1080 

voxels) relative to the static scans of the whole sample (1280×1280×3940 voxels). The spatial resolution of the 

images is 3.5 µm. The macro-porosities (macro) of the static and dynamic scans are 16% and 12% respectively. 

4.2.3.4 Image segmentation  

The large static images were segmented using the seeded watershed algorithm [131], while the dynamic 

images were segmented using machine learning-based WEKA segmentation [147, 171] similar to the 

two-phase study, section 4.1. 

Segmentation of the static images was performed in three steps. (i) The images acquired after OI, WF 

and GI were filtered using non-local means filter [184]. (ii) The filtered WF and GI images were then 

subtracted from the filtered OI image to clearly distinguish the water and gas phases in these images. 

(iii) The subtracted images were then filtered again with the non-local means filter and segmented using 

watershed algorithm. The same procedure was followed to segment the dynamic WF and GI images; 

however, WEKA was used instead of watershed since it provides a more accurate characterization of 

flow properties near fluid-fluid contacts [13]. During WEKA segmentation the fast-random algorithm 

was selected alongside the mean and variance texture filters. WEKA segmentation is shown in Fig. 

A5.2 in Appendix 5. WEKA is very CPU intensive, which explains why it was not applied to segment 

the large static images.  

4.2.3.5 Wettability characterization methods 

Just like we did in the two-phase study in section 4.1.3.5, we measure both geometric and 

thermodynamic contact angles on the dynamic gas injection images.  
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We use an energy balance approach to calculate fluid-fluid displacement contact angles, also known as 

three-phase thermodynamic contact angles (θt), between oil-water, gas-water, and gas-oil [18]. 

Thermodynamic contact angles have been proven to provide better estimates of displacement angles in 

two-phase flow compared to geometric values as shown in section 4.1. Assuming no change in 

Helmholtz free energy between two local states of equilibrium and ignoring viscous dissipation, the 

three-phase thermodynamic contact angles can be calculated using [185]:  

(∆𝑎𝑤𝑠 cos 𝜃𝑡[𝑜𝑤] −  ∆𝑎𝑜𝑤 − 𝜙𝜅𝑜𝑤Δ𝑆𝑤)𝜎𝑜𝑤

= (∆𝑎𝑔𝑠 cos 𝜃𝑡[𝑔𝑜] +  ∆𝑎𝑔𝑜 −  𝜙𝜅𝑔𝑜Δ𝑆𝑔)𝜎𝑔𝑜 + ∆𝑎𝑔𝑤𝜎𝑔𝑤                                     (4.4)  

where a is the interfacial area per unit volume, θt is the thermodynamic contact angle,  is the dynamic 

image-based macro-porosity, S is the saturation (the fraction of the macro pore space occupied by each 

phase) and κ is the total curvature of the fluid-fluid interface. Subscripts s, w, g and o denote the solid, 

water, gas and oil phases respectively, while Δ is the change between two-consecutive time-steps.  

The interfacial areas, curvatures and saturations were measured on the 25 dynamic pore-scale images 

obtained during gas injection (GI), and the values of θt[ow] and θt[go] that best fit Eq. (4.4) were found 

using the least squares approximation approach. The third contact angle, θt[gw], was found using the 

Bartell-Osterhof relationship, Eq. (2.11), for three-phases in thermodynamic equilibrium [49, 50].   

4.2.4 Results and Discussion  

First, in section 4.2.4.1, we use the geometric and thermodynamic contact angle measurements 

alongside pore occupancy to identify the wettability order of the system. Next, using static images of 

the whole sample, we show the end-state saturations of oil, water and gas after each injection in section 

4.2.4.2. In section 4.2.4.3, we analyze the gas injection dynamics by examining the evolution of: (i) gas 

connectivity; (ii) direct, double and multiple displacement events; (iii) water connectivity and trapping; 

and (iv) oil layers. Finally, in section 4.2.4.4, we quantify the change in Minkowski functionals – 

saturations, interfacial areas and curvatures – with time to obtain a complete understanding of the fluid 

topology in the pore space.  

4.2.4.1 Wettability characterization  

4.2.4.1.1 Contact angles 

The geometric fluid-fluid contact angles were measured at the end of waterflooding (WF) and gas 

injection (GI), in the same location, on a subvolume of size 0.5×0.5×0.5 mm3. Fig. 4.14 shows the in 

situ spatial distribution of the effective oil-water, gas-water and gas-oil contact angles after WF and GI.  

After waterflooding, the mean geometric oil-water contact angle was 110 ± 20o, indicating that oil is 

more wetting to the rock than water, and hence confirms that the ageing process rendered the rock 

surfaces oil-wet (hydrophobic), see Fig. 4.14a, as seen in section 4.1.  

Furthermore, Fig. 4.14b shows that the mean oil-water contact angle decreases to 101 ± 22o after gas 

injection (Table 4.4). In three-phase flow, double displacement mechanisms allow for both water to 

displace oil, and oil to displace water in the pore space. In the latter process, water is receding, with a 

likely lower contact angle than the advancing angle during waterflooding, due to contact angle 

hysteresis. Therefore, the mean geometric contact angle decreases after gas injection, representing a 

position of equilibrium after events where water is both invading and receding.  

The mean geometric gas-oil contact angle is 70 ± 27o, see Fig. 4.14b, once more indicating that oil is 

more wetting to the surface than gas, and therefore, it is the most wetting phase in the system. The 

measured mean of the gas-water geometric contact angle distribution is 87 ± 27o, suggesting that the 

rock surfaces are neutrally wetting to both gas and water. Hence, it is not possible to determine a clear 
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wettability order in the system using the geometric contact angle measurements only, which record 

values on hinging contact lines, rather than the angles during a displacement.    

 

Figure 4.  14. Probability density function of the in situ measured distribution of fluid-fluid contact angles 

at the end of (a) waterflooding [WF] and (b) gas injection [GI]. The contact angles were measured using the 

automated method developed by AlRatrout et al. [30]. The angle was characterized through the denser phase: 

water in the case of oil and water and gas and water, and oil in the case of gas and oil. 

To characterize the fluid-fluid contact angles encountered during displacement, we use Eq. (4.4) to find 

the gas-oil θt[go] and oil-water θt[ow] thermodynamic angles that best fit the data using the least squares 

approach, see Appendix 5. The thermodynamic contact angle calculations yield an oil-water angle of 

125 ± 10o and a gas-oil angle of 78 ± 10o, see Table 4.4. The gas-water thermodynamic contact angle is 

determined using Eq. (2.11) as 115 ± 10o. While the interpretations of the oil-water and gas-oil contact 

angles in this analysis are broadly consistent with those of the geometric contact angle measurements, 

the thermodynamic gas-water contact angle suggests that gas is, on average, more wetting to the rock 

than water. This allows us to establish a clear wettability order in the system, one in which oil is wetting 

to both water and gas, gas is non-wetting to oil and wetting to water, while water is non-wetting to both 

oil and gas. This implies that water will tend to occupy the larger pores and that the gas-water capillary 

pressure will be negative, as we will show later. 

Table 4. 4. Measurements of the oil-water, gas-oil and gas-water mean geometric contact angles and 

thermodynamic contact angles after gas injection (GI). The error in the geometric contact angle represents the 

standard deviation of the distribution, while in the case of the thermodynamic contact angle it indicates the 

uncertainty in the measurements.   

Method ow go gw 

Geometric  101
o

 ± 22
o

 70
o

 ± 27
o

 87
o

 ± 25
o

 

Thermodynamic 125
o

 ± 10
o

 78
o

 ± 10
o

 115
o

 ± 10
o

 

 

From Table 4.4, we observe that the geometric contact angle tends to underestimate the displacement 

contact angles. This is further illustrated in Fig. 4.15 by visually inspecting gas-water contacts on static 

and dynamic raw pore-scale images. At rest, water forms contact angles with gas that are both lower 

and larger than 90o, indicating that the rock surfaces are neutrally wetting to gas and water. On the other 

hand, during the displacement of water by gas, we notice that the gas-water contact angle is almost 

always larger than 90o, implying that gas is wetting to water during flow (Fig. 4.15). Moreover, this 

behaviour was also seen in a recent modelling study, where the use of the geometric contact angle was 

insufficient to match experiments of waterflooding in rocks with altered wettability; instead a larger 

advancing contact angle was needed to match the results [176]. This analysis identifies a clear limitation 

with the geometric contact angle measurement and shows that it is not representative of displacement 
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contact angles in systems with altered wettability. In contrast, the gas-water thermodynamic contact 

angle measurement, Table 4.4, is in agreement with the angles observed during gas-water displacement, 

see Fig. 4.15, indicating that it is more representative of displacement angles compared to the direct 

geometric measurement.   

 

Figure 4.  15. Two-dimensional raw pore-scale images, with a voxel size of 3.5 µm, showing on (top) the 

contact angles formed between gas and water when the fluids are at rest and (bottom) the gas-water contact 

angles during the displacement of water by gas.   

4.2.4.1.2 Pore occupancy  

To further confirm the wettability order of the system, we quantified the pore occupancy on static 

images of the whole sample after waterflooding (WF) and gas injection (GI), see Fig. 4.16. As 

anticipated, during water injection in an oil-wet system, water displaces oil from the larger-sized pores 

confining it to smaller pores, Fig. 4.16a. Furthermore, Fig. 4.16b shows that after gas injection, water 

resides in the largest pores, oil the smallest, while gas occupies pores of intermediate size. This confirms 

that the wettability order of the system is oil-gas-water from most to least wetting. The wettability order 

inferred from pore occupancy is in agreement with the interpretations of the thermodynamic contact 

angle measurements. This wettability order has been previously observed in micromodels [47] and 

laboratory X-ray imaging experiments with CO2 in the same reservoir rock, sections 3.2 and 3.3, but 

not before with nitrogen as the gas phase.    

While in Fig. 4.16 there is a tendency for oil to reside in the smaller pores and water in the larger ones, 

we do still observe gas and water occupancy in pores of all size: there is not a strict segregation. We 

will discuss this further when we discuss the dynamics of gas invasion, but it is important to note that 

gas does not have a strong preference for either larger or smaller pores.  
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Figure 4.  16. Normalized bar charts showing the pore occupancy in the oil-wet rock, characterized on static 

images of the whole sample, after (a) waterflooding [WF] and (b) gas injection [GI]. 

4.2.4.2 Fluid saturations 

The saturations of oil, gas and water in the macro pore space of the rock were measured on static images 

of the whole sample after water and gas injection, see Table 4.5 and Fig. A5.3 in Appendix 5. At initial 

conditions, the oil and water saturations were 99% and 1% respectively measured in the macro pore 

space; we presume that water is also initially present in the micro pores of the rock. After waterflooding, 

only 48 ± 5% of the oil was recovered. This is ascribed to the oil-wet nature of the rock, where water 

displaces oil in the centre of the pores only; oil remains connected in thick wetting layers. Gas injection 

displaces both oil and water out of the pore space; gas displaces 30 ± 5% of the resident oil, while only 

16 ± 5% of water is displaced out of the system. A high remaining water saturation indicates that water 

gets trapped in the pore space of the rock. This is attributed to: (i) water being the most non-wetting 

phase, and hence it remains preferentially in the larger pores, Fig. 4.16; and (ii) the preferential 

displacement of oil by gas in the smaller-sized pores. The gas saturation reaches only 24 ± 5%, which 

is similar to saturation values observed on the same reservoir rock previously during the unsteady-state 

experiments (sections 3.2 and 3.3).   

Table 4. 5. Water, oil and gas saturation in the macro pore space of the rock after each flooding step. 

Saturations were measured on static images of the whole sample. The error in the measurements is ± 5%. 

Injection sequence Water saturation Oil saturation Gas saturation 

Oil injection (OI) 0.10 0.99 - 

Waterflooding (WF) 0.48 0.52 - 

Gas injection (GI) 0.40 0.36 0.24 

 

4.2.4.3 Three-phase flow dynamics 

In this section, we examine the various pore-scale dynamics observed during gas injection in our oil-

wet rock, where the wettability order is oil-gas-water from most to least wetting. The two-phase 

displacement dynamics encountered during waterflooding (WF) will be briefly described to set the 

scene for the discussion of gas injection (GI) dynamics. A complete description of WF dynamics is 

provided in section 4.1. The pore-scale dynamics were investigated by imaging the rock section shown 

in Fig. 4.17, with a high temporal resolution during WF and GI.    

The main finding of this section is that gas moves through the pore space as disconnected clusters 

through double and multiple displacement; this is a distinct dynamics not seen in two-phase flow, where 

the injected phase needs to remain connected to progress through the porous medium. 
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Figure 4.  17. A 3D volume rendering of the fluid configurations in the section of the rock imaged 

dynamically during (a) oil injection [OI], (b) waterflooding [WF], and (c) gas injection [GI]. Oil is shown in 

red, water in blue and gas in green.    

4.2.4.3.1 Waterflooding 

During waterflooding (WF), the displacement of oil by water is all piston-like. Water advances as a 

connected front in an invasion percolation process, where throats, the restrictions between pores, fill in 

order of size, with the largest available throats filled first; displacement is predominantly size-

controlled. This is attributed to the wide pore size distribution of the heterogenous rock selected. 

Furthermore, we observe drainage associated pore-filling dynamics including Haines jumps and snap-

off events.   

Fig. 4.17b shows the fluid configurations in the oil-wet rock at the end of waterflooding – water is 

shown in blue and oil in red. As anticipated, there is a high remaining oil saturation due to the strongly 

oil-wet nature of the rock; oil not only remains connected in thick wetting layers but also many oil-

filled pores have been completely bypassed by the incoming water front as a result of inadequate water 

pressure to overcome the high oil-water capillary pressure. This is in contrast with observations made 

in water-wet porous media, where water spontaneously imbibes through wetting layers and corners of 

the pore space trapping oil in the centres; no oil-filled pores were bypassed [48]. The dynamics of 

waterflooding stopped after the injection of 0.58 PV of water (78.1 minutes).   

4.2.4.3.2 Gas injection 

4.2.4.3.2.1 Invasion pattern and displacement events 

We observe a distinct three-phase invasion pattern during gas injection in the oil-wet pore space. Gas, 

the intermediate-wet phase, advances through the porous medium in disconnected clusters; gas is not 

connected during GI. The connectivity of gas during GI is captured using dynamic imaging, see Fig. 

4.18 – each color represents a different gas cluster. This is different to the invasion pattern observed 

during the two-phase waterflooding in section 4.1.  

In two-phase flow, when a non-wetting phase displaces the wetting phase, Haines jumps are observed, 

which involve the rapid filling of multiple pores followed by retraction and disconnection of the non-

wetting phase and the phases come to a new position of equilibrium [87, 88]. However, as injection 

proceeds, the non-wetting phase gets reconnected in the pore space: for capillary-dominated flow, the 

gas has to reconnect to progress further through the pore space. Haines jumps have been seen during 

two-phase flow in both water-wet and oil-wet rocks. 
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We observe a similar phenomenon during gas injection under three-phase conditions, namely the filling 

of several pores by gas, accompanied by the retraction of gas from other regions, leading to 

disconnection of gas ganglia in the pore space. Nevertheless, unlike two-phase flow, the occurrence of 

this phenomenon in our three-phase system leads to the permanent disconnection of gas; gas does not 

reconnect as gas injection proceeds. The disconnected gas ganglia reach a new position of equilibrium 

in the pore space; gas can only be further mobilized through double and multiple displacement events. 

This pore-scale phenomenon, which we name a three-phase Haines jump, controls the movement of gas 

in the pore space; gas displaces oil and water in a sequence of three-phase Haines jumps. The other 

distinction with two-phase flow is that the gas is intermediate-wet – it is non-wetting to oil but wetting 

to water.  

This phenomenon, three-phase Haines jumps, has not been seen before during three-phase flow in 

porous media. Previous three-phase synchrotron studies in water-wet and mixed-wet rocks observed 

that gas progresses in a connected front maintaining its connectivity in the pore space [101, 186]. In 

these experiments, the gas was either the most non-wetting phase, or almost neutrally-wet with respect 

to water. However, in the study in section 3.3 conducted using static imaging, performed in the same 

reservoir rock and under immiscible oil-wet conditions, we observed that gas was highly disconnected 

at the end of gas injection. Using dynamic imaging we deduce that the origin of the poor connectivity 

is the advance of gas through three-phase Haines jumps. 

A similar behaviour to three-phase Haines jump was seen during gas injection in an oil-wet micromodel 

[47] that was successfully modeled by considering multiple displacement events [106]. The behaviour 

was attributed to water blocking. In some cases, the progress of the advancing gas front was blocked if 

faced with a water occupied throat (restriction in the pore space). However, as the gas pressure built up, 

exceeding that of the gas-water capillary pressure, the throat would momentarily open, allowing gas to 

escape towards the next oil-filled pore. As gas pressure dropped, after displacement, the throat would 

again be filled by water, disconnecting the gas phase.  
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Figure 4.  18. Three-dimensional maps of the gas connectivity in the pore space during GI shown at different 

time-steps. Each disconnected gas cluster is labeled with a different colour. The black arrow points towards the 

direction of flow. Sg is the gas saturation in the imaged section, while t is time. 

Three types of displacement were observed during gas injection: (i) direct gas-oil displacement; (ii) 

direct gas-water displacement; and (iii) gas-oil-water double and multiple displacement. Fig. 4.19 

shows images of the various displacement events occurring at different time-steps – green represents 

the displacement of oil by gas, blue is water by gas, while red is water by oil. As discussed above, 

double and multiple displacements [46, 105, 106] are necessary to allow gas to propagate in 

disconnected clusters: in particular, for gas to remain disconnected there must be multiple displacement 

events of the form gas-oil-gas-water, where the second gas displacement in the sequence involves a 

trapped cluster. We suspect that there is a thin oil layer surrounding the gas phase during the direct gas-

water displacement due to the positive initial oil spreading coefficient (+0.4 mN/m, Table 4.2); 

however, it is not visible at the given spatial resolution of the experiment (3.5 µm).  

Notice that gas directly displaces oil and water in the pore space, and there is no strong preferential 

displacement of oil over water as seen in the carbonate rock study with a mixed-wet behaviour [186], 

where gas only displaced oil in a piston-like displacement during gas injection; there was no 

displacement of water by gas. Furthermore, this is different to water-wet systems, where gas only 
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initially displaces water until it comes in contact with oil which spreads in layers between gas and water 

preventing their direct contact in the pore space [101].   

Initially, direct, double and multiple displacement events occur close to the advancing gas front; 

however, after gas breakthrough in the imaged rock section (11.3 mins), the pore-scale displacement 

dynamics continue to occur but at locations throughout the sample. The gas injection dynamics stop 

after the injection of 0.18 PV of gas (19.8 minutes); the gas pressure is insufficient for additional 

displacement. 

 

Figure 4.  19. Three-dimensional images of direct and multiple displacement events occurring at different 

time-steps during gas injection in the oil-wet rock. Displacement of oil by gas is shown in green, water by gas 

in blue and water by oil in red. The black arrow points towards the direction of flow. Sg is the gas saturation in the 

imaged section, while t is time. 

To illustrate the displacement dynamics in more detail, Fig. 4.20 shows the rapid filling of multiple 

pores during a gas-oil three-phase Haines jump, where gas displaces oil overall – this displacement is 

marked by the black square in Fig. 4.19 at time = 10 min – and we have quantified the specific interfacial 

area between gas and the other phases (water, oil and solid) before and after its retraction from the 

narrower regions of the pore space. We notice, in Fig. 4.20b, that there is a large increase in the gas 

saturation caused by the three-phase Haines jump at time = 10 min – shown by the red square. Gas re-
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arranges itself in the pore space during the three-phase Haines jump, flowing towards regions of low 

gas pressure to enable the rapid filling, which causes it to retract from the high-pressure regions 

(throats), disconnecting the gas phase. This is shown in Fig. 4.20c, where gas has a lower specific 

interfacial area with the other phases of 6.7 mm-1
 at time = 10 min after the three-phase Haines jump 

compared to time = 8.78 min, where gas had a specific interfacial area of 6.9 mm-1 – gas specific 

interfacial area is quantified in the region marked with the black dashed line.  

 

Figure 4.  20. Three dimensional images of the gas phase at different time-steps illustrating the occurrence 

of three-phase Haines jump during the displacement of oil by gas in the oil-wet pore space. (A) and (B) show 

the difference in gas saturation before and after the three-phase Haines jump. (C) The specific interfacial area 

between gas and the rest of the phases (water, oil and solid) is lower in the high-pressure region, marked by the 

dashed line, after the three-phase Haines jump due to gas retraction. The black arrow points towards the direction 

of flow. 

The occurrence of a three-phase Haines jump during the displacement of water by gas is shown in Fig. 

4.21 – this displacement event is shown by the black square in Fig. 4.19 at time = 13.7 min. Again, we 

observe that multiple pores were filled during the displacement resulting in a large increase in the gas 

saturation at time = 13.7 min. Similarly, gas has retracted from the high-pressure regions reducing its 

specific interfacial area with the other phases – in the dashed box – from 14.8 mm-1 at time = 12.5 min 

to 13.9 mm-1 at time = 13.7 min. In this case, gas retraction is more pronounced during the gas-water 

Haines jump (0.9 mm-1) compared to the gas-oil one (0.2 mm-1). Since neither gas nor water form layers, 

all the displacements are piston-like. However, gas is wetting to water, and so the initial advance is an 

imbibition process.   
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Figure 4.  21. Three dimensional images of the gas phase at different time-steps illustrating the occurrence 

of three-phase Haines jump during the displacement of water by gas in the oil-wet pore space. (A) and (B) 

show the difference in gas saturation before and after the three-phase Haines jump. (C) The specific interfacial 

area between gas and the rest of the phases (water, oil and solid) is lower in the high-pressure region, marked by 

the dashed line, after the three-phase Haines jump due to gas retraction. The black arrow points towards the 

direction of flow. 

4.2.4.3.2.2 Water connectivity and trapping 

Water, the most non-wetting phase, can become locally disconnected in the pore space during gas 

injection. Since gas, intermediate-wet, does not form spreading layers due to its large and negative 

spreading coefficient (Csg = -22.8 mN/m, Table 4.2), water is principally trapped by oil, the most wetting 

phase, rather than gas. An illustration of this is shown in Fig. A5.4 in Appendix 5, where the incoming 

gas front only displaces some of the resident water, disconnecting it from the main water body; the 

trapped water cluster is surrounded by both oil and gas. Nevertheless, we observe that, in general, there 

is a single connected cluster across the system that contains most of the water throughout gas injection, 

see Fig. A5.5 in Appendix 5, since gas, although more wetting than water, cannot trap water by snap-

off, which is the principal capillary trapping process, as it does not spread in layers [90]. This is different 

to oil-wet micromodel and laboratory micro-CT studies, where the injection of gas disconnected the 

water phase in the pore space, see section 3.3. However, in section 3.2, the gas was near-miscible with 

the oil, and could form spreading layers to trap water by snap-off.     

4.2.4.3.2.3 Oil layers 

As mentioned in section 4.2.3.1, the large and negative spreading coefficients of gas and water (Csg = -

22.8 mN/m and Csw = -104.6 mN/m, Table 4.2), prevent them from forming spreading layers in the pore 

space. Oil not only spreads in layers sandwiched between gas and water, Cso = 0.4 mN/m (Table 4.2), 

but also exists in wetting layers close to the solid surface with gas or water occupying the centre of the 

pore space. Due to the lack of spreading water and gas layers, oil is the only phase that is always 

hydraulically connected from the inlet to the outlet of the porous medium. This increases its connectivity 
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in the pore space allowing it to flow even at very low oil saturations. This is in contrast with water-wet 

systems, where both oil and water are connected in the pore space; water is hydraulically connected 

through wetting layers and oil through spreading layers [41].  

Fig. A5.6 in Appendix 5 shows 3D thickness maps of oil layers visualized at the end of waterflooding 

and gas injection on a subset of size 1.4×1.4×1.4 mm3. The thickness was defined as the diameter of 

the largest sphere (maximal ball) that could fit entirely within the oil phase [143]. The average oil layer 

thicknesses after waterflooding and gas injection were 17 and 14 µm respectively. As one would expect, 

there were fewer and thinner oil layers in the pore space after gas injection due to the efficient 

displacement of oil by gas and/or drainage of oil through wetting layers. This is different to observations 

made on a mixed-wet system, where more oil layers were observed after gas injection [186]: in these 

experiments, gas-oil-water double displacement allowed oil to push water out of the pore space, 

increasing the thickness of wetting and spreading layers and there was little direct displacement of water 

by gas. In our experiment, gas displaces water directly, as well as oil, removing both phases out of the 

pore space. 

4.2.4.4 Minkowski functionals 

To obtain a complete characterization of the dynamics of three-phase flow, we quantified the evolution 

of the 3D Minkowski functionals – saturations, interfacial areas and curvatures – during gas injection 

(GI). In Fig. 4.22, measured on the dynamic images, we plot fluid saturations, fluid-fluid specific 

interfacial areas, fluid-solid specific interfacial areas and fluid-fluid capillary pressures against time and 

the corresponding pore volume (PV) of gas injected.   

Note that the fluid saturations depicted in Fig. 4.22a are measured on the dynamically imaged section 

of the rock and are different from the saturations quantified on the whole sample in section 4.2.4.2. At 

the start of gas injection, the gas saturation increases very slowly until time = 5 min, where gas displaces 

oil and large amounts of water out of the dynamically imaged pore space. There is a slightly larger drop 

in water saturation compared to oil saturation during GI. However, it is important to note that the 

favoured displacement of water by gas over oil by gas is only seen in the dynamically imaged section, 

as saturation measurements on the whole sample, section 4.2.4.2, show that gas injection recovers 30 ± 

5% of the resident oil, while only 16 ± 5% of water is produced. Moreover, we observe that the gas 

saturation further increases after gas breakthrough in the imaged section. 

Figs. 4.22b and 4.22c show the evolution of fluid-fluid and fluid-solid specific interfacial areas 

respectively with time. At the beginning of gas injection, at low gas saturations, the interfacial area 

between gas and oil is very small. As the gas saturation increases, the gas-oil specific interfacial area 

rises linearly with time since oil is wetting to gas in the pore space; oil wetting and spreading layers 

surround gas in the centres of the intermediate-sized pores. However, the gas-oil specific interfacial 

area remains smaller than that between oil-water since the gas saturation is much lower than the water 

saturation. There is an abrupt increase in the gas-water interfacial area at the start of GI, which then 

remains constant throughout the displacement. This is attributed to spreading of oil layers sandwiched 

between gas and water, preventing their direct contact in the pore space. Furthermore, the low gas 

saturation results in a very low gas-solid interfacial area in the pore space. The oil-solid interfacial area 

is the highest due to oil being the most-wetting phase; oil resides in thick wetting layers next to the solid 

surface. 

The two principal curvatures (κ1 and κ2) of the oil-water, gas-water and gas-oil interfaces were 

quantified during the displacement, see Fig. 4.23. The sum of the two curvatures – the total curvature 

(κ) – was then calculated and substituted in the Young-Laplace equation, (2.9), to obtain the fluid-fluid 

capillary pressures during gas injection. The results are shown in Fig. 4.22d. The oil-water capillary 

pressure remains approximately constant throughout the displacement with an average value of -3.0 

kPa. A negative capillary pressure between oil and water indicates that the macro pores are indeed oil-
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wet such that, on average, water bulges into oil with a higher pressure. The measured gas-water capillary 

pressure decreases during the displacement reaching a value of -2.0 kPa at the end of gas injection. A 

negative gas-water capillary pressure indicates that gas is more wetting to the rock surface than water. 

This confirms the reported wettability order of oil-gas-water from most to least wetting in section 

4.2.4.1.  Moreover, once gas is injected, the capillary pressure between gas and oil reaches a threshold 

value after which it remains constant during the displacement. The gas-oil capillary pressure is positive, 

since gas is less wetting than oil.  

 

Figure 4.  22. The evolution of Minkowski functionals – (a) saturation, (b) fluid-fluid specific interfacial 

area, (c) fluid-solid specific interfacial area and (d) capillary pressure – during gas injection in the 

dynamically imaged section of the oil-wet rock. The vertical dashed line represents the time of gas breakthrough 

in the imaged field of view. Error bars indicate uncertainty in the measurement.    

As mentioned previously, in section 4.1.3.7, the two principal curvatures of the fluid-fluid interface can 

be used to study the connectedness of the fluid phases in the pore space. The fluid-fluid connectivity 

can be characterized by investigating the product of the principal curvatures (κ1×κ2), also known as the 

Gaussian curvature [179]. A negative Gaussian curvature is an indicative of well-connected phases in 

the pore space, while a positive value indicates that the two phases form trapped clusters.  

Figs. 4.23a, 4.23b and 4.23c show that κ1 and κ2 of the gas-oil interface have opposite signs, resulting 

in a very negative Gaussian curvature between gas and oil during gas injection. This indicates that oil 

is well connected in the pore space when in contact with gas, in wetting and spreading layers. Similarly, 

κ1 and κ2 of the oil-water interface have opposite signs, see Figs. 4.23d, 4.23e and 4.23f, indicating that 

oil and water are well connected, especially that water remains highly connected in the larger pores 

surrounded by oil layers during gas injection (see section 4.2.4.3.2.3 and Fig. A5.5 in Appendix 5).  
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Observations on the dynamic behaviour of κ1 and κ2 between gas and water are the most interesting 

(Figs. 4.23g, 4.23h, and 4.23i). There are two important points to make. (i) It is evident from the 

distribution of κ1 and κ2 that the gas-water interface has a less negative Gaussian curvature compared to 

gas-oil and oil-water interfaces, implying that gas and water are less connected in the pore space. This 

makes sense since neither water nor gas form spreading layers due to their large and negative spreading 

coefficients (Csg = -22.8 mN/m and Csw = -104.6 mN/m, Table 4.2); the spreading of a fluid phase in 

layers enhances its connectivity in the pore space.  Furthermore, as illustrated in Figs. 4.18 and 4.19, 

the gas is disconnected throughout GI. (ii) We observe that as gas injection proceeds, κ1 gets smaller 

with time, consistent with there being more gas clusters as injection proceeds – see Fig. 4.18. 

 

Figure 4.  23. Probability distributions of the two principal curvatures, κ1 and κ2, at the (a-c) gas-oil 

interface, (d-f) oil-water interface and (g-i) gas-water interface plotted at different time-steps during gas 

injection in the oil-wet porous medium. κ1 is defined to be the larger curvature. 

4.2.5 Final Remarks and Suggestions 

We investigated the pore-scale dynamics of three-phase flow in a hydrophobic porous medium. 

Synchrotron X-ray imaging, with high spatial and temporal resolutions (3.5 µm and 74 s), was used to 

visualize the displacement of fluids inside the pore space during immiscible gas injection in an oil-wet 

reservoir rock. Subsequent to altering the wettability of the rock surfaces, water was injected into the 

oil saturated pore space, which was then followed by gas injection. The use of a synchrotron light source 

allowed us to characterize, in situ, wettability order, pore occupancy, fluids saturations, connectivity, 

direct and double displacement events, and Minkowski functionals which provided insights into fluid-

fluid connectivity and trapping.  

Measurements of geometric and thermodynamic contact angles confirmed that the medium was oil-wet 

(hydrophobic), with oil-water contact angles greater than 90o. The characterization of geometric contact 
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angles, measured locally, was insufficient to determine the wettability order in the system as it indicated 

that gas and water are neutrally wetting to the rock surface. In contrast, the estimation of thermodynamic 

contact angles, calculated during displacement using energy balance, demonstrated that the wettability 

order is oil-gas-water from most to least wetting. This was further supported by pore occupancy – where 

oil occupied the smallest pores, gas, the intermediate pores, and water the largest pores – and capillary 

pressure measurements which displayed (-) negative oil-water and gas-water pressures and a (+) 

positive gas-oil pressure. Overall, this analysis showed that geometric contact angles, measured on static 

interfaces, tend to underestimate the contact angles encountered during displacement, measured through 

the advancing angle, but that using an energy balance can correctly capture a representative wettability 

in three-phase flow.                     

We imaged the fluid configurations during gas injection, which illustrated that gas invades the porous 

medium in the form of disconnected clusters; gas being the intermediate-wet phase is not connected in 

the pore space. When gas displaced either oil or water, it rapidly filled multiple pores, significantly 

increasing the gas saturation in the pore space. This rapid filling was accompanied by retraction of gas 

from some of the further regions which disconnected the gas ganglia permanently in the pore space; the 

disconnected gas ganglia do not reconnect as gas injection continued. We call this phenomenon a three-

phase Haines jump. Unlike in two-phase flow, the injected phase remained disconnected with 

displacement facilitated by double and multiple displacements. This dynamics is unique to three-phase 

flow, and is distinct from ganglion movement in two-phase flow, which only occurs under viscous-

dominated flow conditions.  

As gas invaded the pore space, it displaced oil and water in direct gas-water and gas-oil displacements, 

as well as double and multiple gas-oil-water displacement. No evidence of significant gas-water-oil 

double displacement was observed; as water is displaced by gas, water follows the easiest path to escape 

the pore space, which is its own path since it resides in the largest pores being the most non-wetting 

phase, and therefore, does not displace oil. During gas injection, water maintains its connectivity 

through the larger pores, while oil remains hydraulically connected through wetting layers and 

spreading oil layers. Some water gets trapped in the porous medium during gas injection.  

We quantified the Minkowski functionals – saturations, interfacial areas and curvatures – during gas 

injection to provide a complete description of the topology of fluids in the pore space, fluid-fluid 

connectivity and trapping. The oil-water specific interfacial area was the highest, while the gas-water 

area was the lowest due to the spreading of oil in layers sandwiched between gas and water, and hence 

preventing their direct contact in the pore space. Quantification of the two principal curvatures of the 

oil-water, gas-water and gas-oil interfaces provided details on the connectivity of the phases. The results 

indicated that oil has a good connectivity with gas and water in the pore space. This was attributed to 

the oil-wet nature of the rock, since oil is confined in wetting layers close to the solid surface 

surrounding the gas and water phases in the centre of the pores. The analysis further confirmed the poor 

connectivity of the gas, which is broken up into discrete clusters as injection proceeds. This has big 

implications for the design of safe gas storage, improved oil recovery, contaminant removal in soils and 

three-phase flow in microfluidic devices.  

This work can be used to validate three-phase flow pore-scale network models and to develop three-

phase flow numerical simulators. Experiments on additional samples could test the reproducibility of 

the results presented here. Future work should focus on quantifying the relative permeability of the 

phases in oil-wet rocks by measuring the pressure drop across the sample to confirm the low gas 

mobility anticipated as a result of gas advancing in disconnected clusters. Furthermore, future work can 

study the dynamics of three-phase flow at near-miscible gas–oil conditions in water-wet and oil-wet 

porous media. This will help to assess the impact of (i) the absence of oil layers in water-wet systems 

and (ii) the formation of gas spreading layers in oil-wet systems, on the pore-scale displacement events. 

The experimental and image analysis methodology presented in this work can be used to design the 
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flow and trapping of three fluid phases in microfluidic devices, fuel cells, carbon storage and 

contaminant remediation in soils. 

With this experiment, we conclude our work on unsteady-state three-phase flow in porous media. In the 

chapter, (5), we will summarize the findings of our work and other studies in the literature on unsteady-

state three-phase flow and discuss the implications it has on the design of efficient CO2 storage and oil 

recovery in oil reservoirs. Then, in chapter 6, we study the steady-state flow and measure relative 

permeability.   
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5 Chapter 5 
In this chapter we provide a synthesized review of the latest insights into the key pore-scale physical 

processes that control the fluid movement during unsteady-state three-phase flow in porous media 

achieved with three-dimensional pore-scale imaging. The review will include unsteady state three-phase 

flow insights obtained with pore-scale imaging from this work, sections 3.1, 3.2, 3.3 and 4.2, and from 

other imaging studies in the literature. We end by placing the analysis in a practical context by 

discussing implications for carbon dioxide storage combined with enhanced oil recovery. 

5.1 Pore-scale imaging and analysis of 

wettability order, trapping and 

displacement in three-phase flow in 

porous media with various wettabilities 

5.1.1 Synthesis 

This section describes the key pore-scale processes that control flow and trapping in a three-phase 

system, namely wettability order, spreading and wetting layers, and double/multiple displacement 

events. In a porous medium containing water, oil and gas, the behaviour is controlled by wettability, 

which can either be water-wet, weakly oil-wet or strongly oil-wet, and by gas-oil miscibility. We 

emphasize our earlier findings, in sections 3.1 and 3.2, that, for the same wettability state, the three-

phase pore-scale events are different under near-miscible conditions – where the gas-oil interfacial 

tension is ≤ 1 mN/m – compared to immiscible conditions.   

In a water-wet system, at immiscible conditions, water is the most-wetting phase residing in the corners 

of the pore space, gas is the most non-wetting phase occupying the centres, while oil is the intermediate-

wet phase spreading in layers sandwiched between water and gas. This fluid configuration allows for 

double capillary trapping, which can result in more gas trapping than for two-phase flow. At near-

miscible conditions, oil and gas appear to become neutrally wetting to each other, preventing oil from 

spreading in layers; instead, gas and oil compete to occupy the centre of the larger pores, while water 

remains connected in wetting layers in the corners. This allows for the rapid production of oil since it 

is no longer confined to movement in thin layers. In a weakly oil-wet system, at immiscible conditions, 

the wettability order is oil-water-gas, from most to least wetting, promoting capillary trapping of gas in 

the pore centres by oil and water during water-alternating-gas injection. This wettability order is altered 

under near-miscible conditions as gas becomes the intermediate-wet phase, spreading in layers between 

water in the centres and oil in the corners. This fluid configuration allows for a high oil recovery factor 

while restricting gas flow in the reservoir. Moreover, we show evidence of the order in strongly oil-wet 

systems at immiscible conditions, oil-gas-water, from most to least wetting. At these conditions, gas 

progresses through the pore space in disconnected clusters by double and multiple displacements; 

therefore, the injection of large amounts of water to disconnect the gas phase is unnecessary. We then 

place the analysis in a practical context by discussing implications for flow and trapping.  

The emphasis of this work is on the three-dimensional pore-scale imaging of three-phase flow in natural 

systems. Rather than provide a comprehensive review of experimental and modelling studies we will 

instead focus our review on pore-scale imaging of three-phase flow in rock samples. 
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The synthesis of this work is shown in Fig. 5.1, which summarizes the main findings of the three-phase 

flow X-ray imaging experiments listed in Table 5.1. These experiments were either performed using 

laboratory X-rays (static imaging), which imaged fluid configurations at the end of a displacement, or 

synchrotron X-ray facilities (dynamic imaging), where images were acquired at approximately a time 

resolution of 1 minute throughout a displacement. 
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Figure 5. 1. The wettability orders, spreading and wetting layers, and double displacement events for various wettability and miscibility conditions during three-

phase flow in porous media under capillary dominated conditions. The content summarizes the main findings of the three-phase flow pore-scale imaging studies listed in 

Table 5.1 [16, 17, 38, 42, 101, 110, 122, 142].  
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Table 5. 1. Wettability, gas-oil miscibility, temperatures, pressures, interfacial tensions, and spreading coefficients of the three-phase flow pore-scale imaging studies 

discussed in this work. Shaded in grey are the experiments conducted using time-resolved synchrotron X-ray imaging.   

Reference Rock Wettability Miscibility 
Pressure Temperature σgo σow σgw Cso Csg Csw 

MPa oC mN/m mN/m mN/m mN/m mN/m mN/m 

Scanziani et al. [16] 
Ketton 

limestone 
Water-wet Immiscible 8 60 27 47 72 -2 -52 -92 

Feali et al. [42] 
Bentheimer 

sandstone 
Water-wet Immiscible  - - - - - +5.9 - - 

Iglauer et al. [142] 
Clashach 

sandstone 
Water-wet Immiscible  0.1 20 31 52 72 -11 -51 -93 

Scanziani et al. [101] 
Ketton 

limestone 
Water-wet Immiscible 8 60 27 47 72 -2 -52 -92 

Section 3.1 
Ketton 

limestone 
Water-wet Near-miscible 10.85 70 1 30 31 0 -2 -60 

Qin et al. [17] 
Fond du 

Lac carbonate 
Weakly oil-wet Immiscible  4.13 40 & 90 - - - - - - 

Scanziani et al. [38] 
Reservoir 

carbonate 
Weakly oil-wet Immiscible  8 60 27 47 72 -2 -52 -92 

Scanziani et al. [110] 
Ketton 

limestone 
Weakly oil-wet Immiscible 8 60 11 52 64 0 -23 -105 

Section 3.2 
Reservoir 

carbonate 
Weakly oil-wet Near-miscible 10.85 70 1 30 31 0 -2 -60 

Section 3.3 
Reservoir 

carbonate 

Strongly oil-

wet 
Immiscible 8 60 10 21 31 0 -20 -42 

Iglauer et al. [122] 
Bentheimer 

sandstone 

Strongly oil-

wet 
Immiscible 10 50 3 23 40 +14 -20 -60 

Section 4.2 
Reservoir 

carbonate 

Strongly oil-

wet 
Immiscible 8 60 11 52 64 0 -23 -105 
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A key feature of three-phase flow and the analysis in this work concerns wettability, or the local 

distribution of contact angles. Contact angle will be determined in two ways to assess the wettability 

order in three-phase flow: geometric and thermodynamic, see section 4.2.4.1.1 for more details.   

The contact angles measured using both the geometric and thermodynamic approaches for the 

experiments discussed here are listed in Table 5.2 and plotted in Fig. 5.2, where cosθgw is plotted as a 

function of cosθow. The quadrants of the graph define different wettability orders: for cosθow > 0 and 

cosθgw > 0 the wetting order, from most to least wetting, is water-oil-gas; for cosθow < 0 and cosθgw > 0 

the order is oil-water-gas, while for cosθow < 0 and cosθgw < 0 we have an oil-gas-water wetting order. 

We will now discuss the main findings of the three-phase flow pore-scale imaging studies summarized 

in Fig. 5.1. We will examine the wettability order, spreading and wetting layers, and multiple 

displacement events at each surface wettability and miscibility condition, and discuss their implications 

on oil recovery and gas storage applications. 

Table 5. 2. Geometric and thermodynamic contact angle measurements between oil and water, gas and oil, 

and gas and water at different conditions of wettability and miscibility. The error in the geometric contact 

angle represents the standard deviation of the distribution, while in the case of the thermodynamic contact angle 

it indicates the uncertainty in the measurements. Data from [16, 38, 101, 110] and sections 3.1, 3.2, 3.3 and 4.2.  

Wettability Miscibility Method θow θgo θgw 

Water-wet 

Immiscible 
Geometric  47o ± 5o 0o N/A 

Thermodynamic 48o ± 10o 0o 44o± 10o 

Near-

Miscible 

Geometric  52o ± 22o 73o ± 17o 52o ± 18o 

Thermodynamic - - - 

Weakly oil-wet 

Immiscible 
Geometric  105o ± 27o 57o ± 25o 80o ± 23o 

Thermodynamic - - - 

Near-

Miscible 

Geometric  112o ± 21o 67o ± 22o 108o ± 18o 

Thermodynamic - - - 

Strongly oil-

wet 
Immiscible 

Geometric  118o ± 25o 60o ± 24o 124o ± 24o 

Thermodynamic 125o ± 10o 78o ± 10o 115o ± 10o 

 

 

Figure 5. 2. Cosines of the geometric and thermodynamic gas-water and oil-water contact angles listed in 

Table 5.2. In orange are the angles measured in near-miscible gas-oil experiments, while in blue are the angles 

measured in immiscible experiments. The W-O-G, O-W-G, and O-G-W labels refer to the wettability order, from 

most to least wetting, in each quadrant, where W refers to water, O to oil, and G to gas.  
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5.1.2 Water-wet Systems 

5.1.2.1 Immiscible conditions 

In a water-wet porous medium at immiscible gas-oil conditions, the wettability order is water-oil-gas 

from most to least wetting [16, 42, 101, 142]. Water forms wetting layers occupying the corners, gas 

resides in the centres, while in most systems studied in the literature with fluids representative of 

subsurface conditions, oil spreads in layers sandwiched between gas and water, assuming a near-zero 

oil spreading coefficient, Eq. (2.8) [16, 42, 101]. An illustration of this wettability order in situ is shown 

in Fig. 5.3 [16].  

The wettability order can also be indirectly inferred from pore-scale images by performing a statistical 

analysis of pore occupancy to obtain a relation between the dimension of the pores and the phase sitting 

in its centre. Fig. 5.3b quantifies the pore occupancy after immiscible gas injection in a water-wet 

carbonate rock [16]. Water resides in the smallest pores, gas the biggest, while oil occupies intermediate 

size pores confirming the water-oil-gas, from most to least wetting, wettability order in the system.  

This wettability order is in line with in situ measurements of fluid-fluid contact angles, see Table 5.2 

and Fig. 5.2. The thermodynamic contact angles are θow = 48o ± 10o, θgo = 0o, and θgw = 44o ± 10o; this 

is consistent with the geometrically measured θow = 47o ± 5o for a water-wet carbonate [33].  These 

results demonstrate that gas is non-wetting to both oil and water, oil is non-wetting to water and wetting 

to gas, while water is wetting to both oil and gas. 

When gas is injected in a water-wet system after waterflooding, gas can only initially directly displace 

water before it contacts oil [101]. As soon as gas contacts oil, oil spreads in layers between gas and 

water preventing their frequent direct contact in the pore space. Further displacement of water by gas is 

only possible through gas-oil-water double displacement. This type of displacement is known as double 

drainage, which allows for the mobilization of trapped oil ganglia in the reservoir, increasing oil 

recovery [41], as seen by Scanziani et al. [16]. They reported that tertiary gas injection, after 

waterflooding, allows for the production of up to 40% of the waterflood residual oil saturation [16]. 

Furthermore, additional oil can be recovered through drainage of oil layers by continuous gas injection, 

albeit very slowly [101]. 

During chase water re-injection, after gas injection, the main displacement process is water-oil-gas 

double displacement which is known as double imbibition. Water imbibes into the corners of the pore 

space through wetting layers; this causes the wetting layers to swell, disconnecting the oil layers 

surrounding gas, which results in capillary trapping of gas in the centre of the pores. Fig. 5.4 shows an 

image of a trapped gas ganglion in the pore centre of a water-wet carbonate rock. Scanziani et al. [16] 

showed that, at immiscible conditions, 80% of the injected gas was trapped during chase water re-

injection resulting in a residual gas saturation of 52% – the rest of the gas was displaced. The presence 

of spreading oil layers enhances the trapping of gas, since gas is strongly non-wetting to oil. This 

trapping mechanism – gas trapping by oil and oil trapping by water – is called double capillary trapping, 

which for gas storage applications can ensure that gas ganglia are immobilized by capillary and 

interfacial forces, especially as this gas is unlikely to dissolve in oil due to the immiscible conditions. 

Moreover, chase water re-injection can further increase oil recovery in the reservoir as seen by 

Scanziani et al. [16], where the oil saturation decreased from 30% to 18% after water re-injection. 

Under three-phase conditions more gas can be trapped in the presence of both oil and water than in two-

phase flow (for example, carbon dioxide storage in an aquifer). Rather than oil and gas competing to 

fill the larger pore spaces, oil in spreading layers is completely wetting to gas, which can result in more 

trapping than under two-phase conditions where the contact angle is not exactly zero [16, 18].   
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Figure 5. 3. (a) A 2 µm resolution two-dimensional raw pore-scale image showing the arrangement of gas, 

oil and water in the pore space of a water-wet carbonate rock at immiscible conditions. (b) A bar graph 

representing the pore occupancy of water, oil and gas in a water-wet rock after immiscible gas injection. In 

the grey-scale image (a) the order from brightest to darkest is oil, rock, water, gas. In (b), gas is shown in green, 

oil in red, while water (brine) in blue. Data from Scanziani et al. [16].   

 

Figure 5. 4. Images of gas capillary trapping in a single pore of a carbonate rock at elevated temperatures 

and pressures for various surface wettabilities. Gas is shown in green, water in blue, oil in red, while the rock 

is rendered transparent. (a) In a water-wet rock, at immiscible conditions, gas gets double capillary trapped in the 

centre of large pores surrounded by oil spreading layers and water wetting layers [101]. (b) In a weakly oil-wet 

rock, at immiscible conditions, gas is capillary trapped in the centre of the pore space by both oil and water [38]. 

(c) In a strongly oil-wet rock, at immiscible conditions, gas can only be trapped in the centre of the pore space by 

oil wetting layers. The pore-scale images were acquired with a resolution of 2 µm. 
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5.1.2.2 Near-miscible conditions  

The injection of gas, in a water-wet system, at near-miscible conditions efficiently displaces oil out of 

the pore space with a microscopic displacement efficiency close to 100%, see section 3.1. The low gas-

oil interfacial tension, ≤ 1 mN/m, results in a small capillary pressure between gas and oil making near-

miscible conditions extremely favourable for oil recovery applications. This was experimentally 

observed in section 3.1, where the injection of gas in a water-wet rock at near-miscible conditions 

resulted in an oil recovery factor of 80%, with the gas saturation reaching 76%. However, subsequent 

waterflooding, after gas injection, was not performed in this experiment, and hence the amount of gas 

trapping is unknown. Nevertheless, as discussed below, with little remaining oil, the behaviour is likely 

to be similar to a two-phase gas-water system. 

In section 3.1 we observed that at near-miscible conditions oil and CO2 became neutrally wetting to 

each other: the rock surface did not have a strong affinity to be preferentially coated by oil over gas. 

The strict wettability order, seen at immiscible conditions, where gas is distinctly more non-wetting 

than oil, breaks down as gas and oil compete to occupy the centre of the larger pores, while water 

remains connected in wetting layers in the corners of the pore space. This wettability order was observed 

directly from the pore-scale images acquired, see Fig 5.5. This was further confirmed by the measured 

fluid-fluid geometric contact angles, see Table 5.2 (the thermodynamic values have not been measured 

for this case), where oil and gas formed a large contact angle (θgo = 73o), indicating that they are almost 

neutrally wetting to the surface, and had a similar contact angle with water (θow = 52o and θgw = 52o). In 

terms of pore occupancy, after gas injection, gas, oil and water occupied pores of all sizes, see Fig. 5.5b. 

The unexpected result is that water appears to be pushed into some of the larger pores – this is explained 

below as a consequence of double displacement processes. 

The experimental observation of a gas-oil contact angle approaching 90o as miscibility is reached 

contradicts the empirical assumption of Sorbie and van Dijke [115] and the experimental contact angle 

measurements of Al-Siyabi et al. [187], where they observed a gas-oil contact angle that stays almost 

constant down to low gas-oil interfacial tensions, before jumping to zero as miscibility is reached. We 

attribute this distinct behaviour in the gas-oil contact angle to the fluids used in the investigations as in 

section 3.1 we studied a CO2-hydrocarbon system, while Al-Siyabi et al. [187] performed the gas-oil 

contact angle measurements on a hydrocarbon-hydrocarbon system. Furthermore, in our case, the angle 

was measured in situ inside a three-dimensional porous rock in three-phase equilibrium, whereas Al-

Siyabi et al. [187] measured the gas-oil angle in a square capillary glass tube under two-phase 

equilibrium conditions [187]. It is possible though that oil does indeed form layers in the in situ 

experiments, and that the true contact angle with gas is close to zero, but that the layers are below the 

resolution of the images; gas displaces the oil efficiently leaving either no, or very little, oil remaining 

in the pore space whose presence cannot be detected. Moreover, the images were acquired at the end of 

the displacement – during gas injection there may be oil layers present with a near-zero effective contact 

angle between gas and oil. To sum up, it does remain an open question what the gas-oil contact angle 

is in the limit of a miscible system and whether or not this depends on the exact nature of the gaseous 

phase. 

The other feature of near-miscible conditions is that oil is no longer confined to movement in spreading 

layers (oil does not form layers sandwiched between gas and water, since oil is no longer strongly 

wetting to gas) but instead flows rapidly in the centre of the pores; the residual oil saturation exists as 

disconnected clusters occupying the centre of the pore space rather than in layers, as seen under 

immiscible conditions. The absence of spreading oil layers can also be quantitatively assessed from a 

balance of the oil-water and gas-oil capillary pressures in the system. The capillary pressure analysis, 

shown in Fig. 5.5c, indicates that it is not possible for oil to spread in layers between gas and water in 

these experiments. Refer to section 3.1.3.2.5 for a detailed description of the methodology: a necessary 
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geometric condition for the formation of layers in the pore space is that κow > κgo, or, in terms of capillary 

pressure, Eq. (2.9) and Fig. 5.5c, owPcgo < goPcow.  

The absence of oil spreading layers allows gas to directly contact water in the pore space permitting the 

double displacement where gas displaces water that displaces oil during near-miscible gas injection. 

These double displacements allow water to enter some of the larger pores, as seen in Fig. 5.5b. Gas can 

remove water from some of the smaller pores, where it resides after oil injection; the water then has to 

shift to fill larger oil-filled elements through a local imbibition process. Nevertheless, since oil does not 

spread in layers surrounding gas, it is not possible to double capillary trap the gas phase during chase 

water re-injection; gas can only be capillary trapped by the water wetting layers. Therefore, in a water-

wet system, we suggest that near-miscible conditions are less favourable for gas storage compared to 

immiscible conditions. 

To recap this section: near-miscible conditions are favourable for oil recovery, as expected, since gas 

directly displaces oil. More surprising is the impact of miscibility on spreading layers and trapping. In 

a water-wet medium, oil can form spreading layers under immiscible conditions which facilitates gas 

trapping by a double imbibition mechanism during tertiary waterflooding. Under near-miscible 

conditions, oil layers are not seen while gas and oil compete to occupy the largest pores, with direct 

contact of gas by water. If there is very favourable oil displacement from gas injection, the subsequent 

injection of water will simply be a gas-water displacement with similar trapping as seen in two-phase 

flow: there is no enhanced trapping of gas thanks to snap-off by oil spreading layers, as seen in 

immiscible systems. 
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Figure 5. 5. (a) A 3.5 µm resolution two-dimensional raw pore-scale image showing the arrangement of gas, 

oil and water in the pore space of a water-wet carbonate rock at near-miscible conditions. (b) A bar graph 

representing the pore occupancy of water, oil and gas in a water-wet rock after near-miscible gas injection. 

(c) An analysis of the capillary pressures to assess the formation of spreading oil layers at near-miscible 

conditions in a water-wet system. In the grey-scale image (a) the order from brightest to darkest is water, rock, 

oil, gas. In (b), gas is shown in green, oil in red, while water (brine) in blue. In (c), Pc denotes the capillary pressure 

and subscripts w, o and g refer to water, oil and gas respectively. Data from section 3.1.  

5.1.3 Weakly Oil-Wet Systems 

5.1.3.1 Immiscible conditions  

If a porous medium has undergone a severe wettability alteration, the system is referred to as strongly 

oil-wet; however, if its surfaces experience a moderate alteration in wettability, with oil-water contact 

angles θow that are only slightly in excess of 90o, the porous medium is called weakly oil-wet [18]. In 

weakly oil-wet systems, at immiscible conditions, the wettability order is oil-water-gas from most to 

least wetting [17, 38]: this can be seen from the Bartell-Osterhof constraint, Eq. (2.11), where using the 

interfacial tension values, in Table 5.1, for immiscible conditions and assuming a gas-oil contact angle 

close to zero (oil is spreading) the contact angle between gas and water will be less than 90o, (cosθgw > 

0) even if cosθow < 0. This was experimentally confirmed by characterizing the geometric fluid-fluid 



Chapter 5 

161 

 

contact angles at these conditions for a carbonate sample that had been in prolonged contact with crude 

oil, which gave θow = 105o, θgo = 57o, and θgw = 80o, Table 5.2 [110].   

Figs. 5.4b and 5.6 show pore-scale images of the distribution of oil, water and gas in the pore space of 

a weakly oil-wet rock at immiscible conditions [38]. Notice that gas bulges into water and water bulges 

into oil confirming that gas is the most non-wetting phase. This wettability order can further be inferred 

from the pore occupancy graph obtained by Scanziani et al. [38], where oil occupied the smallest pores, 

gas biggest, while water occupied medium-sized pores, see Fig. 5.6b. The existence of gas in the biggest 

pores is consistent with the conventional interpretation of weakly oil-wet core flood relative 

permeability measurements, where gas relative permeability is the highest for a given saturation, a 

function of gas saturation only and is independent of the relative amounts of water and oil [18].   

Water, the intermediate-wet phase, has a very large and negative spreading coefficient, see Table 5.1, 

which prevents it from spreading in layers sandwiched between gas and oil. This pore-scale 

arrangement allows gas to directly contact oil and water in the pore space permitting its trapping by 

both phases. This is illustrated in Fig. 5.4b, where capillary trapping of gas in the centres by oil and 

water was imaged in a weakly oil-wet reservoir rock. Scanziani et al. [110] quantified the amount of 

residual gas trapped at these conditions after chase water re-injection and reported a gas saturation of 

24%.  

However, the amount of gas trapping is lower than in a strongly water-wet rock of similar structure with 

a spreading oil. The gas is no longer strongly non-wetting to oil. 

To summarize this section, the injection of gas in weakly oil-wet systems facilitates the flow of oil 

which resides in thick wetting layers. During gas injection, oil is displaced through gas-oil-water double 

displacement events. Gas can also directly displace water in the centres of the pore space, leaving oil 

connected in the corners. For oil recovery and gas storage applications, chase water re-injection is 

important as (i) it can significantly increase oil recovery through water-oil-gas double displacement; 

and (ii) facilitate gas trapping by oil and water. Since gas is the most non-wetting phase, while 

connected, it can flow readily through the larger pores, which can result in excessive cycling of gas and 

insecure storage. Qin et al. [17] demonstrated the importance of chase water re-injection for oil recovery 

by performing water-alternating-gas (WAG) injection in weakly oil-wet samples. The authors reported 

a residual oil saturation of almost 30% after gas injection, which dropped down to 20% after chase 

water re-injection.  
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Figure 5. 6. (a) A 3.5 µm resolution two-dimensional raw pore-scale image showing the arrangement of gas, 

oil and water in the pore space of a weakly oil-wet carbonate rock at immiscible conditions. (b) A bar graph 

representing the pore occupancy of water, oil and gas in a weakly oil-wet rock after immiscible gas injection. 

In the grey-scale image (a) the order from brightest to darkest is rock, oil, water, gas. In (b), gas is shown in green, 

oil in red, while water in blue. Data from Scanziani et al. [38].     

5.1.3.2 Near-miscible conditions 

As gas and oil approach miscibility in a weakly oil-wet system, the wettability order is altered such that 

gas becomes unambiguously the intermediate-wet phase, water the most non-wetting phase, while oil 

remains the most wetting phase, see section 3.2. This can be seen from the Bartell-Osterhof relationship, 

Eq. (2.11): when σgo tends to zero, we find σgw ~  σow (since oil and gas are similar – see Table 5.1) and 

hence cosθgw ~  cosθow.  Therefore, even if the system is only weakly oil-wet, gas will also be wetting 

(albeit also weakly) to water as it has similar properties to oil. This can be seen in Table 5.2, where the 

measured geometric contact angles between oil and water, and gas and water were 112o and 108o 

respectively at these conditions for a carbonate rock that had been in contact with crude oil. 

If the gas-oil contact angle, go, remains constant as the wettability – defined by the value of ow – is 

varied, then from the Bartell-Osterhof relationship, Eq. (2.11), cosθgw should be linearly related to 

cosθow [46, 115]. Using this linear relationship, the transition from gas being the most non-wetting phase 

in an immiscible system to water becoming most non-wetting at near-miscible conditions was first 

predicted by van Dijke and Sorbie [46]. This was later experimentally verified by Grate et al. [188] by 

measuring fluid-fluid contact angles on a flat surface using the static sessile drop method. While – as 

we show in Fig. 5.2 – there is not an obvious linear relationship between the cosines of the gas-water 

and oil-water contact angles, we do see a shift towards gas being more wetting to water as we lower the 

gas-oil interfacial tension. Nonetheless, we do not see the predicted linear trend because go also changes 

with wettability. In addition, the Bartell-Osterhof relationship holds for contact angles measured at the 

same location in three-phase equilibrium. In our experiments, we measure contact angles between pairs 

of phases at different locations which means that Eq. (2.11) may not be strictly applicable to our 

measurements. 

This wettability order – oil-gas-water, from most to least wetting – is typically associated with strongly 

oil-wet systems, where for immiscible conditions the Bartell-Osterhof Eq. (2.11) gives cosθgw < 0 only 

if cosθow ~ -1; however, using pore-scale imaging we can see that gas becomes wetting to water in 

weakly oil-wet systems under near-miscible conditions, see Fig. 5.7. Performing the pore occupancy 

analysis on pore-scale images of a weakly oil-wet rock at near-miscible conditions indicates that oil 

resides in the smallest pores, water the biggest, while gas occupies the medium-sized pores (Fig. 5.7b). 
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This is consistent with the observed reduction in the gas relative permeability under weakly oil-wet 

near-miscible conditions [152]; this behaviour can now be explained using the wettability order. 

This again confirms that although the surface wettability is the same, the pore-scale behaviour of fluids 

is different under near-miscible and immiscible conditions, as also seen in water-wet systems and 

described in sections 3.1 and 3.2.   

Since gas is more wetting to the surface than water, it cannot be capillary trapped by water in the centres 

of the pore space. This may have an adverse impact on the security of gas storage applications. 

Furthermore, at these conditions, gas is present in spreading layers sandwiched between water and oil 

due to its spreading coefficient being close to zero, Table 5.1. Fig. 5.8 shows evidence of the existence 

of gas in layers at near-miscible weakly oil-wet conditions. The gas phase is disconnected except for 

thin layers of low flow conductivity which limits its mobility in the pore space making it difficult – but 

not impossible – for the gas to escape, and thus providing an alternative gas storage mechanism. Using 

direct numerical simulation, it was seen that the CO2 conductance was reduced by a factor of 10 

compared to an equivalent situation where it occupied the larger pores, see section 3.2.4.2. If gas is 

considered safely stored upon injection only, due to its limited mobility, this mitigates the need for 

chase water re-injection that reduces the gas storage capacity in the reservoir. This was demonstrated 

in section 3.2 as we showed that the stored gas saturation in a reservoir rock decreased from 33% to 

21% after water re-injection. However, although spreading gas layers restrict flow, they can prevent the 

oil wetting layers from surrounding gas in the pore space disallowing capillary trapping of gas by oil. 

Gas injection at these conditions is especially favourable for oil recovery applications. This was 

confirmed in section 3.2 where we reported an increase of up 30% in the oil recovery factor by near-

miscible gas injection and another 33% by the subsequent water injection. The significant increase in 

oil recovery is attributed to two reasons: (i) the low gas-oil capillary pressure which results in a very 

efficient displacement of oil by gas; and (ii) during gas injection, gas, the intermediate-wet phase, 

displaces oil in the corners of the pore space, leaving water stranded in the centres which increases oil 

recovery and limits water production.  

Two types of displacement occur when gas is injected at these conditions; gas-oil-water double 

displacement, and gas-water direct displacement. During chase water re-injection, water can displace 

oil directly in the pore space, or displace gas that further displaces oil out of the small sized pores.  

To recap, as in a water-wet system, near-miscible gas injection is favourable for oil recovery. The 

miscibility also changes the wetting order in weakly oil-wet systems, unlike in a water-wet system: 

while oil remains the most wetting phase, when gas and oil are immiscible, gas is generally the most 

non-wetting phase, filling the largest pores, while gas becomes intermediate-wet under near-miscible 

conditions and forms spreading layers.  Note the difference with the water-wet case, where no layers of 

the intermediate phase (oil) were seen under near-miscible conditions. When gas is the most non-

wetting phase, tertiary water injection is needed to trap the gas effectively; instead, as an intermediate 

phase, the gas mobility is restricted and may be stored effectively after gas injection without the need 

to re-inject water. 
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Figure 5. 7. (a) A 3.5 µm resolution two-dimensional raw pore-scale image showing the arrangement of gas, 

oil and water in the pore space of a weakly oil-wet carbonate rock at near-miscible conditions. (b) A bar 

graph representing the pore occupancy of water, oil and gas in a weakly oil-wet rock after near-miscible 

gas injection. In the grey-scale image (a) the order from brightest to darkest is water, rock, oil, gas. In (b), gas 

(CO2) is shown in green, oil in red, while water in blue. Data from section 3.2.  

 

Figure 5. 8. Three-dimensional images of the configuration of gas and water in a single pore at (a) near-

miscible weakly oil-wet conditions and (b) immiscible strongly oil-wet conditions. Gas is shown in green, 

while water in blue. Gas spreads in layers at near-miscible conditions, while it exists as disconnected clusters at 

immiscible conditions. The size of the three-dimensional subvolumes shown at immiscible and near-miscible 

conditions are 185×209×121 µm3 and 109×134×152 µm3 respectively. The pore-scale images were acquired at a 

resolution of 1.82 µm. From section 3.3.  

5.1.4 Strongly Oil-Wet Systems 

5.1.4.1 Immiscible conditions  

For many years, it was believed that the theoretically predicted wettability order for strongly oil-wet 

systems – oil-gas-water from most to least wetting – does not occur in natural porous media. However, 

this wettability order is possible based on the Bartell-Osterhof relation, Eq. (2.11), as discussed 

previously, when cosθow ~ -1 [116] and has been seen in micro-model experiments [47]. In section 3.3, 

we successfully altered the wettability of a reservoir rock towards strongly oil-wet conditions and 
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visualized, using pore-scale imaging, the hypothesized wettability order. To further confirm the wetting 

order in the system, we quantified the in situ fluid-fluid contact angles, see Table 5.2, which 

demonstrated that oil is wetting to both water and gas, gas is non-wetting to oil and wetting to water, 

while water is non-wetting to both oil and gas: this was the case for both the geometric and 

thermodynamic estimates of contact angles. Moreover, the pore occupancy statistics indicated that, on 

average, oil resides in the smallest pores and water the biggest, while gas occupies intermediate-sized 

pores, see Fig. 5.9.   

Although the wettability order under strongly oil-wet immiscible conditions is the same as at weakly 

oil-wet near-miscible conditions, the pore-scale fluid configuration is different. While gas spreads in 

layers at near-miscible conditions, at immiscible conditions, gas exists in the pore space as disconnected 

ganglia, see Fig. 5.8b; gas, the intermediate-wet phase, does not spread in layers since it has a large and 

negative spreading coefficient, see Table 5.1. The existence of gas in disconnected clusters allows for 

the capillary trapping of gas by oil in the centre of the pores, see Fig. 5.4c. However, capillary trapping 

of gas by water is still not possible since gas is more wetting to the surface than water.  

When gas is injected at immiscible conditions, it progresses through the pore space in disconnected 

clusters by gas-oil-water double and multiple displacements, combined with gas-water direct 

displacement. This was first observed in section 4.2 where we used time-resolved synchrotron imaging 

to capture the connectivity of gas during gas injection in a strongly oil-wet reservoir rock at immiscible 

conditions. Fig. 4.18 shows the connectivity of the gas phase during gas invasion at different time-steps 

– each colour represents a different gas cluster. We attributed this behaviour to the pore-scale events 

that govern the gas movement in the porous medium, which they termed three-phase Haines jumps. We 

observed that as gas displaces either oil or water, it rapidly progresses to fill several pores which causes 

it to retract from regions further away from the gas front to enable this fast filling. This retraction leads 

to a permanent disconnection of gas ganglia which fail to get reconnected as gas injection proceeds. 

While this is not seen in two-phase flow, the presence of double and multiple displacement mechanisms 

allows the gas to progress through the pore space while remaining discontinuous even under capillary-

controlled conditions. The disconnected gas ganglia reach a new position of capillary equilibrium in the 

pore space and can only be displaced through double/multiple displacement events.  

This type of advance is particularly favourable for gas storage applications since gas gets disconnected 

upon injection; the injection of large amounts of water to trap the gas is unnecessary. Therefore, gas 

injection alone should provide a favourable storage capacity. In section 3.3, we showed that the gas 

saturation can reach up to 25% in a strongly oil-wet rock at immiscible conditions.  

However, the injection of water may be desirable to increase the oil recovery as the microscopic 

displacement efficiency of oil by gas is reduced under immiscible conditions due to the high gas-oil 

interfacial tension; gas injection only recovered 16% of the oil in place; by re-injecting water, after gas 

injection, an additional 31% of oil was recovered. During chase water re-injection, two types of 

displacement can occur, (i) water-oil direct displacement and (ii) water-gas-oil double displacement.  
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Figure 5. 9. A bar graph representing the pore occupancy of water, oil and gas in a strongly oil-wet rock 

after immiscible gas injection. Gas (CO2) is shown in green, oil in red, while water in blue. From section 3.3.  

5.1.4.2 Near-miscible conditions 

No pore-scale imaging studies have been reported at near-miscible conditions in strongly oil-wet 

systems; however, we presume that the wettability order, wetting and spreading layers, and double 

displacement events will be similar to those observed under weakly oil-wet near-miscible conditions. 

In this case, the local displacement efficiency of oil will be favourable, with restricted flow of the gas 

in spreading layers. 

5.1.5 Carbon Storage – EOR Implications  

As mentioned in section 1.4 the initial rapid deployment of large-scale CO2 sequestration is considered 

to be most feasible in oil and gas reservoirs [189-191]. This is attributed to many reasons including the: 

(i) large secure storage capacity of hydrocarbon reservoirs; (ii) geological knowledge of the reservoirs; 

(iii) built infrastructure and transportation routes; and (iv) a financial incentive from enhanced oil 

recovery (EOR).   

In this section, we will suggest the optimum CO2 injection strategy during CCS-EOR to improve the 

microscopic displacement efficiency in oil reservoirs under various wettability and miscibility 

conditions. Our discussion is limited to enhancing the microscopic displacement efficiency and does 

not consider the large-scale sweep efficiency and operational costs. We confine our discussion to 

immiscible and near-miscible conditions, but not fully miscible conditions, where oil and gas flow 

together as one phase in the reservoir. Although miscible conditions are favourable for local 

displacement efficiency, the high mobility contrast between the injected gas and resident oil can lead to 

channelling, while the hydrocarbon phase maintains a high mobility, which facilitates the recycling of 

CO2 through the reservoir [8], and so is generally less favoured for secure storage. To optimize CO2 

injection during CCS-EOR, the goal is to store as much CO2 as possible while maximizing oil 

production. 

To optimize CCS-EOR in a water-wet oil reservoir, at immiscible conditions, we suggest a water-

alternating-gas (WAG) injection strategy. When CO2 is injected, it remains connected through the 

largest pores which allows it to flow rapidly in the pore space and potentially escape through any 

abandoned boreholes. Therefore, the injection of water is necessary to double capillary trap CO2, as 

shown in Fig. 5.4a, immobilizing it in the pore space of the reservoir. Indeed the amount of trapping 
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can be larger than under equivalent two-phase conditions, since spreading oil is completely wetting to 

the gas. Furthermore, the injection of water can directly displace oil in the pore space, boosting oil 

recovery and facilitating drainage of oil through spreading layers.  

Although double capillary trapping of CO2 is not possible at near-miscible conditions, in a water-wet 

system, WAG is still the favourable injection strategy. The injection of water, after CO2, at near-

miscible conditions allows CO2 to become trapped in the pore centres by water wetting layers, securing 

CO2 storage. Nevertheless, it is recommended that CO2 is injected alone at the beginning to maximize 

CO2-oil contact in the reservoir, recovering large amounts of oil due to the high microscopic 

displacement efficiency of oil by CO2.  

The selected injection strategy is more pertinent in weakly oil-wet reservoirs, where CO2 can go from 

residing in the centre of the pores to spreading in layers by switching from immiscible to near-miscible 

conditions. At immiscible conditions, the lower gas-oil displacement efficiency and the possibility of 

capillary trapping CO2 in the centres by both oil and water, see Fig. 5.4b, suggest that WAG is the 

optimum injection strategy. However, as we show later, in section 6.2, from steady-state experiments, 

water injection in fact does not lead to trapping of CO2 – instead it is displaced. Hence, while oil 

recovery may be improved, WAG is not recommended for CO2 storage applications. On the other hand, 

at near-miscible conditions, where CO2 is confined to movement in low mobility spreading layers, 

continuous CO2 injection is definitely recommended for two reasons: (i) CO2 can efficiently displace 

oil in the corners of the pore space significantly increasing oil recovery; and (ii) the injected CO2 has 

very low flow conductivity in the reservoir which makes it highly improbable – but not impossible – 

for the stored CO2 to flow towards abandoned wells and escape. Furthermore, an injection strategy of 

CO2 injection only can maximize the CO2 storage capacity in the reservoir as a lower fraction of the 

pore space is then occupied by water.   

It is more difficult to predict the optimum injection strategy in strongly oil-wet reservoirs at immiscible 

conditions based on microscopic displacement efficiency insights only. At these conditions, CO2 is 

disconnected upon injection, hence, an injection strategy of CO2 injection only will produce oil while 

maximizing the storage capacity since the CO2 remains poorly connected in the pore space. 

Nevertheless, at these conditions, the gas-oil displacement efficiency is reduced, and in some cases 

water injection may be necessary to boost oil recovery. Moreover, the injection of water at these 

conditions can promote capillary trapping of CO2 by oil in the centres, see Fig. 5.4c. Therefore, there is 

an inevitable trade-off between storage capacity and oil recovery during the design of CCS-EOR in 

strongly oil-wet reservoirs at immiscible conditions. Additional knowledge, including the residual oil 

saturation and water availability may be needed to select the optimum injection strategy.  

5.1.6 Final Remarks and Suggestions 

This section has highlighted the recent insights into three-phase flow in porous media gained using 

three-dimensional pore-scale X-ray imaging. We provide in situ evidence of the different wettability 

orders, spreading and wetting layers, and double displacements at various conditions and discuss their 

impact on flow and trapping during the simultaneous flow of three fluid phases. We demonstrate that 

these pore-scale events are a function of wettability and miscibility.  

This work has focussed on studying three-phase flow in porous rocks only, whereas the pore-scale 

behaviour of fluids may vary in different porous media, e.g., microfluidic devices, shales, or fractured 

rocks. The impact of using live oils on gas-oil miscibility must also be investigated since all the three-

phase flow pore-scale imaging studies discussed used dead oils (that is oil with no dissolved natural gas 

at reservoir conditions). The scope of this study was confined to gas-oil-water three-phase systems; 

however, the use of pore-scale imaging can be extended to investigate the flow of liquid-liquid-solid 

and gas-liquid-solid systems which occur in chemical engineering applications. Furthermore, with pore-

scale imaging the flow and impact of surfactants and foams can be investigated. Future work must also 
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focus on measuring three-phase relative permeabilities, which can be used to develop predictive models 

for three-phase flow in porous media; this is the subject of the following chapter.  

With this, we conclude our discussion of unsteady-state three-phase flow in this thesis. In the next 

chapter, (6), will start investigating steady-state three-phase flow conditions using pore-scale X-ray 

imaging to determine relative permeability.  
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6 Chapter 6 
In this chapter we will present the materials and methods, results, discussion, and conclusions of the 

steady-state experiments investigated with static imaging. Sections 6.1 and 6.2 will examine immiscible 

steady-state three-phase flow in a water-wet and a mixed-wet rocks respectively (EXP6 and EXP7, see 

Table 1.1). Again, the heading of each section is given the title of the published manuscript.  

6.1 Disconnected gas transport in steady-state 

three-phase flow  

6.1.1 Summary 

We use high-resolution three-dimensional X-ray imaging to investigate fluid displacement during 

steady-state three-phase flow in a cm-sized water-wet sandstone rock sample. The pressure differential 

across the sample is measured which enables the determination of relative permeability; capillary 

pressure is also estimated from the interfacial curvature. Though the measured relative permeabilities 

are consistent – to within experimental uncertainty – with values obtained without imaging on larger 

samples, we discover a unique flow dynamics. The most non-wetting phase (gas) is disconnected across 

the system: gas flows by periodically opening critical flow pathways in intermediate-sized pores. While 

this phenomenon has been observed in two-phase flow, here it is significant at low flow rates, where 

capillary forces dominate at the pore-scale. Gas movement proceeds in a series of double and multiple 

displacement events. Implications for the design of three-phase flow processes and current empirical 

models are discussed: the traditional conceptualization of three-phase dynamics based on analogies to 

two-phase flow vastly over-estimates the connectivity and flow potential of the gas phase. 

6.1.2 Investigations  

The motivation behind developing an experimental approach that combines steady-state three-phase 

flow with pore-scale X-ray imaging is highlighted in section 2.2.4. We show here how the development 

of such experimental systems allowed us to discover a unique three-phase flow dynamic at steady-state 

conditions.   

Here, in EXP 6, we design a new flow cell that enables X-ray imaging at the pore-scale while 

simultaneously injecting three fluid phases into the rock. We conduct the experiment under capillary-

dominated, immiscible gas-oil conditions. We measure three-phase relative permeability by monitoring 

the pressure drop across the sample, while saturations are obtained from the high-resolution (5.3 

µm/voxel) images. We will investigate a saturation history, where the gas fractional flow is first 

increased and then decreased. We will compare our relative permeability measurements with core-scale 

data, obtained on the same rock type, and show that there is an agreement in the results, indicating the 

accuracy and applicability of our method. Furthermore, we will estimate the capillary pressures by 

extracting the fluid-fluid interfacial curvatures from the images. In addition, we will characterize fluid 

connectivity, pore occupancy, layer formation and contact angles at different fractional flows.   

We show that contrary to the conventional assumption, gas flows in disconnected ganglia when injected 

simultaneously with oil and water under steady-state conditions in a water-wet rock. Gas progresses 

through the centre of the pores in the form of discrete blobs surrounded by oil and water layers; it is 

continuously displaced from the inlet to the outlet by double and multiple displacements. We observe 

intermittent flow regions, where gas and oil, and water and oil interchangeably occupy the same pores 
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during steady-state flow. This work suggests that in three-phase flow we may never genuinely attain 

steady-state conditions at the pore-scale, although we have, macroscopically, a constant saturation, 

since the fluid arrangement at the pore-scale is constantly fluctuating between locations of local 

capillary equilibrium.  

6.1.3 Experimental Method 

In this section, we first provide details of the rock sample and fluids used to perform the three-phase 

steady-state experiments. We then move on to describe the newly designed flow cell which permits the 

simultaneous injection of three fluid phases while allowing for the pressure drop to be recorded and 

high-resolution pore-scale images to be taken. Next, the set of gas, oil, and water fractional flows 

selected for the experiment are listed in detail. Finally, we describe the X-ray imaging parameters and 

image processing techniques implemented to analyze the pore-scale images obtained at different 

fractional flows.   

6.1.3.1 Materials 

The three-phase steady-state imaging experiment was performed on a Bentheimer sandstone of diameter 

1.26 cm, and length 4.23 cm. Bentheimer sandstone has a unimodal pore radii distribution, with a mean 

pore radius of 30 µm, and consists of around 95% quartz with minor amounts of kaolinite and swellable 

clay minerals [192]. The pore size distribution is plotted in Fig. A6.1 in Appendix 6. The selected 

sample has a total porosity of 0.24 measured using the differential imaging method [127], see section 

3.1.3.1 for more details. Fig. 6.1 shows the distribution of the image-based porosity across the length 

of the sample. The absolute permeability (k) of the sample, measured at the experimental conditions, is 

1.75 ± 0.03 D (1.73×10-12 ± 0.03×10-12 m2). 

 

Figure 6.  1. Porosity distribution along the Bentheimer sample characterized using the differential imaging 

method [127]. Below is a two-dimensional image of the whole sample, highlighting the macro-pores, sub-

resolution pores and the solid rock surface. Solid is shown in black, macro-pores in white, and sub-resolution 

pores in grey.     
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In terms of fluids, nitrogen (N2) was used as the gas phase, n-decane (C10H22) as the oil phase, and 

deionized water (H2O) as the water phase. To distinguish between the three fluid phases in the X-ray 

images, 17.5 wt.% Iododecane (C10H21I) and 25 wt.% sodium iodide (NaI) were added to the oil and 

water phases respectively.  

The experimental pore pressure was maintained at 1 MPa, and the temperature at 30 oC. At these 

conditions, gas and oil have dynamic viscosities of µg = 0.017 mPa·s [193] and µo = 4.27 mPa·s [130] 

respectively, with an interfacial tension of σgo = 11.2 mN∙ m-1 [170]. Oil and gas are immiscible at the 

selected experimental conditions. Water has a dynamic viscosity of µw = 1.40 mPa·s with an interfacial 

tension of σow = 52.1 mN∙ m-1 with oil, and σgw = 63.7 mN∙ m-1 with gas [130, 170].  

The spreading coefficients (Cs) of the phases were calculated using Eq. (2.8). The only positive 

spreading coefficient is of oil (Cso = +0.4 mN∙m-1), indicating that it is only possible for oil to spread in 

layers sandwiched between the other two phases in the pore space. 

6.1.3.2 Steady-state flow and imaging apparatus 

To perform a three-phase steady-state flow experiment, three fluid phases must be simultaneously 

injected into the sample while recording the differential pressure drop across the system. While this can 

be achieved in the lab, the difficult part in our experiment is integrating this process with pore-scale 

imaging. Acquiring high-resolution, micro-scale images requires the X-ray source to be placed close to 

the sample. However, needing four injection ports (three ports for fluid injection and one for pressure 

measurement), would require a large fluid injection piece; therefore, the source must be pushed away 

from the sample, which reduces the spatial resolution of the images.  

To overcome this issue, we designed, in-house, a new coreholder – flow cell – which consists of three 

primary components: (i) injection piece, (ii) production piece, and (iii) coreholder body, see Fig. 6.2. 

The injection piece was made of stainless steel and has four injection ports that are in direct contact 

with the sample inlet. Stainless steel was chosen since it is highly resistant to corrosion and can 

withstand high operating pressures and temperatures. There is an additional confining port which is 

used to inject a confining fluid into the coreholder annulus. Fig. 6.2a shows that there is a mixing groove 

that connects the four injection ports. This groove was placed to allow for the three fluid phases to mix 

before entering the sample, therefore, preventing the accumulation of the phases on the side of their 

injection port. The fourth port is needed to measure the pressure at the inlet of the sample. The injection 

rod is around 12 mm in diameter allowing for X-ray images to be acquired at a resolution of 5.3 µm per 

voxel which is sufficient to capture the pore-scale properties during steady-state three-phase flow.   

The production piece has a single port to allow for the displaced fluid phases to be produced (Fig. 6.2b). 

The outlet pressure is measured downstream of the production piece, outside the coreholder assembly. 

The coreholder body is made of a thermoplastic polymer known as Polyether ether ketone (PEEK), as 

opposed to more conventional carbon fibre designs [138]; PEEK is X-ray transparent. The PEEK walls 

are around 3 mm thick which results in a stiff cylindrical design that shows no/little movement as it 

rotates when mounted with stainless steel end pieces at high pressure and temperature conditions. 

Minimizing movement during rotation is key to performing repeat X-ray imaging experiments.  
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Figure 6.  2. A schematic of the new coreholder design which allows for combining steady-state three-phase 

relative permeability measurements with pore-scale imaging. The design assembly consists of three main 

components: (i) injection piece, (ii) production piece, and (iii) coreholder body. Refer to the text for a detailed 

description of the coreholder design. 

The combined pore-scale imaging and steady-state three-phase flow apparatus is shown in Fig. 6.3. The 

apparatus consisted of five Teledyne Isco pumps, a Keller PD-33X differential pressure transducer, the 

newly designed PEEK coreholder and a Zeiss Xradia 510 micro-CT scanner.  

 

Figure 6.  3. The combined steady-state three-phase flow and pore-scale X-ray imaging apparatus. The 

dashed line represents the scanner enclosure. The coreholder, pumps, flow lines, valves, and pressure transducer 

in the experiment were assembled as shown in the schematic diagram.     
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6.1.3.3 Three-phase relative permeability experiment  

The steady-state three-phase relative permeability experiment was performed with constant flow rates 

at 30 oC and 1 MPa pore back pressure. A net confining pressure of 2 MPa was applied at all fractional 

flows, and the differential pressure was measured with an accuracy of ±0.03 kPa. The fluids were always 

injected from the bottom of the sample as shown in Fig. 6.3. The impact of gravity on the flow of fluids 

during the experiment was assessed using the Bond number, shown in Appendix 6. The Bond number 

indicates that at the pore-scale, the gravitational forces are small compared to the capillary pressure and 

therefore are insignificant. However, they could have an effect on the macroscopic properties, such as 

saturation, at the full sample length-scale. Nonetheless, as shown later in section 6.1.4.5, we see almost 

constant fluid saturations in the experiment and no evidence of a capillary pressure gradient.  

In this study, three-phase steady-state conditions were reached at various gas, oil, and water fractional 

flows (fg, fo, and fw) by keeping constant fluid flow rates with a total flow rate of Qt = 0.8 mL/min. The 

fractional flows selected for the experiment are listed in Table 6.1. The waiting time for each fractional 

flow to reach steady-state conditions was at least 12 hr. After that, we waited until the differential 

pressure was constant over a period of at least 1 hr, to record the pressure drop and start X-ray imaging 

to determine the fluid saturations.  

Table 6.  1. The set of gas, oil and water fractional flows at which steady-state conditions were reached in 

the three-phase flow experiment. f and Q refer to the fractional flow and the flow rate respectively. Subscripts 

w, o and g refer to the water, oil and gas phases respectively. The total flow rate in the experiment was Qt = 0.8 

mL/min. Gas was introduced into the system in flooding step 4, with maximum gas fractional flow fg = 1 reached 

in step 6.     

Flooding 

step 
fw fo fg 

Qw Qo Qg 

mL/min mL/min mL/min 

1 1 0 0 0.8 0 0 

2 0 1 0 0 0.8 0 

3 0.5 0.5 0 0.4 0.4 0 

4 0.25 0.25 0.5 0.2 0.2 0.4 

5 0.125 0.125 0.75 0.1 0.1 0.6 

6 0 0 1 0 0 0.8 

7 0.125 0.125 0.75 0.1 0.1 0.6 

8 0.1875 0.1875 0.625 0.15 0.15 0.5 

9 0.25 0.25 0.5 0.2 0.2 0.4 

10 0.3125 0.3125 0.375 0.25 0.25 0.3 

11 0.375 0.375 0.25 0.3 0.3 0.2 

 

The experiment was performed under capillary-dominated conditions. As a characteristic of water-wet 

media with spreading oil layers surrounding the gas, we assume that gas and water can only displace 

oil, while oil can displace both gas and water; gas and water cannot directly displace each other as we 

will show later. Table 6.2 lists the possible displacement capillary numbers at different fractional flows 

during the experiment. The highest capillary number is 3.15×10-6 corresponding to a displacement of 

gas by oil in flooding step 11, see Table 6.2, which is still in the capillary-dominated flow regime; see 

Fig. A6.7 in Appendix 6.   
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Table 6.  2. The gas-oil, oil-gas, oil-water and water-oil capillary numbers calculated at different fractional 

flows during the steady-state three-phase flow experiment. Capillary numbers were calculated using Caij = 

𝜇iqi/𝜎ij, where 𝜎ij is the interfacial tension between the phases, 𝜇i is the viscosity of the displacing fluid and qi is 

its Darcy velocity. A gas-oil number represents the capillary number calculated when gas displaces oil in the pore 

space, as is the case for the other pairs. Refer to Table 6.1 for the fractional flows of each flooding step. 

Flooding step Ca[go] Ca[og] Ca[ow] Ca[wo] 

1 - - - - 

2 - - 1.81×10-6 - 

3 - - 9.05×10-7 3.39×10-7 

4 1.79×10-8 2.10×10-6 4.52×10-7 1.69×10-7 

5 2.68×10-8 1.05×10-6 2.26×10-7 8.48×10-8 

6 3.57×10-8 - - - 

7 2.68×10-8 1.05×10-6 2.26×10-7 8.48×10-8 

8 2.23×10-8 1.57×10-6 3.39×10-7 1.27×10-7 

9 1.78×10-8 2.10×10-6 4.52×10-7 1.69×10-7 

10 1.34×10-8 2.63×10-6 5.65×10-7 2.12×10-7 

11 8.94×10-9 3.15×10-6 6.78×10-7 2.54×10-7 

 

The selection of the set of fractional flows was done with special care to follow a certain saturation 

history and avoid any unwanted irreversible switch between drainage and imbibition displacement 

processes. In this experiment, we investigate the impact of a saturation history, where the gas fractional 

flow is first increased and then decreased, on three-phase relative permeability. To do so, we adopt an 

approach in which we keep the oil and water saturation changes in the same direction – while keeping 

oil and water flow rates the same (treating them as a single phase) – and change the gas saturation in 

the opposite direction [35, 194-197]. This can be seen in Table 6.1, where, first, the gas flow rate is 

increased and oil and water flow rates are decreased in steps 4, 5 and 6, and then gas rate is decreased 

and oil and water are increased in steps 7, 8, 9, 10 and 11. 

The experimental protocol followed to initiate the steady-state three-phase flow X-ray imaging 

experiment is described below:  

1. First, the sample was wrapped with aluminium foil and inserted in a Viton sleeve. The bottom 

and top ends of the Viton sleeve were mounted on the injection and production pieces 

respectively as shown in Fig. 6.3. The Viton sleeve sealed the rock sample from coming into 

contact with the confining fluid. 

2. The coreholder was then placed inside the scanner and all the pumps and flow lines were 

connected as shown in Fig. 6.3. The differential pressure transducer was connected to the inlet 

and outlet to measure the pressure drop across the sample. 

3. The empty annulus space between the Viton sleeve and the PEEK coreholder body was filled 

with the confining fluid, deionized water, and a net confining pressure of 2 MPa was applied. 

At this point a dry scan of the sample was acquired at 5.3 µm/voxel resolution.  

4. 200 pore volumes (PV) of water (25 wt.% NaI) were injected into the sample to fully saturate 

the pore space and the pore pressure was raised to 1 MPa using a back-pressure pump. Water 

was injected at four flow rates (0.2, 0.4, 0.6 and 0.8 mL/min) while recording the stable pressure 

drop to calculate the absolute permeability of the sample, which was found to be 1.73×10-12 ± 

0.03×10-12 m2 (k = 1.75 ± 0.03 D). A 5.3 µm/voxel water saturated scan was acquired at this 

point, which allowed for the characterization of the porosity distribution, including sub-

resolution porosity, of the sample using the differential imaging method [127], see Fig. 6.1.  

5. Oil (17.5 wt.% C10H21I) was injected into the sample at a flow rate of 2 mL/min to reach the 

irreducible water saturation. The flow rate was then dropped to 0.8 mL/min to measure the 

pressure drop and a scan was acquired.  
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6. Water and oil were then simultaneously injected at fw = 0.5, with a total flow rate Qt = 0.8 

mL/min, to initiate the sample for the three-phase relative permeability experiment. After 

reaching steady-state conditions between oil and water, the pressure drop was recorded, and a 

scan of the sample was acquired. 

7. Gas, oil and water were then simultaneously injected into the sample at the fractional flows 

listed in Table 6.1. The pressure drop was recorded and scans were taken once steady-state had 

been reached for each fractional flow to calculate the three-phase relative permeabilities. The 

gas flow rate was not pumped when fg = 1 (flooding step 6, see Table 6.1).  

After the experiment, the rock was taken out and cleaned using DI water to remove any residual gas 

and oil. The sample was then prepared for a repeat experiment, following the same steps mentioned 

here. In the repeat experiment, we only investigated one set of fractional flows (fg = 0.5, fw,o = 0.25) 

during both increasing and decreasing gas flow paths. The repeat experiment was performed to verify 

if the gas phase was disconnected during steady-state injection, see section 6.1.4.4; therefore no pressure 

measurements were recorded.  

6.1.3.4 X-ray image acquisition and processing 

For every fractional flow, after reaching steady-state conditions, three-dimensional images of the 

sample and fluids within it were acquired using the ZEISS Xradia 510 Versa scanner. The photon energy 

and power were set to 80 keV and 7 W respectively at the X-ray source, with a 360° sample rotation 

angle. Air was the only filter used between the source and sample. A flat panel with a large field of 

view (12.45 mm × 12.45 mm × 10.23 mm) at a resolution of 5.3 µm/voxel was employed at the detector. 

The exposure time was set to 1.60 s with a total of 3,201 projections. Five images, with a 3.55 mm 

vertical overlap, were acquired during each scan to capture the length of the whole sample.  

The images acquired were then reconstructed, normalized, registered, and stitched to obtain three-

dimensional steady-state images of the rock and fluids at each fractional flow, see Figs. 6.4 and 6.5. 
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Figure 6.  4. Two-dimensional cross-sectional raw images of the sample acquired during the steady-state 

three-phase relative permeability experiment. In each image, the gas, oil and water fractional flows (fg, fo, and 

fw) are stated. The rock, oil, gas, and water are shown in light grey, dark grey, black, and white respectively. 

Image segmentation was then performed to obtain quantitative information, including saturations, fluid-

fluid curvatures and surface areas. First, to make the segmentation process simpler we decided to ignore 

the fluid saturations in the sub-resolution porosity; sub-resolution porosity was segmented as a part of 

the rock phase – except when we characterized the porosity distribution along the sample in Fig. 6.1. 

This assumption is reasonable, as in water-wet systems, the sub-resolution porosity remains 100% water 

saturated.  

As mentioned in section 6.1.2, we see some regions of the pore space with intermediate grey-scale 

values. We hypothesize that these are places where – during the time of the scan – the pore space was 

occupied for some time by oil and for some time by gas or water. In theory, therefore, the fluids in the 

macro-pores should be segmented into seven different phases: (i) water; (ii) oil; (iii) gas; (iv) gas from 

intermittent gas-oil regions; (v) oil from intermittent gas-oil regions; (vi) oil from intermittent oil-water 

regions; and (vii) water from intermittent oil-water regions. However, this is impractical, especially 

with our current image segmentation capabilities. Therefore, to simplify the segmentation process, 

while minimizing the impact on the quantitative results we decided to do the following: (1) ignore the 

oil-water intermittent flow regions, since oil-water intermittency does not occur very often – that is, 

ignore phases (vi) and (vii); (2) segment the gas from intermittent gas-oil regions as part of the gas 

phase – combining phases (iii) and (iv); and (3) segment the oil from intermittent gas-oil regions as part 

of the oil phase – combining phases (ii) and (v). This leaves us with three phases to segment from the 

pore-scale images. 

To segment the images into these three phases, we used an approach that combines differential imaging 

with the interactive thresholding segmentation technique. Intermittent regions display a grey-scale value 

that is in-between the grey-scale values of the two intermittent phases. Therefore, using differential 
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imaging was needed to widen the grey-scale histograms between the intermittent phases, while 

thresholding was used to assign 50% of the intermittent region to each phase.  

The segmentation procedure was as follows: (i) the rock phase was directly segmented from the dry 

scan, and was used subsequently in all the images; (ii) for each fractional flow, the image was subtracted 

from the high contrast water scan (fw = 1), eliminating the water and rock phases, which leaves the oil 

and gas phases only in the differential image, with wide grey-scale histograms; (iii) the interactive 

thresholding technique was then used to directly segment the oil and gas phases from the differential 

images; finally (iv) the segmented oil and gas phases were then added to the segmented rock phase in 

step (i), and the rest of the unassigned voxels were considered as the water phase. The segmentation 

procedure is explained in more detail in Fig. A6.2 in Appendix 6. 

 

Figure 6.  5. Two-dimensional cross-sectional raw images of the sample acquired during the steady-state 

three-phase relative permeability experiment. In each image, the gas, oil and water fractional flows (fg, fo, and 

fw) are stated. The rock, oil, gas, and water are shown in light grey, dark grey, black, and white respectively. 

6.1.3.5 Data analysis 

6.1.3.5.1 Relative permeability 

The three-phase relative permeabilities were calculated using the multiphase flow Darcy equation, (2.6) 

[18]: 

                                                                          𝑘𝑟𝑔 =  
𝑞𝑔𝜇𝑔𝐿

∆𝑃𝑘
                                                                         (6.1) 

                                                                          𝑘𝑟𝑜 =  
𝑞𝑜𝜇𝑜𝐿

∆𝑃𝑘
                                                                          (6.2) 

                                                                          𝑘𝑟𝑤 =  
𝑞𝑤𝜇𝑤𝐿

∆𝑃𝑘
                                                                         (6.3) 
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where kr is the relative permeability, q is the Darcy velocity (flow rate per unit area), µ is the viscosity, 

k is the absolute permeability, ΔP is the pressure drop, and L is the sample length. Subscripts g, o and 

w refer to the gas, water and oil phases respectively.  

While the pressure drop was measured using the differential pressure transducer, the fluid saturations 

at each fractional flow were measured on the segmented pore-scale images. Only fluid saturations in 

the macro-pore space were considered, see section 6.1.3.4 for more details. 

6.1.4 Results and Discussion 

Here we present the pore-scale findings obtained, using X-ray imaging, from the steady-state three-

phase flow experiment. First, in section 6.1.4.1, we present measurements of the fluid-fluid contact 

angles to confirm the water-wet state of the rock, followed by a characterization of the pore occupancy 

in section 6.1.4.2. Then, in section 6.1.4.3, we display measurements of the fluid-fluid and fluid-solid 

specific interfacial areas. These results, alongside the fluid connectivity in section 6.1.4.4, are used to 

explain the three-phase relative permeability behaviour in section 6.1.4.5. Evidence of intermittent flow 

regions is presented in section 6.1.4.6. The measured local capillary pressures between the three fluid 

pairs are shown in section 6.1.4.7. Finally, in section 6.1.4.8, three-dimensional images illustrating the 

occurrence of double displacement processes are presented.  

Fig. 6.6 shows the constructed three-dimensional images of the fluid configurations in the pore space 

at different fractional flows.  
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Figure 6.  6. Three-dimensional volume rendering of the fluid configurations in the pore space during the 

three-phase steady-state experiment at different fractional flows. Gas is shown in green, water in blue and oil 

in red. The rock is rendered transparent. Gas, oil, and water fractional flows (fg, fo, and fw) are stated. 
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6.1.4.1 In situ wettability characterization  

The oil-water, gas-oil, and gas-water contact angles were characterized on the same segmented 

subvolume, of size 2.65 mm × 2.65 mm × 2.65 mm, at different fractional flows using the same 

automated algorithm that measures the geometric angle on the three-phase contact line between each 

fluid pair as used previously in the thesis [30]. 

The geometric oil-water contact angles, measured through the denser phase (water), are shown in Fig. 

6.7. The mean oil-water contact angle, for all fractional flows, is 61o ± 16o, confirming the water-wet 

nature of the sample. This is also evident from the two-phase pore-scale images shown in Fig. 6.7 

(right), where oil resides in the centre of the pores surrounded by water wetting layers. Furthermore, 

Fig. 6.7 (left) illustrates that there was no wettability alteration throughout the flooding experiment; the 

contact angle between oil and water remains approximately constant. This also indicates that the 

geometric oil-water contact angle is independent of saturation history; the oil-water angle was not 

impacted by switching the saturation path.  

 

Figure 6.  7. (Left) Probability density function of the in situ measured oil-water contact angles throughout 

the steady-state three-phase flow experiment at different fractional flows. (Right) Two-dimensional pore-

scale images of the same pore, at two different fractional flows, illustrating that oil resides in the centres in 

the presence of water, confirming the water-wet state of the rock sample. The contact angles were measured 

through the denser phase, water, using an automated algorithm developed by AlRatrout et al. [30]. fw and fo refer 

to water and oil fractional flows respectively. 

As expected, due to the positive initial oil spreading coefficient (Cso = +0.4 mN∙m-1), see section 6.1.3.1, 

oil spreads in layers surrounding the gas phase which results in an effective gas-oil contact angle of 

zero; oil is strongly wetting to gas. This is evident from Fig. 6.8, where the three-dimensional 

arrangement of gas, oil and water in a single pore is presented; gas is shown in green, oil in red, water 

in blue, while the rock phase is rendered semi-transparent (grey). As soon as gas contacts oil, oil spreads 

in layers sandwiched between gas and water in the pore space. The presence of oil in layers prevents 

gas from directly contacting water in the pore space; therefore, we were unable to measure the geometric 

contact angle between gas and water. The measured contact angles are consistent with measurements 

previously made on water-wet rocks at immiscible gas-oil conditions [16, 29].   
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Figure 6.  8. Three-dimensional representation of the fluids arrangement in a single pore (a) before gas 

injection, and (b) after gas injection. Oil is shown in red, water in blue, gas in green, while the rock is rendered 

semi-transparent (grey).   

6.1.4.2 Pore occupancy 

The size of the pores occupied by the three fluid phases – also known as pore occupancy – was 

determined; we do not consider intermittency and assign a unique occupancy dependent on the average 

grey-scale level. Pore occupancy was characterized on images, of size 7.95 mm × 7.95 mm × 15.9 mm, 

located in the centre of the sample, for all fractional flows, where gas fractional flow (fg) is first 

increased while oil and water (fo and fw) are decreased, and then gas is decreased while oil and water are 

increased, see Fig. 6.9.    

Fig. 6.9a shows that when oil is first injected into the water-wet rock, it invades the largest pores 

confining water to smaller ones, as expected [16]. During the subsequent injection of oil and water, 

water imbibes into the corners in wetting layers, displacing oil in the smaller pores and restricting it to 

flow in the larger pores. Some oil gets trapped in the centre of the pores surrounded by water wetting 

layers, see Fig. 6.8a.     

During the simultaneous injection of gas, oil and water, gas replaces oil in the larger pores, forcing it to 

flow in spreading layers in the medium sized pores, while water flow is restricted to smaller pores, see 

Fig. 6.9c. Some of the oil that was trapped during two-phase flow gets reconnected in regions of the 

pore space smaller than those occupied before as a consequence of oil spreading. As the gas fractional 

flow is increased – the oil and water flows decrease – Figs. 6.9d and 6.9e, gas squeezes more oil and 

water into smaller sized pores. From this we can establish a clear wettability order in the system, where 

water is the most-wetting phase, residing in the smallest pores, gas is the most non-wetting phase, 

occupying the biggest pores, while oil, is the intermediate-wet phase, spreading in layers sandwiched 

between gas and water, and filling medium sized pores; this wettability order is also evident from Fig. 

8b. This is consistent with previous experiments conducted on water-wet media at immiscible gas-oil 

conditions [16, 41, 42].  

However, we observe a unique pore occupancy behaviour as the saturation path is reversed, i.e., the gas 

fractional flow is decreased, while the oil and water fractional flows are increased. There is little/no 

change in the three-phase pore occupancy when fg is decreased, as opposed to increasing fg, which 

implies that pore occupancy is a function of saturation history, see Figs. 6.9f, 6.9g, 6.9h and 6.9i. This 

behaviour can be ascribed to double capillary trapping – gas trapping by oil and oil trapping by water – 

which can permanently trap gas in the pore centres. Therefore, regardless of the increase in oil and 

water fractional flows, they would not be able to displace the trapped gas phase; gas remains trapped in 
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the same pores. Also, since oil and water are injected at the same flow rate, they maintain their 

previously established pore occupancy. However, this can only be confirmed by looking at the fluid 

connectivity and saturations as we will show in sections 6.1.4.4 and 6.1.4.5. Furthermore, this can have 

an impact on the relative permeability of oil and water, as having a trapped gas phase can restrict their 

flow in the pore space.   

 

Figure 6.  9. Stacked bar charts showing the pore occupancy in the pore space of the rock at different 

fractional flows. The phase that occupies the centre of the pore is considered to occupy the pore. The size of the 

pores is determined by fitting them with inscribed spheres – the diameter of the sphere is the diameter of the pore. 

Pore occupancy was quantified on images of size 7.95 mm × 7.95 mm × 15.9 mm. Water is shown in blue, oil in 

red, and gas in green. Gas, oil, and water fractional flows (fg, fo, and fw) are stated in the respective images. 

6.1.4.3 Interfacial areas 

Fig. 6.10 shows measurements of the specific interfacial areas – area per unit volume – between the 

fluids and the fluids and solid quantified on segmented images of the whole sample at different 

fractional flows: intermittency is not accounted for – instead a single-phase label was assigned to all 

voxels based on their grey-scale values. This meant that an intermittent voxel was either assigned to be 

gas or oil dependent on the nearest grey-scale value. 

The oil-water specific interfacial area remains constant throughout the two- and three-phase steady-

state displacements, with values around 1 mm-1, see Fig. 6.10a. The specific interfacial area between 

oil and water is independent of saturation history under three-phase flow conditions, since the area is 

dominated by the contact between water in wetting layers close to the solid surface and oil either 

occupying medium-sized pores, or as a spreading layer surrounding gas. The gas-oil specific area, Fig. 

6.10d, is slightly higher than the oil-water one, which can be ascribed to oil being more wetting to gas, 

than water is wetting to oil; this is reflected in the gas-oil and oil-water contact angles, where θgo = 0o 
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compared to weakly wetting θow = 61o ± 16o (section 6.1.4.1) as well as the lower gas-solid area 

compared to oil-solid. In contrast to the oil-water specific area, the gas-oil area appears to be a function 

of the saturation history; the gas-oil area remains roughly constant as the gas fractional flow is increased 

but shows a considerable change when it is decreased, even though the gas saturation is almost the 

same: as discussed below, this could be a result of intermittency. The gas-water interfacial area is zero 

since spreading oil layers prevent direct gas-water contact in the pore space. Oil spreading around gas 

also reduces the gas-solid specific area, see Fig. 6.10e. 

Similar to the gas-oil specific area, the water-solid and oil-solid areas are impacted by the saturation 

history under three-phase conditions, see Figs. 6.10b and 6.10c. The huge variability in the gas-oil, gas-

solid, and water-solid areas observed around the same saturation, when the gas fractional flow is 

decreased and oil and water fractional flows are increased can imply that the fluid configurations are 

constantly fluctuating between locations of local capillary equilibrium, despite having, 

macroscopically, constant saturations. This phenomenon is discussed in more detail in section 6.1.4.6.  

Water-solid and oil-solid areas are the highest in the pore space, with a slightly larger water-solid area 

due to water residing in wetting layers close to the solid surface. 

 

Figure 6.  10. Specific interfacial areas between (a) oil and water, (b) water and solid, (c) oil and solid, (d) 

gas and oil, and (d) gas and solid measured on segmented images of the whole sample throughout the 

flooding experiment. Error bars represent uncertainty in the measurements.  
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6.1.4.4 Fluid connectivity 

Here, we assess the fluid connectivity in the pore space both qualitatively and quantitatively in Figs. 

6.11 and 6.12, and Table 6.3. To qualitatively examine the connectivity, the fluids were first isolated 

from the segmented images, and each disconnected object, in the image of the isolated phase, is labelled 

with a distinct colour. Again, all voxels were given a unique phase label: intermittent regions were 

assigned to either gas or oil phases dependent on the nearest grey-scale value. Figs. 6.11 and 6.12 show 

in three-dimensions the in situ connectivity of the gas and oil phases respectively at different fractional 

flows – a large colour range represents a poorly connected phase, while a narrow colour distribution 

indicates better connectivity.  

We observe a distinct gas flow pattern during the steady-state flow of gas, oil, and water in the water-

wet rock, see Fig. 6.11. Gas, the most non-wetting phase, advances through the pore space in the form 

of disconnected ganglia; gas is not connected although it is continuously injected into the sample. This 

gas flow pattern contradicts the conventional assumption that the gas phase is connected in the larger 

pores in water-wet rocks at steady-state conditions, which is implemented in current three-phase flow 

models. Hence, by combining pore-scale imaging with steady-state three-phase flow, it has been 

discovered that gas, in fact, flows in disconnected clusters when injected simultaneously with oil and 

water in a water-wet system. Disconnected unsteady-state gas flow has been previously observed in a 

strongly oil-wet three-phase system, where gas was intermediate-wet, using synchrotron X-ray source, 

section 4.2, but not over a range of fractional flows in steady-state in a water-wet system.    

Furthermore, we see that disconnected gas flow persists under both increasing gas fractional (fg) – 

decreasing oil and water fractional flows (fo and fw) – and decreasing fg (increasing fo and fw). This 

demonstrates that gas never connects across the sample, unless fg = 1, when only gas is flowing, see Fig. 

6.11. Therefore, we attribute the flow of gas in disconnected clusters when injected simultaneously with 

oil and water to the swelling of oil and water in the throats – the restrictions between the pores – 

continuously trapping gas in the pore centres. Since water and oil invade the pore space in an imbibition 

process, in the presence of gas, their layers thicken and coalesce in the throats disconnecting the gas 

phase. Gas is considered trapped in a double capillary trapping mechanism. Therefore, the only way for 

gas to progress through the pore space is through double and multiple displacement processes, as we 

will show in section 6.1.4.8. The disconnected flow pattern can have huge implications on the gas 

relative permeability as we will show in the next section. Moreover, it shows that subsequent water 

injection, after gas injection, to trap gas may be unnecessary in gas storage applications as gas naturally 

gets disconnected in the pore space [18]. However, intermittent pathways are not included in this 

analysis which, in theory, can improve the gas connectivity in the pore space. 

As mentioned in section 6.1.3.3, we repeated the experiment in the same sample at one set of fractional 

flows (fg = 0.5, fw,o = 0.25) during both increasing and decreasing gas flow paths to confirm this 

observation of disconnected gas flow at steady-state conditions. The connectivity results in the repeat 

experiment are shown in Fig. A6.3 in Appendix 6. We find that in the repeat experiment gas was also 

disconnected with positive normalized Euler characteristics of 31 mm-3 and 25 mm-3 during increasing 

and decreasing gas flow paths respectively. These values are even larger than the Euler characteristics 

measured in the main experiment at the same fractional flows in the two flow paths, 11 mm-3 and 16 

mm-3 respectively and reinforce the main conclusion that the gas phase is disconnected. 
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Figure 6.  11. Three-dimensional maps of the in situ gas connectivity in the pore space of the water-wet rock 

under three-phase steady-state conditions at different gas, oil, and water fractional flows. Each disconnected 

cluster is labelled with a different colour. Gas, oil and water fractional flows (fg and fw,o) are stated. N-Euler refers 

to the normalized Euler characteristic listed in Table 6.3. Images on top are acquired during the increasing gas 

fractional flow path – decreasing oil and water – while on the bottom are images acquired during decreasing gas 

fractional flow – increasing oil and water. On the right, is the image acquired at a gas fractional flow of 1 which 

is the only time the gas is connected across the sample.   

Fig. 6.12 shows the three-dimensional connectivity of the oil at different fractional flows. Here we 

observe a unique trend in the oil connectivity: oil becomes more connected with increasing gas 

fractional flow, despite the simultaneous decrease in the oil flow; oil connectivity is enhanced as oil 

saturation decreases and gas saturation increases. The reason for this behaviour is the spreading of oil 

in connected layers in the presence of gas. As the gas saturation increases, it invades new pores, where 

oil could be previously trapped by water; the trapped oil is then connected to the spreading oil layer 

surrounding the invading gas phase. This justification can be supported by examining the oil 

connectivity at fg = 1 – where the gas saturation is the highest – when oil is most connected, see Fig. 

6.12. Conversely, oil becomes less connected as the gas fractional flow is decreased, and oil and water 
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fractional flows are increased with trapping of gas. This indicates that, unlike gas, oil connectivity is a 

function of saturation history.  

 

Figure 6.  12. Three-dimensional maps of the in situ oil connectivity in the pore space of the water-wet rock 

under three-phase steady-state conditions at different gas, oil, and water fractional flows. Each disconnected 

cluster is labelled with a different colour. Gas, oil and water fractional flows (fg and fw,o) are stated. N-Euler refers 

to the normalized Euler characteristic listed in Table 6.3. Images on top are acquired during the increasing gas 

fractional flow path – decreasing oil and water – while on the bottom are images acquired during decreasing gas 

fractional flow – increasing oil and water. On the right, is the image acquired at a gas fractional flow of 1.   

Furthermore, we quantify the Euler characteristic of oil, water and gas on images of the whole sample 

to quantitatively assess their connectivity in the pore space at different fractional flows, see Table 6.3. 

We quote values per unit volume. Prior to measuring the Euler characteristic, the features smaller than 

10 voxels in size were filtered out of the images.  

The Euler characteristic results in Table 6.3 confirm that under steady-state three-phase flow conditions, 

oil and water are connected in spreading and wetting layers respectively, while gas is disconnected in 
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the pore space. Oil connectivity is better under three-phase flow conditions compared to two-phase 

flow. Again, we see that oil gets more connected as fg is increased, and less connected as fg is decreased 

with maximized connectivity when gas is injected alone (fg = 1). The quantitative results support the 

qualitative observations that gas is disconnected when injected simultaneously with oil and water, and 

best connected when injected alone (fg = 1). Water is largely connected in the pore space under both 

two and three-phase flow conditions, due to its existence in wetting layers.   

Table 6.  3. Euler characteristic of water, oil, and gas during the steady-state three-phase experiment at 

different fractional flows. The Euler characteristic was measured on segmented images of the whole sample and 

normalized to the total volume. f refers to the fractional flow, while subscripts w, o and g refer to the water, oil 

and gas phases respectively. 

Flooding 

step 
fw fo fg 

Normalized Euler Characteristic [mm-3] 

Water Oil Gas 

1 1 0 0 - - - 

2 0 1 0 -4909 1 - 

3 0.5 0.5 0 -3781 23 - 

4 0.25 0.25 0.5 -3348 -133 11 

5 0.125 0.125 0.75 -3149 -182 13 

6 0 0 1 -3133 -918 1 

7 0.125 0.125 0.75 -3491 -232 15 

8 0.1875 0.1875 0.625 -3483 -196 14 

9 0.25 0.25 0.5 -3476 -183 16 

10 0.3125 0.3125 0.375 -3508 -128 16 

11 0.375 0.375 0.25 -3542 -163 18 

 

6.1.4.5 Three-phase relative permeability  

The gas, oil, and water steady-state relative permeabilities were calculated using the multiphase Darcy 

equations, (6.1)-(6.3). The relative permeability of each phase is plotted as a function of its own 

saturation. As mentioned in section 6.1.3.4, only the fluid saturations in the macro-pores were 

considered in this study. The saturation profiles of the three fluid phases, at different fractional flows, 

are plotted in Fig. 6.13. Notice that Fig. 6.13 is divided into two columns, in the left column, are the 

saturation profiles for the increasing fg, and decreasing fo and fw, flow path, while on the right are the 

saturation profiles for the decreasing fg, and increasing fo and fw. The saturation profiles for fg = 1 are 

plotted in both for reference. The averaged saturations, for all fractional flows, are plotted in a ternary 

diagram in Fig. A6.4 in Appendix 6.  

Fig. 6.13a shows that the irreducible water saturation reached during two-phase flow, when fo = 1, is 

around 0.32. The high irreducible water saturation is attributed to the water-wet nature of the rock and 

the low capillary pressure imposed at the end of primary drainage. Initial oil and water saturations at 

fw,o = 0.5, before gas injection, were 0.46 and 0.54 respectively, see Figs 6.13a and 6.13b.  

At the first three-phase fractional flow, the gas saturation reached 0.15, with oil and water saturations 

of 0.38 and 0.47 respectively, see Figs. 6.13a, 6.13b and 6.13c. At the end of the increasing gas 

saturation flow path, fg = 1, the gas saturation only reached 0.33, with 0.31 and 0.36 oil and water 

saturations. The water saturation is the highest as it remains connected in wetting layers in the corners 

of the pore space. Moreover, the gas rate was not increased at fg = 1 which explains the low gas 

saturation – high remaining oil and water saturations – when gas is injected alone: once gas established 

a flow path through the sample there was no further displacement. During increasing fg, and decreasing 

fo and fw, flow path, the gas saturation increased, while the oil and water saturations decreased as 

expected.  
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However, in contrast, during the subsequent saturation path – decreasing fg and increasing fo and fw – 

the fluid saturations remained largely constant regardless of the change in the fluid flow rates, see Figs. 

6.13d, 6.13e and 6.13f. This explains why the pore occupancy also remained constant in this saturation 

path (section 6.1.4.2). As discussed previously, this is due to gas trapping by oil and water layers. As 

gas gets trapped, it is immobilized in the pore space keeping the gas saturation constant, and since oil 

and water are injected at the same flow rate their saturations also remain constant. The high residual 

gas saturation observed indicates that water-wet reservoirs are ideal for gas storage applications; the 

stored gas is permanently immobilized once injection stops.  

Nevertheless, since gas is continuously injected into the sample, although at lower flow rates than that 

reached at fg = 1, then some of the apparently trapped gas is continuously displaced by double and 

multiple displacements. Therefore, we suspect that there are two types of trapped gas ganglia during 

the decreasing fg and increasing fo and fw flow path: (i) trapped gas which can move at a given flow rate 

during decreasing fg and increasing fo and fw; and (ii) trapped gas which is immobilized permanently 

unless gas is injected at a higher flow rate than that applied at fg = 1 (higher than 0.8 mL/min). This 

indicates that fluid saturations are indeed a function of saturation history. The saturation profiles did 

not show any signs of capillary gradients – capillary end-effect.  

Moreover, since we observe, macroscopically, constant fluid saturations but changing fluid-fluid and 

fluid-solid interfacial areas during decreasing fg and increasing fo and fw, see Fig. 6.10, we hypothesize 

that during this saturation path we never genuinely attain steady-state conditions at the pore-scale, and 

that the fluid arrangement is constantly fluctuating between two or more locations of local capillary 

equilibrium. There is a small gradient in gas saturation with a slight tendency for gas to accumulate near 

the outlet – the top of the sample – due to the effects of gravitational forces; see the discussion in 

Appendix 6. 
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Figure 6.  13. Fluid saturation profiles of (a) water, (b) oil, and (c) gas during increasing gas fractional flow 

– decreasing oil and water fractional flows – and of (d) water, (e) oil, and (d) gas during decreasing gas 

fractional flow – increasing oil and water – plotted along the length of the whole sample. Fluid saturations in 

the macro-pores only are considered. Note that the saturation profiles are approximately constant with distance 

indicating that there is no noticeable capillary end effect. Gas, oil and water fractional flows (fg and fw,o) are stated. 

To calculate the three-phase relative permeability, the pressure drop across the sample was measured. 

The measured differential pressures (ΔP), at all fractional flows are plotted in Fig. 6.14. The reported 

pressure is the stable differential pressure, at apparent steady-state conditions, measured over a period 

of 1 hr, after a minimum waiting time of at least 12 hr for each fractional flow. Reported in Fig. 6.14 

are the mean pressure values used to calculate the three-phase relative permeabilities, with their 

corresponding standard deviations. Increasing the gas flow rate decreased the pressure drop which is 

consistent with the introduction of a less viscous phase in the sample [18]. The pressure drop in the flow 

lines was insignificant compared to that measured across the sample and hence was ignored. 
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Figure 6.  14. The measured pressure drops across the sample using a differential pressure transducer for 

1 hr when steady-state conditions are reached at different fractional flows. Gas, oil and water fractional flows 

(fg and fw,o) are stated. The mean pressure drop values, with their corresponding standard deviations are shown. 

First, we compare our two-phase relative permeabilities, measured in flooding steps 1-3, see Table 6.1, 

with a two-phase relative permeability experiment conducted on a smaller water-wet Bentheimer 

sandstone sample of diameter 6.1 mm and length 25.8 mm [15, 140]. The two-phase relative 

permeabilities are shown in Fig. A6.5 in Appendix 6. The results show that the measurements are in 

agreement, and the only discrepancy is at irreducible water saturation which is larger in our experiment, 

since we imposed a lower capillary pressure and the end of primary drainage.   

Fig. 6.15 shows the measured water, oil, and gas three-phase relative permeabilities at steady-state 

conditions. We compare our relative permeability with two three-phase relative permeability 

experiments – labelled as Exp A and Exp B – conducted by Alizadeh and Piri [197] on a larger sample 

of Bentheimer sandstone (3.81 cm in diameter and 15.24 cm in length). Fig. 6.15 is divided into two 

columns: in the left column, are the relative permeabilities measured during the increasing fg, and 

decreasing fo and fw, flow path, while on the right are the permeabilities of the decreasing fg, and 

increasing fo and fw path. Note that Exp B only investigates the increasing fg flow path.  

The dataset of Alizadeh and Piri [197] was chosen to validate our measurements against for a number 

of reasons: (i) the same rock type, Bentheimer sandstone, was used; (ii) similar initial oil and water 

saturations (before gas injection); and (iii) the same saturation path is investigated – first, increasing fg, 

and decreasing fo and fw, and then decreasing fg, and increasing fo and fw, with equal oil and water flow 

rates. 

We observe that the water and oil relative permeabilities in our experiment, for increasing fg, agree with 

the data of Alizadeh and Piri [197] which indicates the accuracy of our steady-state three-phase relative 

permeability measurement method. Furthermore, it shows that the sample size used in our experiment 

is well within the representative elementary volume (REV) for relative permeability, see Figs. 6.15a 

and 6.15c. However, Figs. 6.15b and 6.15d show that for decreasing fg, the measured water and oil 
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relative permeabilities are in a different saturation range compared to the data of Alizadeh and Piri 

[197]. This is because they increased the gas flow rate at fg = 1, which reduced the water and oil 

saturations further in the pore space, while we did not. Hence our permeability measurements are at 

lower gas saturation compared to Alizadeh and Piri [197], see Figs. 6.15e and 6.15f. However, we still 

see a match in the gas relative permeability at low gas saturations for increasing fg, see Fig. 6.15e.   

Fig. 6.15 shows that, in our experiment, the gas relative permeability is lower than the oil and water 

relative permeabilities, despite gas occupying the larger pores. This counter-intuitive behaviour can be 

explained by the disconnected gas flow observed in section 6.1.4.4. Although both oil and water flow 

in connected layers, the oil relative permeability is still higher than the water one, Figs. 6.15a, 6.15b, 

6.15c, and 6.15d. This is attributed to oil flowing in medium-sized pores, while water flows in smaller 

pores and layers close to the solid surface. 

Our results show that the saturation history has little impact on the water relative permeability, see Fig. 

A6.6a in Appendix 6. This is expected since water is the most wetting phase in the pore space. However, 

we observe a clear dependency of oil and gas relative permeabilities on the saturation history, see Figs. 

A6.6b and A6.6c in Appendix 6. 
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Figure 6.  15. The measured three-phase relative permeability of (a) water, (c) oil, and (e) gas during 

increasing gas fractional flow – decreasing oil and water fractional flows – and of (b) water, (d) oil, and (f) 

gas during decreasing gas fractional flow – increasing oil and water. Exp A and Exp B data from Alizadeh 

and Piri [197]. The upward and downward pointing arrows represent the saturation path where gas fractional flow 

(fg) is increased and decreased respectively. Error bars indicate the uncertainty in the measurements. 
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6.1.4.6 Intermittency in three-phase flow 

We observe that a significant fraction of the pore space is filled with two fluid phases during the scan 

time, identified by an intermediate grey-scale level, see Fig. 6.16. This pore-scale phenomenon, called 

intermittency, has been seen hitherto in two-phase flow and refers to the alternative filling of the same 

pore by two immiscible fluid phases [37, 113, 120, 121, 198, 199]. 

 

Figure 6.  16. Two-dimensional unfiltered pore-scale images showing the occurrence of gas-oil and oil-water 

intermittency under three-phase flow conditions in the same pore at different fractional flows. The upward 

and downward pointing arrows represent the saturation path where gas fractional flow (fg) is increased and 

decreased respectively. Water is shown in white, rock in light grey, oil in dark grey, and gas in black. Intermittency 

appears with with a grey-scale value that is in between the grey-scale values of the two intermittent phases. 

In two-phase flow, intermittency has only been observed at moderate to high flow rates [200], where 

the relationship between rate and pressure gradient is non-linear, far from the Darcy (capillary-

dominated) regime. The onset of the transition from the Darcy regime to the viscous one was quantified 

by Zhang et al. [201] using a pore-scale energy balance. We use their approach, assuming two-phase 

flow between gas and oil, and oil and water, see Fig. A6.7 in Appendix 6. For oil-water displacement 

the flow is clearly in the Darcy capillary-dominated regime, whereas for gas-oil flow, because of the 

lower gas viscosity, the experiments are on the predicted boundary between Darcy-like and intermittent 

flow. This suggests that the intermittent flow regions observed in our three-phase experiment can occur 

even under capillary-controlled flow conditions. Since gas, the most non-wetting phase, is disconnected 

in the pore space, it can only progress through the intermittent opening and closing of critical flow paths 

facilitated by double and multiple displacement events. 

We identify two intermittent regions in the pore-scale images: (i) a more dominant gas-oil region, and 

(ii) an oil-water region, see Fig. 6.16. No intermittent gas-water flow was observed since the two phases 

do not directly contact each other in the pore space. In Fig. 6.17 we quantify the intermittent gas-oil 

fraction of the pore space at different fractional flows and show that it occurs mostly in intermediate-

sized pores, smaller than those occupied by gas, which indicates that gas forges temporary pathways to 

increases its conductance in the pore space. 
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Figure 6.  17. (A) Quantification of the fraction of the pore space occupied by gas-oil intermittency at 

different gas to oil fractional flow ratios. (B) A bar chart showing the pore occupancy of gas-oil 

intermittency at flooding step 5, see Table 6.1. 

6.1.4.7 Local capillary pressure 

Using pore-scale imaging we were able to measure the local capillary pressures simultaneously with 

the steady-state three-phase relative permeability. Fig. 6.18 shows the measured oil-water and gas-oil 

pressures using the curvature-based approach. Again, intermittency was not considered in this analysis; 

we do not expect this to influence the trend of capillary pressure change with saturation.   

The two-phase oil-water capillary pressure is compared with the pressure measurements of Lin et al. 

[140] obtained using two-phase flow imaging on a water-wet Bentheimer sandstone, see Fig. 6.18a. The 

measured oil-water capillary pressures are in the same range (+2.5 kPa ± 0.4 kPa) demonstrating the 

consistency of the curvature-based approach. A positive oil-water capillary pressure indicates that the 

rock surfaces are indeed water-wet. There is little change in the oil-water capillary pressure with water 

saturation in both experiments; this is due to the relatively narrow pore size distribution of the 

Bentheimer sandstone, see Fig. A6.1 in Appendix 6. 

Under three-phase flow conditions – Fig. 6.18b – the oil-water capillary pressure decreased with 

increasing water saturation as expected. The gas-oil capillary pressure is also positive, with an average 

value of +0.26 kPa ± 0.4 kPa, indicating that oil is wetting to gas, see Fig. 6.18c. This confirms the 

expected wettability order, water-oil-gas from most to least wetting, for the water-wet system at 

immiscible conditions. The gas-oil capillary pressure increased slightly with gas saturation. Again, it 

was not possible to measure the gas-water capillary pressure due to oil spreading layers preventing their 

contact in the pore space.   



 Chapter 6 

196 

 

 

Figure 6.  18. The curvature-based (a) two-phase oil-water, (b) three-phase oil-water, and (c) three-phase 

gas-oil capillary pressures plotted as a function of water and gas saturations. Increasing fg represents the 

pressures obtained during the increasing gas fractional flow – decreasing oil and water fractional flows – saturation 

path, while decreasing fg is of the decreasing gas fractional flow – increasing oil and water – path. The two-phase 

oil-water capillary pressures are compared to the measurements of Lin et al. [140]. Error bars indicate the 

uncertainty in the measurements.  

6.1.4.8 Double and multiple displacement  

As gas exists in the form of disconnected ganglia, it can only propagate through the pore space by 

double and multiple displacement chains. These displacements will always involve oil as a mediator 

between gas and water as the two phases do not contact each other in the pore space. 

Two double displacement processes were observed in the steady-state pore-scale images: (i) a gas-oil-

water double displacement and (ii) a water-oil-gas displacement, see Fig. 6.19. The same double 

displacements were previously observed in water-wet unsteady-state experiments [39, 41]. Fig. 6.19a 

shows images of a gas-oil-water double displacement process in a single pore. Water was first displaced 

by oil in a drainage process which was then displaced by gas in another drainage process. Notice that 

during a gas-oil-water double displacement, gas does not completely displace oil and water out of the 

pore space; oil and water remain connected in spreading and wetting layers respectively. However, 

during a water-oil-gas displacement, where oil first displaces gas in an imbibition process followed by 

another imbibition process when oil is displaced by water, the displaced phases completely exit the pore 

space; there is no remaining oil and gas, see Fig. 6.19b. 
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Figure 6.  19. Three-dimensional images showing the occurrence of (a) gas-oil-water double displacement, 

and (b) water-oil-gas double displacement in the water-wet rock under capillary-dominated conditions. 

Water is shown in blue, oil in red, gas in green, while the rock phase is rendered semi-transparent (grey). 

6.1.5 Final Remarks and Suggestions 

We have developed a methodology to couple steady-state three-phase relative permeability 

measurements with high-resolution pore-scale X-ray imaging (5.3 µm per voxel). Three-phase relative 

permeability was determined simultaneously with capillary pressure at different gas, oil, and water 

fractional flows in a water-wet sandstone rock under capillary dominated conditions. In our water-wet 

system, at immiscible conditions, water is the most wetting phase, residing in small pores and wetting 

layers, gas is the most non-wetting phase, occupying the large pores, while oil is the intermediate-wet 

phase, forming spreading layers in the medium-sized pores. Combining macroscopic measurements of 

flow properties with pore-scale imaging allowed the following discoveries to be made: 

1. Disconnected gas flow at steady-state conditions: We observed a unique gas flow pattern at 

steady-state conditions, where gas advances through the pore space in the form of disconnected 

ganglia mediated by double and multiple displacement processes. This behaviour was attributed 

to the continuous swelling of water and oil layers in the throats, trapping gas in the pore centres. 

Gas was only connected in the pore space when injected at a gas fractional flow of one. 

2. Intermittent flow: We identified intermittent gas-oil and gas-water regions, where both phases 

interchangeably occupied the same pores during the scan time. Gas-oil intermittency was more 

dominant. No gas-water intermittency was observed because the direct contact of the two 

phases is prevented by oil spreading layers. This intermittency is similar to that observed at 

moderate to high flow rates in two-phase flow but is observed in three-phase flow even under 

capillary-dominated displacement conditions. The periodic opening and closing of flow paths 

to gas facilitates its flow: gas ganglia are not advected through the pore space, but undergo a 

stop-start type transport, akin to cars controlled by traffic lights. 

3. High residual gas saturation: A high residual gas saturation was observed in the flooding 

experiment; once gas invaded the pore space it was not possible to displace it, when water and 

oil fractional flows were subsequently increased. This is due to double capillary trapping, where 
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gas is trapped in the centre of the pores by oil and water layers; when more water and oil are 

injected, they imbibe in the corners of the pore space surrounding the gas phase in the centres, 

keeping it trapped, as discussed in section 5. This has huge implications for gas storage 

applications in water-wet oil reservoirs, as it ensures that once gas is injected it remains trapped 

and does not flow once injection ceases.  

4. Understanding three-phase relative permeability: The low gas relative permeability seen in 

water-wet systems, albeit occupying the largest pores, can now be attributed to disconnected 

gas flow. Even though both water and oil exist in layers, oil has higher relative permeability 

which is ascribed to water occupying smaller pores than oil. The impact of saturation history 

on gas and oil relative permeabilities was larger than its impact on the water relative 

permeability. Our relative permeability results were in agreement with core-scale three-phase 

relative permeability measurements indicating the accuracy of our method. 

5. Capillary pressures: The capillary pressure measurements displayed a positive oil-water and 

gas-oil capillary pressures consistent with a wettability order of water-oil-gas, from most to 

least wetting.  

6. Double displacements in steady-state flow: Two double displacement processes were 

observed: (i) gas-oil-water, and (ii) water-oil-gas. The latter is essential for gas to progress 

through the pore space since it exists in disconnected ganglia.  

This analysis uncovers several topics for future work. (a) We need to quantify the apparent relative 

permeability for different flow rates. Is there a linear relationship between flow rate and pressure 

gradient and for what range of capillary number? (b) The analysis could be extended to mixed-wet and 

oil-wet rocks, and for a wider range of rock types. (c) The implications for modelling need to be 

explored. It is evident that the current quasi-static assumption of pore network models that compute 

relative permeability based on the connected network of each phase through the pore space is flawed. 

For empirical models that use two-phase analogies to predict three-phase properties, again the 

predictions are likely to be significantly in error since they do not encapsulate the unique nature of 

three-phase flow. 

In the next section, (6.2), we extended the steady-state three-phase X-ray imaging to study a mixed-wet 

reservoir rock.  
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6.2 Steady-state three-phase flow in a mixed-

wet porous medium: A pore-scale X-ray 

microtomography study  

6.2.1 Summary 

We use three-dimensional X-ray imaging to investigate steady-state three-phase flow in a mixed-wet 

reservoir rock, while measuring both relative permeability and capillary pressure. This extends the work 

of the previous section to a mixed-wet (or weakly oil-wet) system. Here, oil occupied the smallest pores, 

gas the biggest, while water occupied medium-sized pores. We report a distinct flow pattern, where gas 

flows in the form of disconnected ganglia by periodically opening critical flow pathways, as seen in the 

water-wet case. Despite having capillary-controlled displacements, a significant fraction of the pore 

space was intermittently occupied by gas-oil and oil-water phases. Both types of intermittency (gas-oil 

and oil-water) occurred in intermediate-sized pores. Gas mainly displaces oil, and oil displaces water 

as the gas flow rate is increased, while oil displaces gas, and water displaces oil as gas flow is decreased. 

No gas was trapped in the rock due to its mixed-wettability which prevents either oil or water completely 

surrounding gas, suppressing snap-off and capillary trapping, which has significant implications for the 

design of gas storage in three-phase systems. 

6.2.2 Investigations 

The motivation behind this study is provided in section 2.2.4.  

Here, we investigate three-phase steady-state flow in a mixed-wet reservoir rock extracted from a large 

producing field in the Middle East. We will study a saturation history similar to section 6.1, where the 

gas fractional flow is first increased and then decreased. This experiment is also performed under 

capillary-dominated, immiscible gas-oil conditions.  

Similar to section 6.1, in EXP 7, we will measure three-phase relative permeabilities and capillary 

pressures. However, we will determine the saturations directly from the raw pore-scale images, without 

performing image segmentation, by extending the saturation analysis introduced by Lin et al. [202], 

from two to three phases. We present a new image analysis technique to quantify the displacement of 

each phase when moving from one steady-state condition to another. In addition, we determine pore 

occupancies, layer formation, interfacial areas, contact angles and fluid connectivity. We end with a 

discussion of the implications of this work on the design of carbon dioxide storage in oil reservoirs. 

In this section, the pore occupancy results indicate that the wettability order in our mixed-wet reservoir 

rock is oil-water-gas from most to least wetting. We observe disconnected gas flow across the system 

at steady-state conditions, similar to the observations of section 6.1 for a water-wet rock. Although 

displacements were capillary-controlled, we identified intermittent gas-oil and oil-water regions, where 

the phases alternatively filled the same pores. Unlike the water-wet system, in section 6.1, the oil-water 

intermittency is more significant here. As the gas fractional flow was increased, gas only filled the pores 

that were previously occupied by oil, and gas was mostly displaced by oil as the fractional flow was 

decreased. This work further supports the finding of section 6.1 that pore-scale steady-state conditions 

may never be attained in three-phase flow, despite, macroscopically, having a constant averaged 

saturation. 

More significantly, there was no gas trapping in this mixed-wet reservoir rock at the end of gas injection, 

when only water and oil were injected. This is different from the water-wet system, in section 6.1, where 
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a significant amount of gas was trapped in the pore centres surrounded by oil and water layers. This 

behaviour was ascribed to the mixed-wet nature of the surface which prevented either oil or water from 

completely surrounding the gas phase in the pore centres. This work suggests that a water-alternating-

gas (WAG) injection strategy may not be favourable for carbon dioxide storage in mixed-wet oilfields 

since it can mobilize the gas possibly leading to its escape. This modifies the conclusions presented in 

section 5: while water injection may further improve oil recovery, it will not lead to more secure storage 

– CO2 is displaced. Instead, an injection strategy of continuous gas injection is more effective since gas 

naturally gets disconnected upon injection, ensuring secure storage.  

6.2.3 Materials and Methods  

6.2.3.1 Rock and fluid properties  

The same carbonate reservoir rock used in sections 3.2, 3.3, 4.1 and 4.2 was selected for this study. 

However, the sample was larger in size with a length of 42.9 mm and 12.3 mm diameter. The sample 

has a total porosity of 24.4%, characterised using differential imaging [127], and an absolute 

permeability (k) of 660 ± 30 mD (6.60×10-13 ± 0.03×10-13 m2) – measured at the experimental conditions. 

The pore and throat size distributions of the sample are plotted in Fig. A7.1 in Appendix 7. 

The experimental fluids were nitrogen (N2), n-decane (C10H22), and deionized water (H2O) respectively. 

The oil and water phases were mixed with 20 wt.% iododecane (C10H21I) and 30 wt.% sodium iodide 

(NaI) respectively.  

At the experimental conditions, 1 MPa pore pressure and 30 oC temperature, the dynamic viscosities of 

gas, oil and water were 0.017, 4.27, and 1.40 mPa·s respectively [130, 193]. Gas and oil were 

immiscible with an interfacial tension of 11.2 mN∙m-1 [170]. The interfacial tensions between gas and 

water, and oil and water were 63.7 and 52.1 mN∙m-1 respectively [130].  

In our three-phase system, oil has a positive initial spreading coefficient (Cso = +0.4 mN∙m-1) which 

indicates that it will spread in layers sandwiched between gas and water in the rock pore space, as we 

will show later; gas and water both have a negative spreading coefficient. 

6.2.3.2 Wettability alteration process 

Prior to performing the steady-state experiment, the rock wettability was rendered mixed-wet. To alter 

the wettability of the reservoir rock, we first saturated the rock sample with formation brine – a brine 

solution prepared with the same salt composition as the reservoir brine from which the rock was 

extracted. Then, 100 pore volumes (PV) of crude oil, from the same reservoir, were injected at ambient 

conditions into the pore space with a flowrate of 0.1 mL/min. The injection of crude oil at a low flowrate 

is necessary to ensure that not all the formation brine is swept out and that some pores remain brine 

occupied, i.e., remain water-wet to achieve mixed-wettability. The sample was then taken out and 

placed in a crude oil bath at 80 oC for two months. The crude oil properties are listed in Table 3.5. This 

wettability alteration protocol is different to that previously detailed in section 3.2.3.2 which has shown 

to render the samples strongly oil-wet.  

6.2.3.3 Experimental procedure 

The flow apparatus used in this study is similar to that used in section 6.1, however, the receiving pump 

was replaced with a back pressure regulator as shown in Fig. 6.20. A net confining pressure of 2 MPa 

was applied, while the back pressure was set to 1 MPa. The experiment was conducted at a temperature 

of 30 oC.  
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Figure 6.  20. A schematic diagram of the combined three-phase steady-state flow apparatus with the X-

ray microtomography scanner. The black dashed line represents the X-ray scanner enclosure. The pumps, flow 

lines, valves, coreholder and pressure transducer were connected as shown in the diagram.   

In the three-phase experiment, steady-state conditions were reached at various gas, oil, and water 

fractional flows (fg, fo and fw) by keeping the fluid flow rates constant, with a total flow rate of Qt = 0.8 

mL·min-1. The sets of fractional flows are listed in Table 6.4.  

The selection of fractional flows was done prudently to investigate the impact of a saturation history, 

where the gas saturation is first increased and then decreased, on three-phase relative permeability. 

Similar to the water-wet experiment, we keep the oil and water saturation changes in the same direction 

– by keeping oil and water flow rates the same – and change the gas saturation in the opposite direction 

[35, 194-197]. The minimum waiting time for each set of fractional flows to reach steady-state 

conditions was at least 12 hr. After which, we waited for the differential pressure signal to stabilize over 

a period of 3 hr to record the pressure drop and start the X-ray imaging process. This is longer than the 

waiting time for the water-wet system since the pressure fluctuations were larger here.  

In flow step 1, see Table 6.4, oil (80 wt.% n-decane and 20 wt.% iododecane) was injected into the 

sample to replace the crude oil introduced during the wettability alteration process. Water was then 

injected in step 2 to reach the residual or remaining oil saturation. In step 3, both oil and water were 

injected simultaneously (fw = 0.5 and fo = 0.5) to initialize the sample for the three-phase steady-state 

experiment.  

Gas was first injected into the sample in step 4. Five three-phase steady-state conditions were reached 

as fg was increased (steps 4, 5, 6, 7 and 8), while only three steady-state conditions were reached when 

fg was decreased (steps 9, 10 and 11). At fg = 1 (step 8), the gas flow rate was increased to 2 mL·min-1 

to reach the maximum gas saturation.  

The absolute permeability (k) = 668 ± 30 mD (6.60×10-13 ± 0.03×10-13 m2) of the sample was measured 

using deionized water (H2O) prior to altering the wettability of the rock at the experimental conditions. 
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A dry scan and a high contrast water saturated scan were also acquired at this point to characterize the 

porosity distribution, including sub-resolution porosity, of the sample using the differential imaging 

method [127]. 

Table 6.  4. The gas, oil, and water fractional flows at which steady-state conditions were reached in the 

three-phase flow experiment. Q and f refer to the flow rate and fractional flow respectively. Subscripts g, o and 

w refer to the gas, oil, and water phases respectively. The total flow rate (Qt) was 0.8 mL·min-1. Five steady-state 

conditions were reached as fg was increased (steps 4, 5, 6, 7 and 8), while only three steady-state conditions were 

reached when fg was decreased (steps 9, 10 and 11).   

Flow Step 
Qg Qo Qw 

fg fo fw 
mL·min-1 mL·min-1 mL·min-1 

1 0 0.8 0 0 1 0 

2 0 0 0.8 0 0 1 

3 0 0.4 0.4 0 0.5 0.5 

4 0.3 0.25 0.25 0.375 0.3125 0.3125 

5 0.4 0.2 0.2 0.5 0.25 0.25 

6 0.5 0.15 0.15 0.625 0.1875 0.1875 

7 0.6 0.1 0.1 0.75 0.125 0.125 

8 0.8 0 0 1 0 0 

9 0.6 0.1 0.1 0.75 0.125 0.125 

10 0.4 0.2 0.2 0.5 0.25 0.25 

11 0.2 0.3 0.3 0.25 0.375 0.375 

12 0 0.4 0.4 0 0.5 0.5 

 

The fluids were injected at low flow rates to ensure that displacements occur under capillary-dominated 

conditions. Table 6.5 lists the capillary numbers between the gas-oil and oil-water fluid pairs at each 

set of fractional flows. Since oil has an initial positive spreading coefficient (Cso = +0.4 mN∙m-1), see 

section 6.2.3.1, we expect it to spread in layers between gas and water preventing their direct 

displacement. 

Table 6.  5. The capillary numbers between oil-water, water-oil, gas-oil and oil-gas fluid pairs at different 

fractional flows during the steady-state three-phase flow experiment. An oil-water capillary number 

represents the number calculated when oil displaces water, as is the case for the other pairs. Capillary numbers 

were calculated using Caij = 𝜇iqi/𝜎ij, where 𝜎ij is the interfacial tension between the phases, 𝜇i is the viscosity of 

the displacing fluid and qi is its Darcy velocity. Refer to Table 6.4 for the fractional flows of each flow step. 

Flow Step Ca[ow] Ca[wo] Ca[go] Ca[og] 

1 - - - - 

2 - 6.34×10-7 - - 

3 1.13×10-6 3.17×10-7 - - 

4 7.07×10-7 1.98×10-7 1.34×10-8 5.26×10-6 

5 5.66×10-7 1.58×10-7 1.79×10-8 3.29×10-6 

6 4.24×10-7 1.19×10-7 2.24×10-8 2.63×10-6 

7 2.83×10-7 7.92×10-8 2.68×10-8 1.97×10-6 

8 - - 3.58×10-8 - 

9 2.83×10-7 7.92×10-8 2.68×10-8 1.97×10-6 

10 5.66×10-7 1.58×10-7 1.79×10-8 3.29×10-6 

11 8.49×10-7 2.38×10-7 8.95×10-8 3.95×10-6 

12 1.13×10-6 3.17×10-7 - 5.26×10-6 
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Three-dimensional images of the whole sample were acquired, with a voxel size of 5.36 µm, using the 

Zeiss Versa 510 scanner, after reaching steady-state conditions at each set of fractional flows. To 

capture the whole length, images, of size 12.45 mm × 12.45 mm × 10.23 mm, were taken at four 

different locations of the sample, with an overlap of 25%. The exposure time was set to 1.60 s with a 

total of 3,201 projections taken at all sets of fractional flows. All the pore-scale images were then 

reconstructed, normalized, registered, and stitched as shown in Figs. 6.21 and 6.22.  

 

Figure 6.  21. Vertical cross-sectional raw images of the whole sample acquired at steady-state conditions 

for different gas, oil, and water fractional flows. The gas, oil and water fractional flows (fg, fo, and fw) are stated 

in each image. The black phase is gas, dark grey is oil, light grey is rock, and white is water. 
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Figure 6.  22. Vertical cross-sectional raw images of the whole sample acquired at steady-state conditions 

for different gas, oil, and water fractional flows. The gas, oil and water fractional flows (fg, fo, and fw) are stated 

in each image. The black phase is gas, dark grey is oil, light grey is rock, and white is water. 

6.2.3.4 Image processing and analysis 

As mentioned in section 6.2.2, we observe that a large fraction of the pore space is occupied by gas-oil 

and oil-water phases intermittently at three-phase steady-state conditions. Intermittency can take any 

grey-scale value in-between the grey-scale values of the two intermittent phases. This makes image 

segmentation almost impossible, and even if segmented there would be eight different phases in the 

image including rock, water, oil, gas, gas from gas-oil intermittency, oil from gas-oil intermittency, oil 

from oil-water intermittency, and water from oil-water intermittency.  

Therefore, we decided not to segment the three-phase steady-state images with significant 

intermittency, and instead perform image analysis directly on the raw images. The analysis performed 

on the raw three-phase images includes saturation, pore occupancy and displacement analysis.   

Nonetheless, there was no/little intermittency in the pore-scale images acquired in flow steps 2, 3, 8 and 

12, see Table 6.4. Hence, these images were segmented using the seeded watershed algorithm and used 

for the analysis of contact angles, capillary pressures, interfacial areas and connectivity. We also 

characterize the saturations in the segmented images and compare them to the saturations obtained 
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directly from the raw images, see the next section. The segmentation procedure is detailed in Fig. A7.2 

in Appendix 7.  

6.2.3.4.1 Saturation from grey-scale values 

Since it was not possible to segment the three-phase steady-state images, we used an approach, 

developed by Lin et al. [202], to find the fluid saturations directly from the raw (unsegmented) pore-

scale images. We extend this approach from two to three fluid phases. Here, fluid saturations are 

determined using their grey-scale values in the pore-scale images. In this approach, the saturation of the 

intermittent region is added to the saturation of their respective phases, e.g., the contributions to the 

saturations of oil from gas-oil and oil-water intermittent regions are added to the oil saturation. We only 

considered the fluid saturations in the macro-porosity (porosity that was explicitly resolved in the 

images). Please refer to Lin et al. [202] for the calculation of two-phase saturations directly from the 

pore-scale images.      

The saturations, in the macro-porosity, at each set of three-phase fractional flows were obtained as 

follows:    

                                                     𝐶𝑇𝑓𝑤,𝑓𝑜,𝑓𝑔
= 𝑆𝑤𝐶𝑇𝑤 +  𝑆𝑜𝐶𝑇𝑜 +  𝑆𝑔𝐶𝑇𝑔                                                 (6.4) 

where 𝐶𝑇𝑓𝑤,𝑓𝑜,𝑓𝑔
 is the average grey-scale value in the macro-porosity of the three-phase steady-state 

image at each set of fractional flows, 𝐶𝑇𝑤 is the average grey-scale value in the macro-porosity of the 

water saturated image, 𝐶𝑇𝑜 is the average grey-scale value in the macro-porosity of the fully oil 

saturated image (acquired after flow step 1, see Table 6.4), and 𝐶𝑇𝑔 is the average grey-scale value in 

the macro-porosity of a fully gas saturated image (dry scan). Sw, So and Sg refer to the water, oil and gas 

saturations respectively.  

Now, if we substitute So = 1- Sw - Sg, Eq. (6.4) can be re-written as:  

                                           𝑆𝑤 =  
𝐶𝑇𝑜 −  𝐶𝑇𝑓𝑤,𝑓𝑜,𝑓𝑔

+  𝑆𝑔𝐶𝑇𝑔 −  𝑆𝑔𝐶𝑇𝑜 

𝐶𝑇𝑜 −  𝐶𝑇𝑤  
                                                 (6.5) 

While 𝐶𝑇𝑤, 𝐶𝑇𝑜, and 𝐶𝑇𝑔, are constant, 𝐶𝑇𝑓𝑤,𝑓𝑜,𝑓𝑔
 changes depending on the fluid saturations in the 

macro-porosity of each three-phase steady-state image. Eq. (6.5) can be solved linearly giving a range 

of Sw and Sg values; we limit this range by the minimum and maximum water and gas saturations that 

are obtained from the segmented images in flow steps 3, 8 and 12. Finally, the water and gas saturations 

are obtained by taking the mid-point of their narrowed ranges at each set of fractional flows; oil 

saturation is then found from So = 1- Sw - Sg. 

6.2.3.4.2 Displacement analysis 

To quantitatively assess the displacement processes in the three-phase mixed-wet system when moving 

from one steady-state condition to another, we developed an in-house algorithm that identifies the pores 

and throats occupied by a certain phase, at each set of fractional flows fg (i), fo (i) and fw (i), and then  

records the phases that occupy the same pores and throats at the next set of fractional flows fg (i+1), fo 

(i+1) and fw (i+1). Displacement is said to have taken place if the occupancy in the pore changes from 

one steady-state condition to another.  

As in previous chapters, we use the network model code developed by Dong and Blunt [145] and Raeini 

et al. [146] to extract the pores and throats from the dry scan of the sample. Pores are defined as wide 

regions of the pore space, that are connected by narrower regions, the throats. The pore diameter is the 

diameter of the largest sphere that can fit entirely in the pore, while the throat diameter is the diameter 

of the largest sphere that sits on the throat centre. We assume that the macro pore space is occupied by 

five phases: (i) gas; (ii) oil; (iii) water; (iv) gas-oil intermittency; and (v) oil-water intermittency, at all 
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three-phase steady-state conditions. For simplicity, we consider the intermittent regions as a single 

phase.  

To determine the occupancy in the pores, we first set a range of grey-scale values for each phase, as 

shown in Fig. A7.3 in Appendix 7. Then, we find the average grey-scale value in the sphere we have 

extracted from the pores. Depending on what range the average grey-scale value falls in, the occupancy 

is assigned.  

6.2.4 Results and Discussion  

First, in section 6.2.4.1, we measure the geometric fluid-fluid contact angles to confirm the mixed 

wettability state of the reservoir rock. Then, in section 6.2.4.2, we show evidence of intermittent gas-

oil and oil-water flow at three-phase steady-state conditions. We quantify pore occupancy in section 

6.2.4.3 to determine the wettability order in the system. In sections 6.2.4.4 and 6.2.4.5, the connectivity 

of the fluids and interfacial areas are examined respectively. Saturations are then quantified in section 

6.2.4.6 and plotted against the measurements of three-phase relative permeabilities in section 6.2.4.7. 

Capillary pressures are characterized in section 6.2.4.8. In section 6.2.4.9, fluid-fluid displacements in 

the three-phase mixed-wet system are analyzed. Finally, in section 6.2.4.10, we examine gas trapping 

and discuss the implications of pore-scale properties on the design of field-scale CO2 storage and oil 

recovery. 

6.2.4.1 Wettability 

The oil-water (θow), gas-oil (θgo) and gas-water (θgw) geometric contact angles were measured on 

subvolumes, of size 2.68 mm × 2.68 mm × 2.68 mm, on the segmented images (see section 6.2.3.4 and 

Table 6.4 for the fractional flows of the segmented images). The geometric angles were measured using 

the automated method developed by AlRatrout et al. [30], see Fig. 6.23.  

Fig. 6.23a shows measurements of the oil-water contact angle at two-phase flow conditions (fw = 0.5 

and fo = 0.5), measured before and after gas injection (at the end of the experiment), denoted by 

subscripts b and a respectively. We observe that θow has a wide distribution with angles both lower and 

higher than 90o, indicating the local existence of both water-wet and oil-wet regions which is a 

predominant characteristic of mixed-wet media [18]. The mean oil-water contact angles, before and 

after gas injection, are 82o ± 42o and 84o ± 39o respectively. This confirms that the wettability alteration 

protocol successfully achieved mixed-wet conditions, as opposed to the dynamic ageing protocol, 

previously performed on the same reservoir rock in multiple studies, which resulted in more oil-wet 

conditions with mean oil-water contact angles of 112o ± 21o, 118o ± 25o and 110o ± 20o, see sections 3.2, 

3.3 and 4.1.     

At fg = 1, the measured mean oil-water contact angle is 80o ± 41o, see Fig. 6.23b. The consistency of the 

values indicates that the contact angle does not change within the uncertainty of the measurements 

during and after gas injection. The gas-oil and gas-water contact angles are 66o ± 41o and 78o ± 40o 

respectively, suggesting that both oil and water are more wetting to the surface than gas. However, it is 

not possible to determine a clear wettability order in the system using the geometric contact angle 

measurements only.  
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Figure 6.  23. Probability density function of the in situ measured geometric contact angles, at steady-state 

conditions, between (A) oil and water at fw = 0.5 and fo = 0.5, before and after gas injection (flow steps 3 

and 12), and (B) oil and water, gas and oil, and gas and water at fg = 1 (flow step 8). Refer to Table 6.4 for 

the details of each flow step. In (A), subscripts b and a refer to before and after gas injection (the end of the 

experiment) respectively. The contact angles were measured through the denser phase: water in the case of oil and 

water and gas and water, and oil in the case of gas and oil. fw, fo and fg refer to the water, oil and gas fractional 

flows respectively. 

6.2.4.2 Three-phase intermittency 

As mentioned previously, a large fraction of the pore space becomes occupied by gas-oil and oil-water 

phases intermittently at three-phase steady-state conditions, during which the two intermittent phases 

alternatively occupy the same pores. Intermittency is manifested in an intermediate grey-scale value in-

between the grey-scale values of the two intermittent phases as shown in Fig. 6.24. This pore-scale 

phenomenon has been previously observed in two-phase flow albeit in the non-linear flow regime [37, 

113, 120, 121, 198, 199]. Nonetheless, it was also seen in a three-phase water-wet system under 

capillary-controlled conditions, see section 6.1.  

Fig. 6.24 shows the existence of two intermittent regions in the mixed-wet pore space: (i) a gas-oil 

region, and (ii) an oil-water region. We do not observe intermittent gas-water regions since the two 

phases do not come in direct contact due to the presence of oil layers, as observed in the water-wet case, 

section 6.1. However, in contrast to the water-wet system, where gas-oil intermittency was clearly more 

dominant, the oil-water and gas-oil intermittencies both occupy significant fractions of the pore space 

in the mixed-wet system. This is supported by the pore occupancy analysis in the next section. 
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Figure 6.  24. Two-dimensional unfiltered pore-scale images showing the occurrence of intermittent gas-oil 

and oil-water flow in the same pore under different three-phase steady-state conditions despite flowing in 

a capillary-force dominated displacement regime. Water is shown in white, rock in light grey, oil in dark grey, 

and gas in black. Intermittency appears with a grey-scale value that is in between the grey-scale values of the two 

intermittent phases. fw, fo and fg refer to the water, oil, and gas fractional flows respectively.  

6.2.4.3 Pore occupancy 

We characterized the pore occupancy – the size of the pores occupied by each fluid phase – directly 

from the raw two- and three-phase steady-state images of the whole sample, see Fig. 6.25. In two-phase 

flow, we divided the pore space into three phases: (i) oil; (ii) water; and (iii) oil-water intermittency, 

while we assigned five phases under three-phase steady-state conditions: (i) gas; (ii) oil; (iii) water; (iv) 

gas-oil intermittency; and (v) oil-water intermittency. We extract the pores using the pore-network 

model extraction [145, 146], as in previous sections, and then assign a unique occupancy dependent on 

the average grey-scale value in the pore; each phase is given a grey-scale value range and if the average 

value in the pore falls within this range then the pore is considered to be occupied by that phase, see 

section 6.2.3.4.2. 

Fig. 6.25a shows that at fw = 0.5 and fo = 0.5, before gas injection, on average, oil flows in pores smaller 

than those occupied by water which suggests that oil is more wetting to the rock than water. 

Nonetheless, oil also flows in a large fraction of the big pores as well; this is ascribed to the mixed-wet 

nature of the surface. Furthermore, we notice that oil-water intermittency takes place mostly in the 

intermediate-sized pores as seen previously in two-phase flow experiments [37, 120]. 

At three-phase steady-state conditions, as fg is increased, and fo and fw are decreased, Figs. 6.25b to 6.25f, 

gas flows in the largest pores, oil the smallest, while water flows in medium-sized pores. This suggests 

that the wettability order in the mixed-wet system is oil-water-gas from most to least wetting. This 

wettability order has been previously observed in weakly oil-wet rocks at immiscible gas-oil conditions 
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[38]. While one would expect more competition between oil and water to occupy the smallest pores, 

due to the mixed wettability, we believe that this is dictated by the filling order, since oil saturated the 

pore space first before water. We see that gas-oil and oil-water intermittency occurs in pores of similar, 

intermediate, size during the increasing fg, and decreasing fo and fw, flow path. Gas tends to favour filling 

the larger pores, and oil the smaller ones, so they compete to occupy pores of intermediate size.  

Furthermore, as seen in two-phase flow, oil and water both occupy larger and smaller pores, since this 

is a mixed-wet system, and intermittency is seen in a range of pore sizes, and most commonly around 

the mode with intermediate radius. 

The same wettability order persists during the decreasing fg, and increasing fo and fw, flow path, see 

Figs. 6.25f to 6.25h. During this flow path, gas occupied increasingly smaller pores, while oil and water 

filled larger pores. This is expected since the gas saturation decreases, while the oil and water saturations 

increase as we will show in section 6.2.4.6. This pore occupancy behaviour is different to that observed 

in the water-wet system, see section 6.1, where limited displacement was observed during the 

decreasing fg, and increasing fo and fw, flow path due to double capillary trapping of gas by oil and water. 

Hence, this suggests that there is less gas trapping in the mixed-wet system at three-phase steady-state 

conditions. Therefore, it implies that the saturation history has little impact on the pore occupancy in a 

mixed-wet rock. 

Finally, we observe that at fw = 0.5 and fo = 0.5, after gas injection, Fig. 6.25i, only oil and water exist 

in the pore space – no gas. This will be discussed in more detail in section 6.2.4.6. Nonetheless, we 

notice that a large fraction of oil has now moved into larger pores compared to before gas injection (Fig. 

6.25a). We attribute this to the preferential displacement of gas by oil as we will show in section 6.2.4.9. 
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Figure 6.  25. Probability histograms showing the pore occupancy in the mixed-wet rock in three-phase 

steady-state conditions at different fractional flows. Gas, oil, and water fractional flows (fg, fo, and fw) are 

stated in the respective images. The grey-shaded area represents the size distribution of all the pores. 

6.2.4.4 Connectivity 

Here, we qualitatively and quantitatively assess the fluid connectivity on the segmented pore-scale 

images in flow steps 3, 8 and 12, see Table 6.4 for their respective fractional flows. It was impossible 

to examine the fluid connectivity in the three-phase steady-state images as they could not be segmented 

due to the frequent occurrence of intermittent gas-oil and oil-water flow, as explained in section 6.2.3.4.  

Fig. 6.26 shows the in situ three-dimensional connectivity of water, oil, and gas – a wide range of 

colours represents a poorly connected phase, while a narrow colour distribution indicates that the phase 

is well connected. Furthermore, the volume-normalized Euler characteristic of each phase is quoted to 

quantitatively evaluate its connectivity [160-164].  

We observe that at fw = 0.5 and fo = 0.5, before gas injection, oil is more connected than water, see Fig. 

6.26a, supported by the negative Euler characteristic (-328 mm-3). This implies that oil exists in thin 

wetting layers in the corners, and therefore, confirms that it is more wetting to the surface than water. 

However, the Euler characteristic of oil is still not in the range of Euler characteristic measured on 

weakly and strongly oil-wet rocks from the same reservoir, where the oil characteristic was much 

smaller than -1000 mm-3, see section 3.3. This suggests that the rock surfaces are indeed mixed-wet.   

At fg = 1, see Fig. 6.26b, both water and gas appear disconnected, with positive Euler characteristic, 

while the oil connectivity is significantly improved. The enhanced oil connectivity under three-phase 

conditions is attributed to the spreading of oil in connected layers in the presence of gas as seen 
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previously in water-wet experiments, see section 6.1. In contrast, gas exists in disconnected clusters 

even when injected alone in the mixed-wet system unlike the water-wet case, see section 6.1. This 

behaviour has huge implications for gas storage applications; it means that the re-injection of water to 

trap gas is unnecessary. This gas behaviour has been previously observed in oil-wet rocks, extracted 

from the same reservoir, under unsteady-state conditions, see sections 3.3 and 4.2.  

Furthermore, at three-phase steady-state conditions, we suspect that all three phases have a poor 

connectivity due to their intermittent behaviour. This can lead to each phase having a dynamic 

connectivity, where it is momentarily connected and then disconnected at steady-state conditions.         

 

Figure 6.  26. Three-dimensional maps of oil, water, and gas connectivity in the pore-space of the mixed-

wet rock at steady-state conditions. A wide range of colours represents a poorly connected phase, while a narrow 

colour distribution indicates that the phase is well connected. Gas, water and oil fractional flows (fg, fw, and fo) are 

stated. N-Euler refers to the normalized Euler characteristic of each phase. 
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6.2.4.5 Specific interfacial areas 

The fluid-fluid and fluid-solid specific interfacial areas – area per unit total volume (pore and grain) – 

were measured only on the segmented images of the sample, see Fig. 6.27.  

The oil-water interfacial area remains almost constant under two- and three-phase conditions, with 

values around 1 mm-1, see Fig. 6.27a. The same behaviour was observed for the area between oil and 

water in the water-wet system, see section 6.1. Oil and water are respectively the most and intermediate 

wetting phases in both systems; the oil-water area is dominated by their contact in the smaller sized 

pores next to the solid surface.  

The water-solid and oil-solid interfacial areas are the largest, see Figs. 6.27b and 6.27c, with the oil-

solid area being slightly higher. This indicates that there are more oil-wet regions compared to water-

wet regions in the mixed-wet pore space. In contrast, the gas-solid area is much lower; oil spreading 

around gas reduces its contact with the solid surface. Furthermore, oil spreading prevents any direct 

contact between gas and water.   

The gas-oil interfacial area is higher than that of the oil-water under three-phase conditions (fg = 1), with 

values around 2 mm-1, see Figs. 6.27a and 6.27e. This is a consequence of the spreading of oil in layers 

around gas in the large pores.  

It was not possible to determine the dependence of fluid-fluid and fluid-solid interfacial areas on the 

saturation history since the three-phase steady-state images could not be segmented. 
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Figure 6.  27. Specific interfacial areas between (a) oil and water, (b) water and solid, (c) oil and solid, (d) 

gas and solid, and (e) gas and oil measured on the segmented images of the sample. fg, fw, and fo refer to gas, 

water, and oil fractional flows respectively. Subscripts b and a in the legends of (a), (b) and (c) refer to before and 

after gas injection respectively. Error bars represent the uncertainty in the measurements. 

6.2.4.6 Saturation 

The gas, oil and water saturations, in the macro-pores, were quantified directly from the raw two- and 

three-phase steady-state images using the approach described in section 6.2.3.4.1, see Fig. 6.28. This 

calculation gives a range of gas and water saturations for each three-phase steady-state image 

(represented by the line connecting the black circles in Fig. 6.28); therefore, to obtain the average 

saturation across the whole sample we assume it is the mid-point of that range (shown in red circles). 

Fig. 6.28 is divided into two parts, in part (a), are the saturations for the increasing fg, and decreasing fo 

and fw, flow path, while, in part (b), are the saturations for the decreasing fg, and increasing fo and fw, 

path. The saturations from the segmented images in flow steps 2, 3, 8 and 12, see Table 6.4 for their 

fractional flows, are also plotted (shown in black squares). 
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On average, Fig. 6.28 displays that there is a good agreement between the saturations obtained from the 

raw and segmented images, with an uncertainty of ± 5%. However, for consistency, we will only quote 

the saturations obtained from the raw images in the text.  

The first step of the experiment involved the injection of water into the oil-saturated sample, at fw = 1, 

to reach the remaining oil saturation in the mixed-wet system. Fig. 6.28a shows that the remaining oil 

saturation reached only 0.34 despite increasing the water flow rate. While a value of 0.34 may seem 

high, it is still much lower than the values reached in the same reservoir rock but under oil-wet 

conditions, where the irreducible oil saturations were 0.54 and 0.61, sections 3.2 and 3.3. Again, this 

behaviour confirms that our system is a mixed-wet one. After that, oil and water were injected at fw = 

0.5 and fo = 0.5, and the initial saturations of oil and water, before gas injection, were 0.58 and 0.42 

respectively.  

At the first three-phase steady-state condition, the gas saturation was 0.12, with oil and water saturations 

of 0.53 and 0.35 respectively, see Fig. 6.28a. As the gas fractional flow was increased, finally reaching 

fg = 1, the maximum gas saturation only reached 0.32, with 0.49 and 0.19 oil and water saturations 

respectively. The first observation here is that the gas saturation never exceeds 0.32 despite increasing 

the gas flow rate. This has been previously seen in other unsteady-state and steady-state three-phase 

flow imaging studies, see sections 3.1, 3.2, 3.3, 4.2, and 6.1. Hence, we suggest that, under three-phase 

capillary-dominated conditions, with immiscible gas and oil phases, the maximum gas saturation that 

can be reached in this reservoir rock during core flooding is approximately 32-40% regardless of the 

rock wettability. The second observation at fg = 1 is the high remaining oil saturation, see Fig. 6.28a. 

We note that gas mainly replaces water in this mixed-wet rock, which will be discussed in more detail 

in section 6.2.4.9.  

As the flow path is reversed, decreasing fg, and increasing fo and fw, the gas saturation decreases and the 

oil and water saturations increase, see Fig. 6.28b. This suggests that, unlike the water-wet system, see 

section 6.1, gas does not get trapped in the pore centres by oil and water; instead, it is produced as more 

oil and water are injected. While there is a little hysteresis in the saturation path of the two flow paths 

in the mixed-wet experiment, we conclude that fluid saturations are less impacted by the saturation 

history compared to the water-wet system.       

More significantly, we observe that the gas saturation reaches zero when the gas injection is stopped (at 

fw = 0.5 and fo = 0.5), see Fig. 6.28b, i.e., no gas is trapped in the mixed-wet system. This implies that 

the stored gas can escape in the case of a water re-injection in mixed-wet reservoir. We will discuss this 

in more detail in section 6.2.4.10.  
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Figure 6.  28. Ternary diagrams showing the saturations obtained at (a) increasing gas fractional flow – 

decreasing oil and water flow – and (b) decreasing gas fractional flow – increasing oil and water – during 

the steady-state three-phase experiment in the mixed-wet reservoir rock. Black circles represent the 

saturations obtained directly from the raw images. Red circles are the averaged saturations obtained from the raw 

images. Black squares are the saturation obtained from the segmented images in flow steps 2, 3, 8 and 12, see 

Table 6.4 for their respective fractional flows. fg, fw, and fo refer to gas, water, and oil fractional flows respectively. 

Fig. 6.29 shows the saturation profiles across the sample obtained from the segmented images in flow 

steps 2, 3, 8 and 12, see Table 6.4 for their respective fractional flows. While a saturation gradient is 

seen in 3 of the 4 cases, there is no evidence for a significant capillary end-effect (retention of the 

wetting phase) at the outlet (x/L = 1).   
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Figure 6.  29. Steady-state fluid saturation profiles obtained from the segmented images at (a) fw = 1, (b) fw 

= 0.5 and fo = 0.5, (c) fg = 1, and (d) fw = 0.5 and fo = 0.5 in the mixed-wet rock plotted along the length of the 

sample. Fluid saturations in the macro-pores only are considered. fg, fw, and fo refer to gas, water, and oil fractional 

flows respectively. 

6.2.4.7 Three-phase relative permeability 

We recorded the pressure drop across the sample at two- and three-phase steady-state conditions to 

calculate the relative permeabilities in our mixed-wet reservoir rock, using Eqs. (6.1), (6.2) and (6.3). 

The measured pressures were stable in two-phase flow but continuously fluctuated between two 

pressure values under three-phase steady-state conditions. We believe that these fluctuations are caused 

by the intermittent behaviour of fluids which continuously altered the pressure needed for displacement 

at steady-state conditions.  

The pressure fluctuations are significantly larger in the mixed-wet system compared to the water-wet 

one in section 6.1. We attribute this behaviour to the larger fraction of oil-water intermittency in the 

mixed-wet system. Furthermore, these observations imply that true steady-state conditions are never 

attained at the pore-scale in three-phase flow, and that the fluid arrangement is constantly fluctuating 

between locations of local capillary equilibrium.  

Nonetheless, the average of the two pressure values, between which the pressure drop fluctuated, was 

used to calculate the three-phase relative permeabilities at all the fractional flows. Fig. 6.30 shows 

measurements of gas, oil, and water three-phase relative permeabilities in the mixed-wet system for the 

increasing fg – decreasing fo and fw – and decreasing fg – increasing fo and fw – flow paths. The relative 

permeability of each phase is plotted as a function of its own saturation; the fluid saturations in the 

macro-pores were obtained directly from the raw pore-scale images as described in section 6.2.4.6. 

The water relative permeability is lower than that of oil, but higher than gas, see Fig. 6.30. The low 

water relative permeability consistent with the poor water connectivity shown in section 6.2.4.4; water 



Chapter 6 

217 

 

flow is limited to medium-sized pores as shown in the pore occupancy (section 6.2.4.3). In contrast, the 

oil relative permeability is highest due to its improved connectivity in wetting and spreading layers, see 

Fig. 6.30c.     

Fig. 6.30b shows that the gas relative permeability is very low. This is ascribed to two reasons: (i) gas 

progresses in the form of disconnected clusters in the pore centres; and (ii) gas invasion is mostly limited 

to pores occupied by oil as we will show in section 6.2.4.9.  

Fig. 6.30c shows that the saturation history has a little impact on the oil relative permeability. This is 

expected since oil is considered the most wetting phase in our system; oil flows in smaller pores and 

spreading layers regardless of the flow path. On the other hand, water and gas relative permeabilities 

show clear dependency on the saturation history since their flow is impacted by the relative presence of 

another phase in the medium- and large pores.  

 

Figure 6.  30. Three-phase relative permeability of (a) water, (b) gas, and (c) oil during the increasing gas 

fractional flow – decreasing oil and water fractional flows – and decreasing gas fractional flow – increasing 

oil and water – in the mixed-wet reservoir rock. Error bars indicate the uncertainty in the measurements for all 

the points; both in the estimate of saturation and the determination of average pressure drop. 

6.2.4.8 Capillary pressures 

The capillary pressures (Pc) were calculated from the interfacial curvature (κij) between the fluid pairs 

using the Young-Laplace law [18, 19, 141]: Eq. (2.9). The interfaces between the fluids were 

constructed and smoothed, kernel size = 5, from the segmented images in flow steps 3, 8 and 12, see 

Table 6.4, before measuring their curvatures. Fig. 6.31 shows the measured oil-water and gas-oil 

capillary pressures in the mixed-wet rock; it was not possible to measure the gas-water capillary 

pressure since spreading oil layers prevented direct gas-water contact. 

The two- and three-phase oil-water capillary pressures are negative, with values around -0.5 kPa, 

demonstrating the dominance of oil-wet regions over water-wet regions in the mixed-wet reservoir 

sample, see Fig. 6.31a. The two-phase oil-water capillary pressure is slightly higher after gas injection, 

denoted by subscript a in Fig. 6.31a, compared to that from before, denoted by subscript b. We attribute 

this behaviour to the shift in oil pore occupancy to larger pores after gas injection as we have shown in 

section 6.2.4.3. As expected, the gas-oil capillary pressure is positive, with values around +0.25 kPa, 

indicating that oil is wetting to gas, see Fig. 6.31b.  
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Figure 6.  31. The curvature-based capillary pressure between (a) oil and water, and (b) gas and oil 

measured on the segmented images and plotted as a function of water and gas saturations respectively. fg, 

fw, and fo refer to gas, water, and oil fractional flows respectively. Subscripts b and a in the legend of (a) refer to 

before and after gas injection (at the end of the experiment) respectively. Error bars represent the uncertainty in 

the measurements. 

6.2.4.9 Three-phase displacements 

We quantify the fluid-fluid displacement when moving from one steady-state condition to another on 

the raw pore-scale images as described in section 6.2.3.4.2. Similar to pore occupancy, we consider the 

existence of five phases in the pores of the rock: gas, oil, water, gas-oil intermittency, and oil-water 

intermittency. Figs. 6.32, 6.33 and 6.34 show the displacement in the pores filled with gas, gas-oil 

intermittency, and oil at different fractional flows respectively.  

Figs. 6.32a and 6.32b show that during the increasing fg, and decreasing fo and fw, flow path, the gas-

filled pores – represented by the dotted black line – remain mostly occupied by gas; there is very little 

displacement of gas as fg increases.  

In contrast, when fg is decreased, and fo and fw are increased, Fig. 6.32c, we notice that gas is mostly 

displaced by oil, especially when gas injection stops (Fig. 6.32d). Gas is produced since it does not get 

trapped in the pore centres; the displacement of gas by oil is piston-like. While one would expect a 

percolation-like displacement, with snap-off, we suspect that it is suppressed by the mixed-wet nature 

of the surface which prevents continuous oil flow and snap-off of gas by oil. The preferential 

displacement of gas by oil shifts the oil occupancy towards larger pores as seen in section 6.2.4.3. 
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Figure 6.  32. Displacement in the gas-filled pores at different fractional flows in the mixed-wet rock during 

(a) and (b) increasing gas fractional flow, decreasing oil and water fractional flows, and (c) and (d) 

decreasing gas fractional flow, increasing oil and water plotted as a function of pore size. Displacement here 

refers to the change in pore occupancy from one fractional flow to another. Gas, oil and water fractional flows (fg 

and fw,o) are stated. 

Fig. 6.33 shows the displacement in the gas-oil intermittency-filled pores at different fractional flows. 

We observe that as fg is increased, and fo and fw are decreased, most of the gas-oil intermittency occupied 

pores are filled with gas, see Figs. 6.33a and 6.33b. In contrast, when fg is decreased, and fo and fw are 

increased, the gas-oil intermittency occupied pores become filled with oil. This suggests that 

intermittent regions of the pore space are transitional occupancies waiting for displacement to occur in 

the direction of the phase with the increasing fractional flow.  

In the case of oil-water intermittency, the intermittent pores were equally displaced by oil and water at 

different fractional flows, regardless of the flow path. This is because the oil and water flow rates were 

kept in the same direction and had the same value throughout the experiment; see Table 6.41 for the 

flow rates. The change in the oil-water intermittency-filled pores is shown in Fig. A7.4 in Appendix 7. 
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Figure 6.  33. Displacement in the gas-oil intermittency-filled pores at different fractional flows in the 

mixed-wet rock during (a) and (b) increasing gas fractional flow, decreasing oil and water fractional flows, 

and (c) and (d) decreasing gas fractional flow, increasing oil and water plotted as a function of pore size. 

Displacement here refers to the change in pore occupancy from one fractional flow to another. Gas, oil and water 

fractional flows (fg and fw,o) are stated.  

The displacement in oil-filled pores during the increasing fg, and decreasing fo and fw, flow path is shown 

in Figs. 6.34a and 6.34b. Oil is mostly displaced by gas. However, this contradicts the saturation results 

in section 6.2.4.6, where mostly the water saturation decreased as the gas saturation increased. This 

phenomenon will be explained later in this section. Furthermore, we note that most of the oil 

displacement occurs in the bigger pores; there is a little displacement of oil in the smallest pores. This 

is due to the strongly oil-wet nature of the smaller pores that are filled with oil in our mixed-wet system, 

where a very high capillary pressure is needed to displace the oil out.  

As fg is decreased, and fo and fw are increased, oil is mostly displaced now by water or oil-water 

intermittency, see Fig. 6.34c and 6.34d.  

On the other hand, water is mostly displaced by oil or oil-water intermittency regardless of the flow 

path direction as shown in Fig. A7.5 in Appendix 7.   
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Figure 6.  34. Displacement in the oil-filled pores at different fractional flows in the mixed-wet rock during 

(a) and (b) increasing gas fractional flow, decreasing oil and water fractional flows, and (c) and (d) 

decreasing gas fractional flow, increasing oil and water plotted as a function of pore size. Displacement here 

refers to the change in pore occupancy from one fractional flow to another. Gas, oil and water fractional flows (fg 

and fw,o) are stated. 

To summarize this section, when fg is increased, and fo and fw are decreased, oil is mostly displaced by 

gas, and water is displaced by oil, whereas when fg is decreased, and fo and fw are increased, gas is mostly 

displaced by oil, oil is displaced by water, and water is displaced by oil.  

From this we can explain why, as fg is increased, and fo and fw are decreased, the water saturation 

decreases considerably as the gas saturation is increased, although gas mostly displaces oil. As gas 

invades the pore space, it mainly displaces oil in the largest pores. The displaced oil then moves to 

mobilize water in smaller pores. The mobilized water then gets produced. At the next fractional flow, 

gas invades the newly invaded pores by oil, displacing oil out and forcing it to mobilize water in even 

smaller pores until the irreducible water saturation is reached at a gas fractional flow of one. 

This process is reversed when fg is decreased, and fo and fw are increased. Now, oil displaces gas from 

the smaller pores first. This is accompanied by displacement of oil by water either in intermediate-sized 

pores, or large pores where oil displaced gas. The displaced gas gets produced flowing through the 

largest pores. This continues until there is no more gas in the pore space. 

While gas can directly displace oil and vice versa, water and gas can only displace each other in a double 

displacement process mediated by oil, i.e., gas-oil-water and water-oil gas double displacement 

processes.  
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6.2.4.10 Trapping and implications for CO2 storage 

Fig. 6.35 shows the fluid arrangements in a single pore before, during, and after gas injection in the 

mixed-wet rock. Before gas injection, oil existed in thin wetting layers in the corners of the pores, as 

expected for mixed-wet media, see Fig. 6.35a. Once gas was injected, Fig. 6.35b, the oil connectivity 

significantly improved as seen in section 6.2.4.4; the thickness of oil layers increased as it spread 

between gas and water. Once gas injection was stopped, at fw = 0.5 and fo = 0.5, oil and water completely 

displaced gas from the pore centre; there is no gas trapping. This is due to the mixed-wet nature of the 

surface which prevents oil or water completely surrounding the gas phase, suppressing snap-off and 

capillary trapping.  

In previous work, which have studied gas trapping during water injection under unsteady-state 

conditions in weakly oil-wet or mixed-wet rock [17, 38], the amount of gas trapped was lower than 

under equivalent water-wet conditions; however, some gas was trapped. See section 5.1.5 for a further 

discussion of these results. In this experiment, the gas appears to be completely displaced. Further work 

is required to understand why this is the case and how pore structure and wettability combine to control 

the residual saturation. Overall though, less gas trapping is seen in weakly oil-wet and mixed-wet rocks 

since there is less trapping by snap-off by swelling water and oil layers.  

 

Figure 6.  35. Three-dimensional representation of the fluids arrangement in a single pore (a) before, (b) 

during and (c) after gas injection in the mixed-wet rock. Oil is shown in red, water in blue, gas in green, while 

the rock is rendered semi-transparent (grey). fg, fw, and fo refer to gas, water, and oil fractional flows respectively.  

This work illustrates the impact that pore-scale displacement can have on field-scale carbon dioxide 

storage. The observation of little or no gas trapping has huge implications on the design of CO2 storage 

in depleted oil reservoirs with a mixed wettability state. It shows that the widely implemented water-

alternating-gas (WAG) injection strategy in oil reservoirs may not be ideal for secure CO2 storage. 

While the strategy is well known for increasing the oil recovery, this work shows that it can lead to 

recycling of the injected CO2 as it continuously gets produced.  

We suggest that an injection strategy of continuous CO2 injection is in fact better for secure storage in 

mixed-wet reservoirs, as suggested previously in chapter 5. This is for two reasons: (i) CO2 naturally 

gets disconnected when injected as we have shown in section 6.2.4.4; this restricts its flow conductance 

in the reservoir; and (ii) the injection of large amounts of water, after CO2 injection, mobilizes CO2 in 

the reservoir, producing significant quantities of the stored CO2. 
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6.2.5 Final Remarks and Suggestions  

We have presented steady-state measurements of three-phase relative permeability combined with high-

resolution pore-scale X-ray imaging, 5.36 µm per voxel, for a carbonate reservoir rock with a mixed 

wettability state. The experiment was performed under capillary-dominated, immiscible gas-oil 

conditions. We investigated the impact of a saturation history, where the gas fractional flow is first 

increased and then decreased on flow properties; oil and water fractional flows were kept the same and 

changed in the opposite direction to gas. The use of pore-scale imaging allowed us to characterize 

simultaneously, with relative permeability, the in situ contact angles, pore occupancy, connectivity, 

interfacial areas, capillary pressures, saturations, displacement processes, and trapping.   

The mixed-wet nature of the rock surfaces – achieved through contact with crude oil at conditions of 

high temperature and pressure – was confirmed by calculating the two-phase geometric oil-water 

contact angle which had a value of 82o ± 42o. Post gas injection, the gas-oil, oil-water and gas-water 

contact angles were 66o ± 41o, 80o ± 41o, and 78o ± 40o respectively. While it was not possible to 

determine a clear wettability order from the contact angle measurements, the pore occupancy results 

demonstrated that, at different fractional flows, oil occupied the smallest pores, water intermediate 

pores, and gas the largest pores, suggesting an oil-water-gas wettability order, from most to least 

wetting.  

This wettability order was further supported by the negative oil-water and positive gas-oil local capillary 

pressures. A negative oil-water pressure illustrates that there are more oil-wet regions compared to 

water-wet regions in the pore space. No gas-water capillary was calculated since oil spread in layers 

between gas and water preventing their direct contact.   

We observed intermittent flow regions between gas and oil, and oil and water at three-phase steady-

state flow despite having capillary-dominated conditions. The pores that were intermittently occupied 

were filled with the phase with the increasing fractional flow at the next steady-state condition. While 

intermittent flow at capillary-conditions was previously observed in a three-phase water-wet system, 

section 6.1, here, it is more frequent and occupies a larger fraction of the pore space; in particular, the 

oil-water intermittency is significant. Both oil-water and gas-oil intermittently occupied pores of similar 

size, i.e., intermediate-sized pores.  

We identify a distinct gas flow pattern, where gas advances in the form of disconnected ganglia 

mediated by double and multiple displacement processes. Oil was the only connected phase since it 

forms connected wetting and spreading layers; water existed in disconnected clusters. The oil relative 

permeability was the highest in the pore space followed by water, then gas. The high oil relative 

permeability is attributed to its improved connectivity. In contrast, gas has a low relative permeability 

given that it is disconnected and its flow in the larger pores is blocked by water. The impact of saturation 

history on gas and water relative permeabilities was larger than its impact on the oil relative 

permeability.  

As the gas fractional flow was increased – oil and water flows decreased – gas mainly displaced oil, 

and oil displaced water. When the flow path was reversed oil replaced gas in the larger pores and water 

displaced oil in the medium-sized pores. Oil was shifted to larger pores after gas injection. While gas 

can directly displace oil and vice versa, water and gas can only displace each other in a double 

displacement process mediated by oil, i.e., gas-oil-water and water-oil gas double displacement 

processes.  

Surprisingly, there was no gas trapped when gas injection was stopped. We attributed this behaviour to 

the mixed-wet nature of the surface which prevents either oil or water from completely surrounding gas 

and capillary trapping it in the pore centres. These outcomes suggest that the subsequent water injection, 
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after gas, is not ideal for gas storage applications. Instead, a continuous injection of gas only can ensure 

safe trapping as gas is naturally disconnected upon injection in the reservoir.     

Future work should focus on quantifying the steady-state three-phase relative permeability, combined 

with imaging, in strongly oil-wet rocks to examine the impact of an oil-gas-water, from most to least 

wetting, wettability order on relative permeability. This will also provide insights into intermittency 

showing whether intermittent flow is as frequent as it is in a mixed-wet system. Future experiments 

should consider investigating the impact of different flow paths to have a comprehensive understanding 

of the relationship between saturation history and relative permeability. Furthermore, the impact of 

reaching near-miscible gas-oil conditions could be investigated. 
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7 Chapter 7 
In this chapter we will summarize the novel findings and insights of our work as well as suggest topics 

for future studies to further improve our understanding of three-phase flow in porous media.  

7.1 Conclusions and Future Work  

7.1.1 Conclusions  

This thesis presents a novel approach to investigate – in situ – three-phase flow in porous media using 

X-ray microtomography. Specifically, we studied the impact of surface wettability and gas-oil 

miscibility – immiscible and near-miscible conditions – on micro-scale flow and trapping mechanisms. 

We examined three-phase flow under unsteady-state and steady-state conditions and employed both 

laboratory and synchrotron X-ray sources in our investigations. While the insights from this PhD thesis 

can be used to understand three-phase flow in any porous medium, we focus on its importance for the 

optimization of CO2 sequestration in hydrocarbon reservoirs as a vital component of efforts to prevent 

climate change.  

The use of X-ray imaging in our experiments offers the advantage of accessing a range of pore-scale 

properties otherwise inaccessible through conventional experimental techniques. The set of novel 

experiments performed in this PhD thesis are outlined in Table 1.1. Furthermore, we developed a suite 

of image analysis techniques to characterize three-phase flow phenomena that provide a complete 

description of the pore-scale physics that control the conductance and trapping of each phase which are: 

1. Wettability order 

2. Spreading and wetting layers  

3. Double/multiple displacements 

Alongside these unique three-phase processes, our experimental and analysis methods allowed for the 

characterization of key petrophysical properties that are pertinent to subsurface applications such as:  

1. Fluid saturation 

2. Capillary pressure  

3. Relative permeability  

4. Interfacial areas  

5. Connectivity (Euler characteristic)  

6. Pore occupancy  

Now, we will list the new insights obtained from each of the seven experiments in the order they are 

described in the thesis.  

Firstly, in section 3.1, we proved that the pore-scale properties underlying three-phase flow exhibit a 

different behaviour under near-miscible conditions compared to immiscible conditions, suggesting that 

it is a unique process and cannot be represented by models developed for immiscible conditions. We 

showed that under unsteady-state three-phase flow in a water-wet porous medium at near-miscible 

conditions:   

i. Gas and oil become neutrally wetting to the surface which facilitates their flow along the same 

path in the pore space; the strict wettability order – water-oil-gas, from most to least wetting – 

seen at immiscible conditions breaks down. 
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ii. Oil does not form spreading layers sandwiched between water and gas at near-miscible 

conditions as opposed to the immiscible case. 

iii. The microscopic displacement of oil by gas at near-miscible conditions is very efficient due to 

the low gas-oil interfacial tension. 

iv. Both gas-oil-water and gas-water-oil double displacements can occur in the pore space during 

gas injection at near-miscible conditions, whereas only a gas-oil-water displacement is possible 

at immiscible conditions. 

Secondly, in section 3.2, we investigated near-miscible conditions in a weakly oil-wet system during 

unsteady-state flow. We demonstrated that the traditional assumption that CO2 is always the most non-

wetting phase is incorrect implying that flow of CO2 in reality is impeded by an order of magnitude or 

more compared to conventional models. We showed that under near-miscible conditions: 

i. The wettability order is oil-CO2-water, from most to least wetting as opposed to an oil-water-

CO2 one at immiscible conditions.   

ii. CO2, the intermediate-wet phase, forms spreading layers in the pore space which impedes its 

flow in the pore space although connectivity is maintained.  

iii. CO2 displaces oil efficiently from the corners of the pore space leaving water stranded in the 

centres.  

iv. At these conditions, a continuous CO2 injection strategy is recommended to improve oil 

recovery and boost CO2 storage capacity.   

Next, in section 3.3, we provided the first experimental evidence of the anticipated wettability order – 

oil-gas-water from most to least wetting – in strongly oil-wet rocks at immiscible conditions. We 

compared the results with those obtained in section 3.2, at near-miscible conditions, where the same 

wettability order was observed. We noticed the following at unsteady-state conditions:  

i. CO2 as the intermediate-wet phase forms layers surrounding water at near-miscible conditions, 

while, at immiscible conditions, it exists as disconnected ganglia in the pore space. 

ii. CO2 is more connected at near-miscible conditions, albeit with a low flow conductance. 

iii. Capillary trapping of CO2 by water in the centres is not possible at both immiscible and near-

miscible conditions. 

iv. Capillary trapping of CO2 by oil is only possible at immiscible conditions. 

v. Near-miscible conditions are more favourable for oil recovery. 

vi. To maximize the amount of oil recovered and CO2 stored at immiscible conditions, a water-

alternating-gas injection strategy is suggested as opposed to continuous gas injection in the 

near-miscible case.  

In section 4.1, we investigated, for the first time, using synchrotron imaging, the pore-scale dynamics 

during unsteady-state water injection in an oil-wet reservoir rock (two-phase flow). We observed the 

following:  

i. Water displaces oil in a drainage-like process, where water advances as a connected front 

displacing oil in the centre of the pores, confining it to wetting layers.  

ii. The displacement is an invasion percolation process, where throats, the restrictions between 

pores, fill in order of size, with the largest available throats filled first. 

iii. The displacement is predominantly size-controlled; wettability has a smaller effect, due to the 

wide range of pore and throat sizes, as well as largely oil-wet surfaces. 

iv. Haines jumps occur on single- and/or multiple-pore levels accompanied by the rearrangement 

of water in the pore space to allow the rapid filling. 

v. Snap-off events are observed both locally and distally and the capillary pressure of the trapped 

water ganglia is shown to reach a new capillary equilibrium state. 

vi. Both water and oil are well-connected in the pore space.  
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In section 4.2, we extended the pore-scale dynamics study described in section 4.1 to three-phase flow. 

Gas, at immiscible conditions with the oil, was introduced into a strongly oil-wet system and 

unsteady-state pore-scale displacement events were captured using synchrotron X-ray imaging. We 

observed, for the first time, a unique gas invasion pattern, where gas progresses through the pore space 

in the form of disconnected clusters mediated by double and multiple displacement events. Gas 

advances in a process we name three-phase Haines jumps, during which gas re-arranges its 

configuration in the pore space, retracting from some regions to enable the rapid filling of multiple 

pores. The gas retraction leads to a permanent disconnection of gas ganglia, which do not reconnect as 

gas injection proceeds. Our main conclusions and implications from this work are: 

i. The wettability order is oil–gas–water from most to least wetting in a strongly oil-wet system 

where the gas phase is nitrogen.  

ii. Thermodynamic contact angles derived from energy balance provide a better estimate of 

displacement angles compared to the geometric approach consistent with the measured pore 

occupancy and capillary pressure. 

iii. Gas being the intermediate-wet phase is apparently disconnected in the pore space.  

iv. As gas invaded the pore space, it displaced oil and water in direct gas–water and gas–oil 

displacements, as well as double and multiple gas–oil–water displacement. 

v. During gas injection, water maintains its connectivity through the larger pores, while oil 

remains hydraulically connected through wetting layers and spreading oil layers. 

Chapter 5 provided a synthesized review of the latest pore-scale insights into unsteady-state three-phase 

flow achieved with three-dimensional X-ray imaging. The review included insights from our work and 

other three-phase flow X-ray imaging studies in the literature. We ended the section by suggesting the 

optimum CO2 injection strategy during CCS-EOR to improve the microscopic displacement efficiency 

in hydrocarbon reservoirs under various wettability and miscibility conditions. 

Next, in section 6.1, we developed a novel experimental approach to combine steady-state three-phase 

flow techniques with pore-scale X-ray imaging for the first time. This involved the design of a new 

flow cell that allows for the simultaneous injection of three fluid phases while recording the pressure 

drop across the system, enabling the simultaneous determination of three-phase relative permeability 

and capillary pressure on the same sample. We tested the steady-state approach first on a water-wet 

sample at immiscible conditions where the wettability order is water-oil-gas from most to least wetting. 

Though the measured relative permeabilities were consistent, to within experimental uncertainty, with 

values obtained without X-ray imaging on larger samples, we discovered a unique flow dynamics. The 

most non-wetting phase (gas) is disconnected across the system: gas flows by periodically opening 

critical flow pathways in intermediate-sized pores. Combining macroscopic measurements of flow 

properties with pore-scale imaging allowed for the following discoveries to be made:  

i. Gas was continuously trapped in the centres by spreading oil and wetting water layers despite 

being continuously injected.  

ii. Intermittent gas-oil and oil-water flow occurs in three-phase flow even under capillary-

dominated displacement conditions; this is different to the intermittent flow observed in two-

phase flow at high flow rates. 

iii. Once gas invaded the pore space it was not possible to displace it since it was trapped by double 

capillary trapping. 

iv. The gas relative permeability was the lowest since it was disconnected in the pore space and 

oil the highest as it was connected in medium-sized pores. 

v. Two double displacement processes were observed: (i) gas-oil-water, and (ii) water-oil-gas 

during the two flow paths. 

Finally, in section 6.2, we investigated steady-state three-phase flow in a mixed-wet (or weakly oil-

wet) system at immiscible conditions. The main conclusions from this work were:  
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i. The wettability order in the mixed-wet system is oil-water-gas, from most to least wetting.  

ii. Oil existed in both wetting layers, in the oil-wet regions, and spreading layers.  

iii. Intermittency was more pronounced in the mixed-wet system compared to the water-wet one. 

iv. The pores that were intermittently occupied, were filled with the phase with the increasing 

fractional flow at the next steady-state condition.  

v. Both oil-water and gas-oil intermittently occupied pores of similar size, i.e., intermediate-sized 

pores. 

vi. Gas advances in the form of disconnected ganglia mediated by double and multiple 

displacement processes.  

vii. The oil relative permeability was the highest in the pore space followed by water, then gas 

similar to the water-wet system.  

viii. The impact of saturation history on gas and water relative permeabilities was larger than its 

impact on the oil relative permeability.  

ix. As the gas fractional flow was increased – oil and water flows decreased – gas mainly displaced 

oil, and oil displaced water. When the flow path was reversed oil replaced gas in the larger 

pores and water displaced oil in the medium-sized pores.  

x. Surprisingly, there was no gas trapping in the system due to its mixed-wet nature which 

prevents oil and water from completely surrounding the gas phase. 

To sum up, we have advised a methodology to describe three-phase flow in porous media using pore-

scale X-ray imaging. We extended the scope of the imaging work on three-phase flow to near-miscible 

gas-oil conditions in systems with different wettabilities. We also tapped into the hitherto unproven 

wettability state – strongly oil-wet – at immiscible conditions, not only using static but also dynamic 

imaging. Furthermore, we vastly expanded the X-ray imaging work on three-phase flow by combining 

it with steady-state techniques at various wettability conditions. Nonetheless, there is a plenty of work 

yet to be done in this area.  

7.1.2 Future Work 

Despite covering a wide range of topics in this thesis, more research is most certainly required to 

disentangle the pore-scale complexities underlying three-phase flow in porous media. We believe that 

the use of micro-scale X-ray imaging is the way forward to gain a comprehensive understanding of this 

phenomena as we have shown from this work.  

While the experimental methodologies and image analysis techniques developed were strictly applied 

to investigate three-phase flow in permeable rocks, it can in fact be used as a standard procedure to 

study multiphase flow in a broad range of porous media. More specifically, the techniques could be 

adapted for various applications, other than carbon dioxide storage and enhanced oil recovery, including 

the design of microfluidic devices, batteries, fuel cells as well as contaminant transport in soils. 

The first suggestion for future work – which naturally arises from reading this thesis – would be a 

simple repetition of the experiments performed to confirm the novel findings; this could help strengthen 

the results by proving their reproducibility. These experiments are rather time consuming, where 

including the preliminary preparation – e.g., drilling, cleaning, and wettability alteration – a single 

experiment requires few months let alone the limited lab accessibility. Hence, in the interest of exploring 

different areas of three-phase flow, the experiments were not repeated in this thesis.  

The second recommendation is to perform a series of three-phase experiments for a range of gas-oil 

interfacial tensions to exactly delineate the transition zone from immiscible to near-miscible conditions 

under which a unique set of pore-scale physics can be used to describe the flow and trapping of fluids.     
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Thirdly, for unsteady-state conditions, there are few cases that are yet to be investigated with X-ray 

imaging. Hence, rather than giving a general future topic, below we list the potential experiments that 

can be investigated using the methodologies developed in this thesis: 

1. Static imaging of tertiary near-miscible gas injection in a water-wet system.  

2. Stating imaging of secondary near-miscible gas injection in a weakly oil-wet system.  

3. Static imaging of tertiary and secondary near-miscible gas injection in a strongly oil-wet 

system.  

4. Static imaging of tertiary and secondary near-miscible gas injection in a mixed-wet system.  

5. Dynamic imaging of secondary and tertiary near-miscible gas injection in water-wet, weakly 

oil-wet, strongly oil-wet, and mixed-wet systems. 

6. Dynamic imaging of secondary immiscible gas injection in water-wet, weakly oil-wet, strongly 

oil-wet, and mixed-wet systems. 

7. Dynamic imaging of tertiary immiscible gas injection in a weakly oil-wet system. 

In addition to studying the influence of wettability and miscibility, for each of the experiments listed 

above, the impact of different: (i) rock types; (ii) temperatures and pressures; (iii) gas phase, e.g., CO2, 

nitrogen, or hydrogen; and (iv) flow rates; can be investigated.       

These experiments, alongside the work from this thesis and the literature, could serve as the foundation 

stone to pore-scale modelling and field simulations of immiscible and near-miscible unsteady-state gas 

injection processes. Moreover, future modelling studies should focus on finding a way to simulate the 

disconnected progression of gas when it is the intermediate-wet phase at unsteady-state conditions. This 

can only be achieved through the incorporation of double and multiple displacements as well as the 

concept of gas Haines jumps which we discovered in our work.   

On the other hand, at steady-state conditions, there is even a larger number of studies that can be 

performed. Therefore, it would be more practical to use X-ray imaging to characterize the impact of a 

certain three-phase pore-scale phenomena on the flow behaviour. This can be achieved by changing 

one property while fixing all the other variables. The main phenomena that must be investigated include:  

1. Intermittent flow. 

2. Saturation history.  

3. Surface wettability.   

4. Spreading and layer flow. 

5. Interfacial tensions. 

The major finding at steady-state conditions was the occurrence of intermittent flow at what we believed 

was a capillary-dominated flow regime. This implied that in three-phase flow we may never genuinely 

attain steady-state conditions at the pore-scale, although we have, macroscopically, a constant 

saturation, since the fluid arrangement at the pore-scale is constantly fluctuating between locations of 

local capillary equilibrium. This must be thoroughly investigated by performing X-ray imaging of 

steady-state flow at very low flow rates since it can have huge implications for current empirical three-

phase flow models. This also poses the question whether or not there is an apparent relative permeability 

that must be quantified in three-phase flow for different flow rates. Furthermore, it is evident that the 

current quasi-static assumption of pore network models that compute relative permeability based on the 

connected network of each phase through the pore space is flawed. For empirical models that use two-

phase analogies to predict three-phase properties, again the predictions are likely to be significantly in 

error since they do not encapsulate this unique nature of three-phase flow. 

Moreover, our work has shown that the use of the same three-phase pore-scale assumptions 

interchangeably between steady-state and unsteady-state conditions can result in significant errors. For 

example, in a water-wet system, at immiscible conditions, gas was connected at unsteady-state 

conditions while it was disconnected at steady-state conditions. Therefore, to have accurate field-scale 
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simulations of carbon dioxide storage, future work should focus on characterizing the locations in the 

reservoir where steady-state and unsteady-state flows take place.   

In this thesis, the role of micro or sub-resolution porosity in assisting the flow of fluids was ignored due 

to the added segmentation difficulty in three-phase flow. Micro-porosity plays a major role in providing 

flow paths for water, especially at lower saturations. Hence, in the future a better segmentation method 

must be developed to account for the contribution of micro-porosity.  

Moreover, the average in situ measured geometric contact angle was taken as the mean of the 

distribution which was wide and varied in individual pores due to surface roughness and complex pore 

geometry. While this can often provide a good indication of the surface wettability, it is not 

representative of displacement angles which are needed for pore-scale modelling. On the other hand, 

the introduction of the thermodynamic contact angle, obtained from energy balance, provided better 

estimates of displacement angles since it depended on less sensitive parameters such as the local change 

in volume, interfacial curvature and areas rather than a pinned three-phase contact line. Nonetheless, 

this was still not enough to satisfy the Bartell-Osterhof relationship which holds at one location in 

equilibrium. One way to overcome this issue would be to measure the thermodynamic contact angle on 

a pore-by-pore basis.  

Finally, the impact of using live oils on gas–oil miscibility must also be investigated since all the three-

phase flow pore-scale imaging studies discussed used dead oils (that is oil with no dissolved natural gas 

at reservoir conditions). Also, with pore-scale imaging the flow and impact of surfactants and foams 

can be studied. Finally, as mentioned previously, the same techniques could be used to study other flow 

in porous media problems, including micro-fluidic devices, batteries, and fuel cells.   
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9 Appendices 
9.1 Appendix 1 

 

Figure A1. 1. (a) A phase contrast scan of four phases: (i) oil (20% iododecane + 80% decane); (ii) water 

(70% brine + 30% NaI); (iii) air; and (v) rock (99% calcite). (b) A signal-to-noise ratio histogram of the 

different phases, showing that the phases are clearly distinguishable from the grey-scale image with no 

large overlapping regions.   

 

Table A1. 1. Interfacial tension measurements between the gas phase (scCO2) and the oil phase (80%wt 

decane and 20%wt iododecane mixture) as a function of pressure at 70 °C.  

p [MPa] T [°C] ∆𝜌 [kg∙m-3] 𝜎 [mN∙ m-1] 

1.42 70 0.73 16.72 

2.85 70 0.71 14.30 

3.43 70 0.69 13.62 

4.27 70 0.68 12.22 

5.02 70 0.66 10.63 

6.00 70 0.64 9.07 
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Figure A1. 2. The local thickness of the wetting water phase was computed in immiscible (right) and near-

miscible (left) conditions. The water phase was isolated and maximal balls were fitted to its structure to obtain 

the thickness maps in both conditions. Water layer thickness map at immiscible conditions (right) from Scanziani 

et al. [16].  
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9.2 Appendix 2 

 

Figure A2. 1. A series of 2D images showing the connected clusters of oil, gas and water phases for which 

the relative permeability was measured during: (first row) first waterflooding (WF1); (second row) gas 

injection (GI); and (third row) second waterflooding (WF2). The relative permeabilities were quantified on 

images of resolution of 1.82 µm/voxel and size of 1483×1483×1000 voxels: the region beneath the horizontal line 

was used to quantify the relative permeability. The clusters were plotted using Avizo 9.5 software 

(https://www.fei.com/software/amira-avizo/). 

 

 

https://www.fei.com/software/amira-avizo/
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9.3 Appendix 3 

 

Figure A3. 1. A series of raw images with a 3.57 µm/voxel resolution of the whole sample after each injection 

sequence. From left to right: (i) A dry scan of the rock; (ii) After first waterflooding (WF1); (iii) After gas injection 

(GI); and (iv) after second waterflooding (WF2). In the dry scan, the rock is shown in grey and the pore space is 

in black. In the wet images, water is white, rock is light grey, oil is dark grey, and gas is black.   
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Figure A3. 2. Normalized histograms of the in situ measured oil-water contact angles in the aged rock 

at immiscible conditions after the first waterflooding (WF1), Gas injection (GI) and second 

waterflooding (WF2). The contact angles were measured through the water phase. The consistent oil-

water contact distribution shows that there was wettability alteration throughout the injection sequence. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



Appendices 

249 

 

9.4 Appendix 4 

 

Figure A4. 1. A normalized histogram showing the pore size distribution of the reservoir rock used in the 

water injection experiment. 

 

Figure A4. 2. Three-dimensional maps showing the volume and location of the oil displaced in the wetting 

layers at different time steps. The black arrow points towards the direction of flow.  

 

 



 Appendices 

250 

 

9.5 Appendix 5 
 

 

Figure A5. 1. Raw static images with a 3.57 µm/voxel resolution of the whole sample after each 

injection sequence: (a) after oil injection [OI]; (b) after waterflooding [WF]; and (c) after gas 

injection [GI]. In (a), rock is the light phase and oil is the dark phase. In (b) and (c), the order from 

darkest to brightest is: oil-water-rock; and gas-oil-water-rock respectively.   
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Figure A5. 2. Image segmentation. (Top row) raw images of the sample with a 3.57 µm/voxel 

resolution after: (a) oil injection [OI]; (b) waterflooding [WF]; and (c) gas injection [GI]. (Bottom row) 

Segmentation of the images in the top row using WEKA segmentation method with mean and variance 

texture filters. These images were selected to show the accuracy of segmentation for two, three and four 

phases. In (a), rock is the light phase and oil is the dark phase. In (b) and (c), the order from darkest to 

brightest is: oil-water-rock and gas-oil-water-rock respectively. In the segmented images, gas is shown 

in green, rock in grey, oil in red and water in blue. 
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Figure A5. 3. A ternary diagram showing the end-point saturations of oil, water and gas after 

waterflooding [WF] and gas injection [GI]. Initially, the rock is almost fully saturated with oil in the 

macro pores (black point), then water is injected during WF resulting in the end saturations shown in 

the blue point, followed by gas injection during GI (green point). 

 

Figure A5. 4. Three-dimensional images of a small section of the pore space showing the trapping 

of water during gas injection in the oil-wet rock. Oil is shown in red, water in blue, gas in green 

while the rock is rendered transparent to permit the visualization of fluid configurations in the pore 

space. 
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Figure A5. 5. Three-dimensional maps of the water connectivity in the pore space during GI 

shown at different time-steps. Each disconnected water cluster is labeled with a different color. The 

black arrow points towards the direction of flow. Sw is the gas saturation in the imaged section, while t 

is time.  
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Figure A5. 6. Three-dimensional thickness maps of oil layers shown at the end of (left) 

waterflooding [WF] and (right) gas injection [GI]. The oil phase was isolated and maximal balls 

were fitted to its structure to obtain the thickness maps.   
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Three-phase thermodynamic contact angle: data from segmented images 

Time [s] Sw Sg aow [mm-1] agw [mm-1] ago [mm-1] aws [mm-1] ags [mm-1] κ ow [mm-1] κ go [mm-1] 

1.2333333 0.41112 0.0059708 1.094409938 0.096543823 0.019870807 4.625258799 0.089184265 -81.71428571 45.41714286 

3.85 0.41581 0.0080891 1.134023464 0.104833678 0.024655625 4.788405797 0.108662526 -81.71428571 50.98285714 

5.0833333 0.41076 0.0101 1.14084196 0.104400276 0.041289165 4.746445825 0.128146308 -78.8 65.31428571 

6.3166667 0.40444 0.019939 1.112574189 0.102539683 0.099254658 4.661973775 0.193195307 -79.65714286 62.22857143 

7.55 0.39758 0.027043 1.100096618 0.103765355 0.132938578 4.605383023 0.250009662 -80.22857143 62 

8.7833333 0.38331 0.039855 1.115638371 0.102777088 0.171641132 4.459627329 0.336645963 -80.45714286 58.4 

10.016667 0.37657 0.050954 1.09294686 0.100436163 0.238694272 4.382332643 0.419296066 -81.31428571 61.77142857 

11.25 0.37634 0.057936 1.086625259 0.101741891 0.290545204 4.376535542 0.45915804 -81.2 62.11428571 

12.483333 0.36884 0.059263 1.094271912 0.099922705 0.283395445 4.305590062 0.472574189 -79.02857143 60.68571429 

13.716667 0.35851 0.071233 1.076935818 0.100132505 0.31094548 4.251207729 0.549868875 -81.2 60.68571429 

14.95 0.35608 0.076298 1.083395445 0.101013112 0.335983437 4.223878537 0.585866115 -80.8 61.25714286 

16.183333 0.34824 0.084622 1.057612146 0.099743271 0.36389234 4.132229124 0.650655625 -81.48571429 60.97142857 

17.416667 0.34464 0.08947 1.059820566 0.098824017 0.417860594 4.091373361 0.684030366 -81.65714286 62.34285714 

18.65 0.34344 0.0934 1.052891649 0.096300897 0.438178054 4.072325742 0.718067633 -81.42857143 62.85714286 

19.883333 0.34029 0.095393 1.047011732 0.099986197 0.451704624 4.053830228 0.739627329 -81.42857143 62.22857143 

21.116667 0.34015 0.096611 1.044223602 0.099204969 0.436521739 4.049137336 0.748240166 -81.65714286 63.02857143 

22.35 0.33944 0.097581 1.045327812 0.099064182 0.440138026 4.038647343 0.759337474 -81.48571429 62.68571429 

23.583333 0.33785 0.097655 1.040717736 0.097416149 0.451290545 4.029537612 0.748985507 -81.42857143 63.25714286 

24.816667 0.3374 0.098019 1.043119393 0.097783299 0.449744651 4.010766046 0.748295376 -82.05714286 63.14285714 

26.05 0.33741 0.09758 1.045548654 0.098271912 0.446321601 4.010489993 0.74252588 -82.05714286 63.08571429 

27.283333 0.33715 0.098558 1.04173913 0.099149758 0.452505176 4.006073154 0.756549344 -82 63.25714286 

28.516667 0.33675 0.098128 1.043146998 0.09794617 0.448833678 3.994478951 0.750089717 -81.88571429 63.65714286 

29.75 0.33675 0.098551 1.039392685 0.099514148 0.447867495 3.998067633 0.758095238 -82 63.31428571 

30.983333 0.33629 0.097977 1.038426501 0.098570048 0.44621118 3.98426501 0.748378192 -81.54285714 63.42857143 

32.216667 0.3355 0.098218 1.039889579 0.097659075 0.451511387 3.965217391 0.750117322 -81.88571429 62.97142857 
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Three-phase thermodynamic contact angle: differences  

Time [s] ΔSw ΔSg Δaow [mm-1] Δagw [mm-1] Δago [mm-1] Δaws [mm-1] Δags [mm-1] Δκ ow [mm-1] Δκ go [mm-1] 

1.2333333          

3.85 0.00469 0.002118 0.039614 0.00829 0.004785 0.163147 0.019478 -81.7143 48.2 

5.0833333 -0.00505 0.002011 0.006818 -0.00043 0.016634 -0.04196 0.019484 -80.2571 58.14857 

6.3166667 -0.00632 0.009839 -0.02827 -0.00186 0.057965 -0.08447 0.065049 -79.2286 63.77143 

7.55 -0.00686 0.007104 -0.01248 0.001226 0.033684 -0.05659 0.056814 -79.9429 62.11429 

8.7833333 -0.01427 0.012812 0.015542 -0.00099 0.038703 -0.14576 0.086636 -80.3429 60.2 

10.016667 -0.00674 0.011099 -0.02269 -0.00234 0.067053 -0.07729 0.08265 -80.8857 60.08571 

11.25 -0.00023 0.006982 -0.00632 0.001306 0.051851 -0.0058 0.039862 -81.2571 61.94286 

12.483333 -0.0075 0.001327 0.007647 -0.00182 -0.00715 -0.07095 0.013416 -80.1143 61.4 

13.716667 -0.01033 0.01197 -0.01734 0.00021 0.02755 -0.05438 0.077295 -80.1143 60.68571 

14.95 -0.00243 0.005065 0.00646 0.000881 0.025038 -0.02733 0.035997 -81 60.97143 

16.183333 -0.00784 0.008324 -0.02578 -0.00127 0.027909 -0.09165 0.06479 -81.1429 61.11429 

17.416667 -0.0036 0.004848 0.002208 -0.00092 0.053968 -0.04086 0.033375 -81.5714 61.65714 

18.65 -0.0012 0.00393 -0.00693 -0.00252 0.020317 -0.01905 0.034037 -81.5429 62.6 

19.883333 -0.00315 0.001993 -0.00588 0.003685 0.013527 -0.0185 0.02156 -81.4286 62.54286 

21.116667 -0.00014 0.001218 -0.00279 -0.00078 -0.01518 -0.00469 0.008613 -81.5429 62.62857 

22.35 -0.00071 0.00097 0.001104 -0.00014 0.003616 -0.01049 0.011097 -81.5714 62.85714 

23.583333 -0.00159 7.4E-05 -0.00461 -0.00165 0.011153 -0.00911 -0.01035 -81.4571 62.97143 

24.816667 -0.00045 0.000364 0.002402 0.000367 -0.00155 -0.01877 -0.00069 -81.7429 63.2 

26.05 1E-05 -0.00044 0.002429 0.000489 -0.00342 -0.00028 -0.00577 -82.0571 63.11429 

27.283333 -0.00026 0.000978 -0.00381 0.000878 0.006184 -0.00442 0.014023 -82.0286 63.17143 

28.516667 -0.0004 -0.00043 0.001408 -0.0012 -0.00367 -0.01159 -0.00646 -81.9429 63.45714 

29.75 0 0.000423 -0.00375 0.001568 -0.00097 0.003589 0.008006 -81.9429 63.48571 

30.983333 -0.00046 -0.00057 -0.00097 -0.00094 -0.00166 -0.0138 -0.00972 -81.7714 63.37143 

32.216667 -0.00079 0.000241 0.001463 -0.00091 0.0053 -0.01905 0.001739 -81.7143 63.2 
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Three-phase thermodynamic contact angle: equation solver   

 

 σow [mN/m] σgw [mN/m] σgo [mN/m] 

0.123889 52.1 63.7 11.2 

 

 

Equation:  

(∆𝑎𝑔𝑠 cos 𝜃𝑔𝑜 + ∆𝑎𝑔𝑜 − 𝜅𝑔𝑜𝜙Δ𝑆𝑔)𝜎𝑔𝑜 + ∆𝑎𝑔𝑤𝜎𝑔𝑤 − (∆𝑎𝑤𝑠 cos 𝜃𝑜𝑤 + ∆𝑎𝑜𝑤 − 𝜅𝑜𝑤𝜙Δ𝑆𝑤)𝜎𝑜𝑤 = 0 

 

Time [s] θow [o] θgo [o] θgw [o] Equation Equation squared 

1.2333333 125.9768329 73 115.4087976 5.09 25.88093523451830000 

3.85 125.9768329 73 115.4087976 1.75 3.05298877984986000 

5.0833333 125.9768329 73 115.4087976 -0.95 0.90836656155230100 

6.3166667 125.9768329 73 115.4087976 1.19 1.40834661377316000 

7.55 125.9768329 73 115.4087976 3.33 11.10774383811860000 

8.7833333 125.9768329 73 115.4087976 -0.08 0.00671078735413993 

10.016667 125.9768329 73 115.4087976 -0.19 0.03679307468710450 

11.25 125.9768329 73 115.4087976 1.84 3.38638496442581000 

12.483333 125.9768329 73 115.4087976 2.34 5.48097016963061000 

13.716667 125.9768329 73 115.4087976 0.80 0.63432533576156900 

14.95 125.9768329 73 115.4087976 -0.30 0.09256067287663450 

16.183333 125.9768329 73 115.4087976 1.00 1.00092845126223000 

17.416667 125.9768329 73 115.4087976 -0.48 0.22606144946790200 

18.65 125.9768329 73 115.4087976 1.07 1.13864927673410000 

19.883333 125.9768329 73 115.4087976 -0.51 0.26282364794079400 

21.116667 125.9768329 73 115.4087976 0.09 0.00875389020084656 

22.35 125.9768329 73 115.4087976 0.30 0.08793812863086740 

23.583333 125.9768329 73 115.4087976 -0.24 0.05764097266186590 
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24.816667 125.9768329 73 115.4087976 0.13 0.01566457594811580 

26.05 125.9768329 73 115.4087976 -0.11 0.01223900821404890 

27.283333 125.9768329 73 115.4087976 -0.17 0.02924958605362340 

28.516667 125.9768329 73 115.4087976 -0.01 0.00006007891454337 

29.75 125.9768329 73 115.4087976 -0.29 0.08412078332074550 

30.983333 125.9768329 73 115.4087976 -0.10 0.01085526366843400 Sum of squares Solver 

32.216667 125.9768329 73 115.4087976 5.09 25.88093523451830000 54.9 Change θwo and θog to minimize the sum 
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9.6 Appendix 6 

 

Figure A6. 1. Probability density function of the pore size distribution in the Bentheimer sample used in 

the steady-state three-phase experiment. 
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Gravitational Force Analysis:  

The impact of gravity on the flow of fluids can in fact be assessed using the Bond number (Bo), which 

is the ratio of the pressure change due to buoyancy to the capillary pressure [18]: 

𝐵𝑜 =  
∆𝜌𝑔𝑙

𝑃𝑐
             

where ∆ρ is density difference between the fluid pairs, g is the acceleration due to gravity (9.81 m/s2), 

l is the characteristic length, and Pc is the measured capillary pressure. 

At the pore-scale, l is around 60 µm (average pore diameter – see the pore size distribution, Fig. A6.1). 

This alongside the density data in section 6.1.3.1 of the main manuscript and capillary pressures section 

6.1.4.7 give approximate oil-water and gas-oil Bond numbers of 7.2×10-5 and 7.2×10-4 respectively. 

Gravity has little to no impact on the flow of fluids at the pore-scale, since the gravitational forces are 

small compared to the capillary pressure.  

On the other hand, at the experimental-scale, where l is assumed to be the length of the sample (40 mm), 

the oil-water and gas-oil Bond numbers are 0.048 and 0.48 respectively. This implies that gravitational 

forces could affect some of the macroscopic properties such as saturation. Nonetheless, as shown in 

section 6.1.4.5, we see almost constant fluid saturations in the experiment and no evidence of a capillary 

pressure gradient.  
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Figure A6. 2. Image segmentation workflow. (a) A 5.3 µm/voxel raw cross-sectional image of the dry scan used 

to segment the rock phase directly with the interactive thresholding technique as shown in (f). To segment the 

three-phase scan, in (b), it was first subtracted from the water saturated scan, in (c), to clearly distinguish the oil 

and gas phases, as shown in light grey and white respectively in (d). The oil and gas phases in (d) were then 

segmented with the interactive thresholding technique, as shown in (g); using direct thresholding allowed us to 

assign the intermittent phases, with intermediate grey-scale values, to the phase, either oil or gas, with the closest 

grey-scale value. The segmented rock phase in (f) was then added to the segmented oil and gas phases in (g) as 

shown in (h). The unassigned voxels in (h) were then added as the water phase giving the final segmented three-

phase image in (i).  
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Figure A6. 3. Three-dimensional maps of the in situ connectivity of gas in the repeat experiment conducted 

in the same water-wet sample as the original experiment under three-phase steady-state conditions at a gas 

fractional flow of 0.5 and oil and water fractional flows of 0.25 during increasing (left) and decreasing 

(right) gas flow path. Only the middle part of the sample is shown here as opposed to showing the whole sample 

in the main manuscript. Each disconnected cluster is labelled with a different colour. fg and fw,o refer to gas, oil 

and water fractional flows. N-Euler refers to the normalized Euler number.  

 

 

 

Figure A6. 4. A ternary diagram showing the averaged saturations at each fractional flow in the steady-

state three-phase experiment.  
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Figure A6. 5. Two-phase water and oil relative permeability measured before gas injection in the steady-

state experiment. The relative permeabilities are compared with the measurements of Lin et al. [140]. The 

error bar indicates the uncertainty in the measurements. 

 

 



 Appendices 

264 

 

 

Figure A6. 6. Steady-state three-phase relative permeability of (a) water, (b) oil, and (c) gas measured 

during increasing gas fractional flow – decreasing oil and water fractional flows – and decreasing gas 

fractional flow – increasing oil and water. Error bars indicate the uncertainty in the measurements. 
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Figure A6. 7. The phase diagram of the transition from Darcy regime to the viscous regime for the two fluid 

pairs, oil and water (red) and gas and oil (blue), used in the experiment plotted as a function of the non-

wetting phase capillary number (Canw), gas in the case of gas and oil, and oil in the case of oil and water, 

wetting phase capillary number (Caw), non-wetting phase viscosity (unw), wetting viscosity (um), and Y 

number (Yi) [201].  
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9.7 Appendix 7 
 

 

Figure A7. 1. Probability density function of the (a) pore and (b) throat size distribution in the reservoir 

rock sample used in the mixed-wet experiment.   

 

Figure A7. 2. Image segmentation workflow. (a) A 5.3 µm/voxel raw cross-sectional image of the dry scan used 

to segment the rock phase directly with watershed segmentation, shown in (d). In (b) is a raw two-phase image, 

with oil and water, acquired at fw = 0.5 and fo = 0.5. To segment (b), the watershed algorithm was first used to 

isolate the water phase, and then it was added to the rock phase segmented in (d), the unassigned voxels were then 

considered to be oil and used to give the final segmentation in (e). In (c) is a raw three-phase image, with gas, oil, 

and water, acquired at fg = 1. To segment (c), the watershed algorithm was first used to isolate the water and gas 

phases, and then it was added to the rock phase segmented in (d), the unassigned voxels were then considered to 

be oil and used to give the final segmentation in (f). In the raw images, gas is shown in black, rock in light grey, 

oil in dark grey and water in white. In the segmented images, gas is shown in green, rock in grey, oil in red and 

water in blue. 
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Figure A7. 3. A histogram of the grey-scale values in macro pore space of the reservoir rock at three-phase 

steady-state conditions, where gas, oil and water fractional flows are 0.375, 0.3125, and 0.3125 respectively. 

This example histogram is shown to illustrate the grey-scale value range set for each phase. We assume the 

existence of five phases at three-phase steady-state conditions. Gas, oil and water fractional flows (fg and fw,o) are 

stated. 

 

Figure A7. 4. Displacement in the oil-water intermittency-filled pores at different fractional flows in the 

mixed-wet rock during (a) and (b) increasing gas fractional flow, decreasing oil and water fractional flows, 

and (c) and (d) decreasing gas fractional flow, increasing oil and water, plotted as a function of pore size. 

Displacement here refers to the change in pore occupancy from one fractional flow to another.  Gas, oil and water 

fractional flows (fg and fw,o) are stated. 
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Figure A7. 5. Displacement in the water-filled pores at different fractional flows in the mixed-wet rock 

during (a) and (b) increasing gas fractional flow, decreasing oil and water fractional flows, and (c) and (d) 

decreasing gas fractional flow, increasing oil and water, plotted as a function of pore size. Displacement here 

refers to the change in pore occupancy from one fractional flow to another. Gas, oil and water fractional flows (fg 

and fw,o) are stated. 

 

 

 

 

 


